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Abstract 
Rich gas condensate reservoirs have a high liquid hydrocarbon yield and are often 
developed for their liquid reserves. Fluid characterisation and numerical simulation is a 
challenge due to the near critical nature of such reservoirs. Another development issue 
is the potential loss of productivity and reduction in recoverable reserves below the dew 
point pressure due to condensate drop-out. 
This study investigates the well test behaviour of rich gas condensate reservoirs below 
the dew point pressure and the impact of re-vaporisation of the condensate bank due to 
re-pressurisation by gas injection. The behaviours are investigated using single and 
multi-well numerical simulation models that incorporate velocity dependence effects. 
The modified Peng-Robinson equation of state (EOS) is used to represent the 
thermodynamic properties of the fluids and the EOS parameters are tuned with actual 
reservoir fluid experimental data. Different geological configurations are considered and 
results from compositional simulation are verified with field data. 
The study suggests that, contrary to what happens in lean gas condensate reservoirs, the 
near-wellbore fluid saturation below the dew point pressure in a build-up is different 
from that at the end of the preceding drawdown, because of the significant differences 
in fluid properties and saturations. In rich condensate fluids, it is shown the oil and gas 
properties in the two-phase region are strongly dependent on pressure and the separated 
phases have similar properties. As pressure increases during the build-up, re- 
vaporisation takes place and just above the dew point the fluids recombine to fonn a 
single-phase rich gas. The composite behaviour due to changing fluid saturations is 
shown to be reflected on the well test pressure derivative. As a result, the log-log 
pressure derivative plot of the build-up has a reverse profile to the log-log pressure 
derivative profile of the preceding drawdown. A similar behaviour is observed in 
volatile oils where the liberated gas in the two-phase region re-dissolves in the oil 
during a build-up. A practical method is developed and proposed to evaluate the 
condensate bank storativity, which is used to calculate the bank radius. 
This study also shows that loss in productivity due to liquid drop-out can be reversed by 
a properly designed gas injection scheme and the corresponding changes in saturation 
distributions can be monitored using well test analytical methods. 
Acknowledgement 
Firstly, I would like to thank the Almighty God for the opportunity, mercy and blessings 
bestowed on to me. 
I would like to express my profound gratitude to my supervisor (Professor Alain C. 
Gringarten) at Imperial College, London. His guidance, assistance and review at all 
stages of this project are very much appreciated. 
I am very thankful to my wife (Sola) for her love, patience, support and encouragement. 
Special thanks to my parents, son, brothers, sisters, parents-in-law and grandparents for 
their love, patience, support and encouragement. 
I would also like to thank my present and past research colleagues: Dr. Manijeh 
Bozorgzadeh, Dr. Moshood Sanni, Dr. Thomas von Schroeter, Aram Amin, Thabo 
Kgogo, Aliki Mavromoustaki for their comments and valuable assistance during this 
work. 
I gratefully acknowledge and sincerely thank the Petroleum Development Trust Fund 
(PTDF) of Nigeria who financially sponsored my research and the Imperial College 
Joint Industry Project (JIP) members on Gas Condensate Well Test Analysis (in 
particular Burlington Resources and ConocoPhillips) and Deconvolution JIP for 
providing data and periodic reviews. 
Finally, I wish to thank everyone who added to the value of the work described in this 
thesis. 
Table of Contents 
Chapter 1 Introduction ......................................................................................................... 1 1.1 Background and Motivation ...................................................................................... .. I I. -) Objective 
.................................................................................................................... .. 4 1.3 Methodology 
.............................................................................................................. .. 5 1.4 Report Outline ..................................................... 6 ...................................................... .. 1.5 Publication ............................ . 6 . ................................................................................... .. 
Chapter 2 Literature Review ................................................................................................ 7 2.1 Retrograde Condensate Fluids and Reservoirs ............................................................ 7 
2.2 Fluid Characterisation 
.................................................................................................. 8 
2.2.1 Gas Condensate Compressibility Factors .......................................................... 10 
2.2.2 Gas Condensate Well Testing ........................................................................... 11 
2.2.3 Composite Reservoirs ....................................................................................... 13 
2.2.4 Deconvolution ................................................................................................... 14 
2.3 Velocity Effects on Well Deliverability .................................................................... 16 
2.3.1 Capillary Number Effect ................................................................................... 16 
2.3.21 Non Darcy Flow ................................................................................................ 20 
2.4 Well Test Interpretation Methodologies and Deliverability Predictions ................... 21 
2.5 Summary .................................................................................................................... 27 
Chapter 3 PVT MODELLING AND SIMULATION SETUP ........................................ 28 3.1 Introduction ................................................................................................................ 28 
3.2 PVT Modelling .......................................................................................................... 28 
3.2.1 Rich Gas Condensate Sample (Fluid M) ........................................................... 29 
3.2.2 Fluid M Characterisation .................................................................................. 
30 
3.3 Numerical Simulation Setup and Validation ............................................................. 33 
3.3.1 1D Radial Model ............................................................................................... 
33 
3.3.2 3D Cartesian Model .......................................................................................... 
35 
3.4 Relative Permeability ................................................................................................. 
38 
3.5 Effects of Capillary Number on Relative Permeability ............................................. 39 
3.5.1 Capillary Number and Non Darcy Modelling ................................................... 
40 
3.5.2 Sensitivity of N,, Parameter on Pressure Drawdown ......................................... 
46 
3.6 Summary .................................................................................................................... 
48 
Chapter 4 RICH GAS CONDENSATE DYNAMICS ...................................................... 49 
4.1 Introduction ................................................................................................................ 
49 
4.2 Effects of Production Rate on Near-wellbore Behaviour .......................................... 
49 
4.2.1 Drawdown Saturation and Relative Permeability Profiles ................................ 50 
4.2.2 Transient Pressure and Saturation Profiles during Shut-in (Build-up) .............. 51 
4.2.3 Comparison of BU Derivative and So .............................................................. 57 
4.2.4 Determining the Radius of the Liquid Drop-out Region ................................... 62 
4.3 Effects of Production on Near-wellbore Behaviour in a Closed System ................... 74 
4.4 Effects of Production in a Geologically Composite System ...................................... 78 
4.5 Effects of Re-vaporisation due to Re-pressurisation ................................................ 80 
4.5.1 Effect of Re-pressurisation - Homogenous Reservoir ...................................... 81 
4.5.2 Effect of Re-pressurisation - Composite Reservoir .......................................... 95 
4.6 Summary and Conclusions ...................................................................................... .. 
98 
Chapter 5 Comparison of Rich Gas Dynamics with Volatile Oil & Lean Gas ............ 100 5.1 Volatile Oil Well Test Dynamics 
............................................................................. 101 
5.1.1 BU4 Changing Fluid Saturations and Properties ............................................ 102 
5.1.2 BU6 Changing Fluid Saturations and Properties ............................................ 105 
5.2 Lean Gas Condensate Well Test Dynamics 
............................................................. 108 
5.2.1 BU4 Changing Fluid Saturations and Properties ............................................ 109 
5.2.2. BU6 Changing Fluid Saturations and Properties ............................................ 112 
5.3 Summary and Discussions ....................................................................................... 115 
Chapter 6 Well Test Analysis in a Rich Condensate Reservoir .................................... 116 6.1 Reservoir Description - General Overview .............................................................. 117 
6.2 Well Test Analysis of Well W-7 .............................................................................. 119 
6.2.1 Data Availability and Preparation ................................................................... 120 
6.2.2 Rate History 
.................................................................................................... 120 
6.2.3 Model Identification and Rate Validation ....................................................... 
121 
6.2.4 Analysis and Results ....................................................................................... 128 
6.3 Deconvolution Analysis ........................................................................................... 138 
6.4 Numerical Well Test Modelling .............................................................................. 141 
6.4.1 Voronoi Grid (Saphir) Numerical Simulation ................................................. 141 
6.4.2 MTGc Numerical Compositional Modelling (E300) ...................................... 145 
6.5 Summary and Discussions ....................................................................................... 
150 
Chapter 7 Summary and Conclusion .............................................................................. 152 
7.1 Recommendations and Further Work ...................................................................... 155 
RIEFERIENCES ........................................................................................................................ 
157 
APPENDICES 
Appendix A: W- I fluid analysis and compositional data ............................................... 
165 
Appendix B: Total compressibility and storativity ratio determination ............................. 179 
Appendix C: Simulation grid setup and verification .................................................. 
182 
Appendix D: E300 simulation model file ............................................................... 
204 
Appendix E: W-7 log interpretation ..................................................................... 
208 
Appendix F: W-7 flow period durations and analysis rates .......................................... 
209 
Appendix G: W-7 detailed analysis parameters and deconvolution verification .................. 213 
Appendix H: Volatile Oil and Lean Gas Model Parameters ........................................ 227 
IV 
List of Figures 
Figure I-1: Time lapse log-log pressure change and derivatives from a rich condensate reservoir ............. 3 
Figure 2-1: Schematic phase diagram highlighting rich retrograde condensate fluids .............................. .. 7 
Figure 2-2: Models for 2-region composite reservoirs ............................................................................... 13 
Figure 2-3: Comparison of the relative permeability distributions for lean and rich gas condensates ....... 22 
Figure 2-4: Lean gas condensate saturation distribution with increasing and decreasing flow rates ......... 23 
Figure 2-5: Impact of capillary number effects on saturation profiles and derivative shapes .................... 23 
Figure 3-1: Comparisons of EOS model results and experimental data .................................................... 32 
Figure 3-2: Radial grid validation of numerical simulation model - simulated pressure history .............. 34 
Figure 3-3: Radial grid validation of numerical simulation model - radial flow derivative stabilisation.. 34 
Figure 3-4: Composite radial model validation - simulated pressure history ............................................ 35 
Figure 3-5: Composite radial model validation - radial flow derivative stabilisations .............................. 35 
Figure 3-6: Cartesian model validation - simulated pressure history ........................................................ 36 
Figure 3-7: Cartesian model validation - radial flow derivative stabilisation (Build-up) .......................... 37 
Figure 3-8: Cartesian model validation - radial flow derivative stabilisation (Drawdown) ...................... 37 
Figure 3-9: Gas-Oil relative permeability curves from the MTGc reservoir . ............................................ 38 
Figure 3 -10: Sensitivity Analysis on Ncb ................................................................................................... 39 
Figure 3-11: Log-Log normalised BU derivatives (Bozorgzadeh and Gringarten) ................................... 39 
Figure 3-12: Single well (W-7) radial grid ........................................................................................ ; ....... 41 
Figure 3-13: Multi-rate test - sensitivity to skin ......................................................................................... 41 
Figure 3-14: Multi-rate test - simulation match using skin adjustment ..................................................... 42 
Figure 3-15: Simulated low pressure gas-oil surface tension and gas viscosity profiles ........................... 43 
Figure 3-16: Comparison of the measured and simulated data (with the capillary number model) ........... 45 
Figure 3-17: Multi-rate test - sensitivity to non-Darcy empirical correlation parameters .......................... 46 
Figure 3-18: Sensitivity to the base capillary number (Ncb) ....................................................................... 47 
Figure 3-19: Sensitivity to the 'np' parameter ............................................................................................ 
47 
Figure 4-1: BHP comparisons of models run with and without velocity dependent parameters (Vdep) ... 50 
Figure 4-2: DD I S,, and kr Plots (with and without velocity dependent parameters-Vdep) ....................... 50 
Figure 4-3: DD2 S. and kr Plots (with and without velocity dependent parameters) ................................. 51 
Figure 4-4: DD3 S,, and kr Plots (with and without velocity dependent parameters) ................................. 51 
Figure 4-5: Transient pressure profile during shut-in (BU2) ..................................................................... 52 
Figure 4-6: Transient oil saturation profile during shut-in (BU2) .............................................................. 52 
Figure 4-7: Changing oil and gas viscosity during shut-in (BU2) ............................................................. 53 
Figure 4-8: Changing oil and gas density during shut-in (BU2) ................................................................ 53 
Figure 4-9: Changing surface tension and relative permeability profile during shut-in (BU2) ................. 54 
Figure 4-10: Transient pressure profile during shut-in (BU3) ................................................................... 54 
Figure 4-11 Transient oil saturation profile during shut-in (BU3) ............................................................. 55 
Figure 4-12: Changing oil and gas viscosity during shut-in (BU3) ........................................................... 56 
Figure 4-13: Changing oil and gas density during shut-in (BU3) .............................................................. 56 
Figure 4-14: Changing surface tension and relative permeability profile during shut-in (BU3) ............... 56 
V 
Figure 4-15: Rate normalised pressure change and derivative plots (BU 1, BU2 & BU3) ......................... 57 
Figure 4-16: BU2 condensate saturation profile (A) and asymptote plot (B) ........................................... 58 
Figure 4-17: Comparison of the derivative and condensate saturation profiles (BU2) .............................. 59 
Figure 4-18: BU3 condensate saturation profile (A) and asymptote plot (B) ............................................ 59 
Figure 4-19: Comparison of the derivative and condensate saturation profiles (BU3) .............................. 60 
Figure 4-20: Well test model match to simulated data (BU2) ................................................................... 66 
Figure 4-2 1: Comparison of drawdown (DD2) and Subsequent build-up (BU2) derivative ..................... 67 
Figure 4-22 Well test model match to simulated data (BU3) ..................................................................... 68 
Figure 4-23): Skins vs. rate relationship ................................................................ ..... . 69 . . ............................. 
Figure 4-24: Compositional simulation non-Darcy factor profile .............................................................. 70 
Figure 4-25: Comparison of storativity ratio using the detailed and simplified method ............................ 73 
Figure 4-26: Error difference between detailed and simplified method ..................................................... 73 
Figure 4-27: Pressure and production profiles ........................................................................................... 74 
Figure 4-28: Rate normalised pressure change and derivative ................................................................... 75 
Figure 4-29: Pressure - rate history (A) and rate normalised pressures and derivatives (B) ..................... 76 
Figure 4-30: Transient oil saturation profile (BU2) ................................................................................... 76 
Figure 4-3 1: Pressure and derivative model match to simulated data (BU2) ............................................. 77 
Figure 4-32: Pressure - rate history (A) and rate normalised pressures and derivatives (B) ..................... 77 
Figure 4-33: Pressure - rate history (A) and rate normalised pressures and derivatives (B) .................... 78 
Figure 4-34: Well Test Model Match to Simulated Data (BU3) ................................................................ 79 
Figure 4-35: Fluid separation and gas injection schematic ........................................................................ 80 
Figure 4-36: Simulated pressure history .................................................................................................... 81 
Figure 4-37: Drawdown and build-up oil saturation profiles during gas injection (End DD vs. Start BU) 82 
Figure 4-38: Drawdown and build-up oil saturation profiles during gas injection (End DD vs. End BU) 82 
Figure 4-39: Drawdown and build-up oil viscosity profiles during gas injection ...................................... 84 
Figure 4-40: Drawdown and build-up surface tension profiles during gas injection ................................. 84 
Figure 4-41: Build-up response of closed system and moving constant pressure boundary ...................... 85 
Figure 4-42: Constant boundary representation using method of images .................................................. 86 
Figure 4-43: Simulation grid pressure x-section at time 0 days ................................................................. 87 
Figure 4-44: Simulation grid pressure x-section at time 540 days ............................................................. 88 
Figure 4-45: Simulation grid pressure x-section at time 1340 days ........................................................... 88 
Figure 4-46: BU derivative response FP4 (BU2), FP 10 (BU4), FP 12 (BU6) ........................................... 89 
Figure 4-47: Reservoir condensate saturation profile (BU 1) ..................................................................... 90 
Figure 4-48: Reservoir condensate saturation profile (BU4) ..................................................................... 
90 
Figure 4-49: Reservoir condensate saturation profile (BU5) ..................................................................... 91 
Figure 4-50: Reservoir condensate saturation profile (BU 10) ................................................................... 91 
Figure 4-5 1: BU derivative response FP4 (BU2), FP 12 (BU6), FPI 8 (BU9), FP20 (BUIO) ................... 92 
Figure 4-52: Near-wellbore condensate saturation profile (BUI) .............................................................. 93 
Figure 4-53: Near-wellbore condensate saturation profile (BU4) .............................................................. 93 
Figure 4-54: Near-wellbore condensate saturation profile (BU8) .............................................................. 94 
Figure 4-55: Near-wellbore condensate saturation profile (BU9) .............................................................. 94 
vi 
Figure 4-56: Simulated pressure history (Comp-C 1) .................................................. 95 ............................. .. Figure 4-57: BU derivative response FP4 (BU2), FP 10 (BU5), FP 18 (BU9) 
......................................... .. 
96 
Figure 4-58: BU derivative response FP4 (BU2), FP 18 (BU9), FP20 (BUIO), FP 22 (BUI 1) 
................ 97 
Figure 5-1: Simulated pressure and production history - Volatile oil reservoir ...................................... 101 
Figure 5-2: Log-log pressure and derivative diagnostic plot - Volatile oil reservoir .............................. 102 
Figure 5-3: Pressure (A) and gas saturation (B) profiles (BU4) - Volatile oil reservoir ......................... 102 
Figure 5-4: Oil (A) and gas (B) viscosity profiles (BU4) - Volatile oil reservoir ................................... 103 
Figure 5-5: Oil (A) and gas (B) density profiles (BU4) - Volatile oil reservoir ...................................... 103 
Figure 5-6: Gas relative permeability and surface tension (B) profiles (BU4) - Volatile oil reservoir ... 
103 
Figure 5-7: Comparison of the derivative and gas saturation profiles (BU4)- Volatile oil ...................... 104 
Figure 5-8: Pressure (A) and gas saturation (B) profiles (BU6) - Volatile oil reservoir ......................... 105 
Figure 5-9: Oil (A) and gas (B) viscosity profiles (BU6) - Volatile oil reservoir ................................... 105 
Figure 5-10: Oil (A) and gas (B) density profiles (BU6) - Volatile oil reservoir .................................... 105 
Figure 5-11: Gas relative permeability and surface tension (B) profiles (BU6) - Volatile oil reservoir. 106 
Figure 5-12: Comparison of the derivative and gas saturation profiles (BU6) - Volatile oil .................. 107 
Figure 5-13: Simulated pressure and production history - Lean gas reservoir ........................................ 108 
Figure 5-14: Log-log pressure and derivative diagnostic plot - Lean gas reservoir ................................ 109 
Figure 5-15: Pressure (A) and condensate saturation (B) profiles (BU4) - Lean gas reservoir ............... 109 
Figure 5-16: Oil (A) and gas (B) viscosity profiles (BU4) - Lean gas reservoir ..................................... 110 
Figure 5-17: Oil (A) and gas (B) density profiles (BU4) - Lean gas reservoir ........................................ 110 
Figure 5-18: Gas relative permeability and surface tension (B) profiles (BU4) - Lean gas reservoir ..... 110 
Figure 5-19: Comparison of the derivative and gas saturation profiles (BU4) - Lean gas ...................... 112 
Figure 5-20: Pressure (A) and condensate saturation (B) profiles (BU6) - Lean gas reservoir ............... 112 
Figure 5-2 1: Oil (A) and gas (B) viscosity profiles (BU6) - Lean gas reservoir ..................................... 113 
Figure 5-22: Oil (A) and gas (B) density profiles (BU6) - Lean gas reservoir ........................................ 113 
Figure 5-23: Gas relative permeability and surface tension (B) profiles (BU6) - Lean gas reservoir ..... 113 
Figure 5-24: Comparison of the derivative and gas saturation profiles (BU6) - Lean gas ...................... 114 
Figure 6-1: MTGc reservoir model at initial fluid saturations ................................................................. 117 
Figure 6-2: MTGc top structure schematic showing faults, wells, well utility and distances .................. 118 
Figure 6-3: W-7 entire rate and bottomhole pressure history .................................................................. 
121 
Figure 6-4: Log-log rate validation of all flow periods (build-ups and drawdowns) ............................... 122 
Figure 6-5: W -7 Rate normalised pressure and derivative (build-ups) ................................................... 122 
Figure 6-6: IEWT pressure and rate history ............................................................................................. 
123 
Figure 6-7: Log-log rate validation of IEWT flow periods ...................................................................... 
123 
Figure 6-8: Log-log rate validation and diagnosis of IEWT final build-up (BU) .................................... 124 
Figure 6-9: W-7 rate validation of analysable build-ups (BU 11,32,65,79,85,161,164,189 & 232). 125 
Figure 6-10: Normalised pressure change and derivative plots; BU 11,32,43 ....................................... 125 
Figure 6-11: Normalised pressure change and derivative plots; BU 11,32,65,79 ................................. 126 
Figure 6-12: Normalised pressure change and derivative plots; BU 11,32,65,79,85,161 ................... 126 
Figure 6-13: Normalised pressure change and derivative plots; BU 11,32,65,79,85,161,164,189 ... 126 
Figure 6-14: Well test model match (FP9) ............................................................................................... 128 
Vil 
Figure 6-15: Well test model match (FPl 1) ...................... 129 ....................................................................... 
Figure 6-16: Well test model match (FP32) ........................ 130 ..................................................................... 
Figure 6-17: Well test model match (FP43) ..................... 130 ........................................................................ 
Figure 6-18: Well test model match (FP65) .............................. . 131 . ............................................................. 
Figure 6-19: Well test model match (FP79) ............ 131 ................................................................................. 
Figure 6-20: Well test model match (FP85) ............................................................................................. 132 
Figure 6-2 1: Well test model match (FP 16 1) ............................. . 132 .. ........................................................... 
Figure 6-22: Well test model match (FP164) ............................. 133 .............................................................. 
Figure 6-23: Well test model match (FP 189) ........................................ . 133 . ................................................. 
Figure 6-24: Well test model match (FP232) ........................................................................................... 134 
Figure 6-25: Wellbore skin vs. rate relationship ...................................................................................... 135 
Figure 6-26: Total skin vs. time plot ........................................................................................................ 135 
Figure 6-27: Mobility ratio (region I /region2) vs. time plot ..................................................................... 135 
Figure 6-28: Effects of changing condensate bank radius in a heterogeneous infinite acting reservoir.. 136 
Figure 6-29: Effects of changing bank radius in a heterogeneous reservoir with channel boundaries .... 137 
Figure 6-30: Comparison of the IEWT (FL- 11) build-up and deconvolved derivatives .......................... 138 
Figure 6-3 1: Comparison of deconvolved derivatives of the I st (BU 11) and final (BU232) build-ups ... 139 
Figure 6-32: Comparison of time-lapse deconvolved derivatives over the entire production history ..... 139 
Figure 6-33: MTGc composite Voronoi grid with faults and active wells .............................................. 142 
Figure 6-34: Numerical Model Match: Simulated Pressure History - Constant Skin ............................. 142 
Figure 6-3 5: Log-log pressure and derivative match plot - FL II............................................................ 143 
Figure 6-36: Log-log pressure and derivative plot of a simulated extended (500 days) drawdown ........ 
144 
Figure 6-37: Comparison of deconvolved derivative and simulated extended drawdown derivative ...... 
144 
Figure 6-38: Comparison of simulated and observed pressure history .................................................... 
146 
Figure 6-39: Comparison of simulated and observed pressure change and derivative (FPI 1) ................ 
147 
Figure 6-40: Comparison of simulated and observed pressure change and derivatives (FP II& FP79). 147 
Figure 6-4 1: Changing pressure profile around W-7 during build-up (FP79) ......................................... 
148 
Figure 6-42: Changing condensate saturation profile around W-7 during build-up (FP79) .................... 
149 
viii 
List of Tables 
Table 3-1: Compositional analysis for MTGc fluid (W-1) ......................................................... 29 
Table 3-2: W-1 component grouping (constrained by W-4 C12+ mol % and MW split) ............. 31 
Table 3-3: W-1 component grouping matched to the FMM ...................................................... 31 
Table 4-1: Input data and constraint for simulation model ......................................................... 49 
Table 4-2: BU2 well test interpretation model ............................................................................ 66 
Table 4-3: BU2 Well Test Interpretation Results ........................................................................ 66 
Table 4-4: Well test interpretation model (BU2) ........................................................................ 68 
Table 4-5: Well test interpretation results (BU3) ........................................................................ 68 
Table 4-6: Input data and constraint for simulation model ......................................................... 74 
Table 4-7: Well Test Interpretation Results (BU2) ..................................................................... 77 
Table 4-8: Input data and constraint for simulation model ......................................................... 78 
Table 4-9: BU3 Well Test Interpretation Results ........................................................................ 79 
Table 4-10: Input data and constraint for simulation model ....................................................... 81 
Table 4-11: Input data and constraint for simulation model ....................................................... 95 
Table 6-1 MTGc log and core averaged data (Burlington 2005) ............................................. 118 
Table 6-2: Well test analysis results (FP9) ................................................................................ 128 
Table 6-3: Well test analysis results (FP I I) .............................................................................. 129 
Table 6-4: Well test analysis results (FP32) .............................................................................. 130 
Table 6-5: Well test analysis results (FP43) .............................................................................. 131 
Table 6-6: Well test analysis results (FP65) .............................................................................. 131 
Table 6-7: Well test analysis results (FP79) .............................................................................. 131 
Table 6-8: Well test analysis results (FP85) .............................................................................. 132 
Table 6-9: Well test analysis results (FP161) ............................................................................ 132 
Table 6-10: Well test analysis results (FP164) .......................................................................... 133 
Table 6-11: Wel I test analysis results (FP 189) .......................................................................... 133 
Table 6-12: Well test analysis results (FP232) ......................................................................... 134 
Table 6-13: Summary of build-up Interpretation results .......................................................... 134 
Table 6-14: Model parameters for a 3-region composite, infinite-acting reservoir ................. 136 
Table 6-15: Model parameters for a 3-region composite reservoir with channel boundaries.. 136 
Ix 
Nomenclature 
ID One Dimensional 
3D Three Dimensional 
B Formation Volume Factor 
c Compressibility 
C Wellbore Storage 
h Formation Thickness 
k Permeability 
L Length 
M Mobility Ratio 
m(p) Pseudo Pressure 
Nc Capillary Number 
Ncb Base Capillary Number 
nNc without Capillary number 
Q Flow Rate 
P Pressure 
PD' Pressure 
PC Critical Pressure 
R, Solution Gas - Oil Ratio 
r Radial Distance From Wellbore 
r, Radius of Composite Discontinuity (region I) 
r2 Radius of Composite Discontinuity (region2) 
r,, Well Radius 
s Skin 
S: Saturation 
SgC Critical Gas Saturation 
S, Residual Saturation 
T Temperature 
t Time 
z Gas Deviation Factor 
Subscripts 
ab, Absolute 
av Average 
b Bubble point 
c Connate or Critical 
D Dimensionless 
dp Dew point 
eff Effective 
9 Gas 
i Initial 
0 Oil 
r Relative or Residual 
ref Reference 
t Total 
V Vapour 
w Water 
wf Well Flowing 
x 
Greek 
ý1 Viscosity 
v Velocity 
(D Porosity 
P Density 
0 Factor Representing the Turbulence or non-Darcy Flow Effect. 
x Mobility 
a Interfacial Tension 
Abbreviation 
BHP Bottomhole Pressure 
BU Build-up, the conditions for shutting a well 
CCE Constant Composition Expansion 
CGR Condensate to Gas Ratio 
CVD Constant Volume Depletion 
DD Drawdown, the conditions for producing a well 
DST Drill Stem Test 
EOR Enhanced Oil Recovery 
ECIS Equation of State 
EWT Extended Well Test 
GOR Gas to Oil Ratio 
LGR Local Grid Refinement 
MD Measured Depth 
MTGc Modified name of a gas condensate reservoir studied in this research 
MW Molecular Weight 
PR Peng-Robinson 
PVT Pressure- Vo I ume-Temperature relationship 
SCN Single Carbon Number 
X1 
Chapter I 
Introduction 
1.1 Background and Motivation 
Rich gas condensate reservoirs are characterised as having a high liquid hydrocarbon 
yield and are often developed for their liquid reserves. In comparison to lean gas 
condensates, rich condensates have higher percentage of intermediates and C7+ 
components, higher specific gravity, lower gas-oil-ratio and lower API. They pose a 
challenging problem for fluid characterisation and well test analysis, due to their near 
critical nature and a unique problem in reservoir development as a result of the 
significant potential loss in liquid reserves for production below the dew point 
pressure. 
The depletion of rich gas condensate reservoirs to pressures significantly below the 
dew point is a topic of increasing interest as deeper, hotter hydrocarbon reservoirs are 
exploited (Barnum et al. 1995). The development plan, cost and risk to develop 
reservoirs under these extreme conditions highlights the need to better understand the 
factors controlling the decline of well productivity due to hydrocarbon liquid saturation 
developing in the near-wellbore region of the reservoir as the flowing bottomhole 
pressure declines below the dew point pressure. 
All gas condensate reservoirs exhibit a complex behaviour due to the existence of a 
two-fluid system, reservoir gas and liquid condensate. Many authors (Economides et 
al. 1987, Yu et al. 1996, Blom and Hagoort 1998, Gringarten et al. 2000) have shown 
that in condensate systems, when the pressure around a well drops below the dew point 
pressure, retrograde condensation occurs and several zones are created with different 
liquid saturations. Gringarten et al. (2000) showed that for lean gas condensate 
reservoirs, three different mobility zones exist when the near-wellbore pressure drops 
below the dew point pressure: (1) an outer zone away from the well, with the initial 
liquid condensate saturation; (2) a zone nearer to the well, with increased condensate 
saturation and lower gas mobility; and (3) a zone in the immediate vicinity of the well 
with high capillary number which increases the gas relative permeability, resulting in a 
recovery of much of the gas mobility lost from condensate blockage. 
1 
Productivity loss from gas condensate reservoirs due to condensate blockage is well 
documented in the literature (Hinchman and Barree 1985, Economides et al. 1987, 
Gringarten et al. 2000, Hashemi 2006). Using compositional simulation, Gringarten et 
al. (2000) showed a non-reversible reduction in productivity could exist in lean 
condensate reservoirs, for production below the dew point. Barnum et al. (1995) also 
showed that productivity impairment results in significant reduction in gas recovery for 
wells with a permeability-thickness below 1000 mD-ft. They concluded that, the richer 
the gas condensate, the greater the liquid build-up in the near-wellbore region, and 
consequently the larger the productivity impairment. In the extreme case, they showed 
an example in which a well ceased production below the dew point pressure. 
Rich gas condensates reservoirs are often developed using secondary or enhanced oil 
recovery (EOR) mechanisms to maximise liquids recovery. Monitoring and 
understanding behaviour of the two-phase region during production is vital in assessing 
the potential impact on productivity and ultimate recovery. Gas injection is the most 
popular EOR option in rich gas condensate reservoirs and has long been applied. 
Expensive gas compression and the current high value of gas are constraints for the gas 
injection option. The main objective is to sustain the average reservoir pressure (and 
possibly the flowing bottomhole pressure) above the dew point pressure, as below the 
dew point pressure, hydrocarbon liquid recovery is less efficient. In addition, below the 
dew point gas injection can improve condensate recovery by displacing condensed 
liquids towards producing wells and vaporising the intermediate and heavy 
components of the condensate. 
Time-lapse well test pressure derivatives (Figure 1-1) from an actual rich gas 
condensate reservoir in a complex geological setting as it undergoes primary 
production followed by gas injection suggests the changing fluid saturations can 
be 
monitored using well test analytical methods. These well test behaviours will 
be 
studied and analysed as part of this thesis. 
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1.2 Objective 
Most of the work done to date, to understand and characterise the behaviour retrograde 
condensate reservoirs using well test analysis have been conducted on lean condensate 
fluids. 
Bozorgzadeh et al. (2006) recently introduced a method for estimating the condensate- 
bank radius from build-up data, and verified their results using compositional 
simulation of field data from a lean gas condensate reservoir. The method uses the dry 
gas pseudo pressure and an independent determination of the storativity ratio [0c, h]112 
between the two-phase condensate and gas region around the well and the original gas 
away from the well. For practical well test analysis, this method can be difficult to 
apply as many of the input parameters required to calculate two-phase 
compressibilities require compositional modelling using a tuned EOS. 
Many effects leading to loss in productivity and recovery are possibly amplified for 
rich condensate fluids. No published study has clearly demonstrated understanding of 
the dynamics of rich condensate reservoirs producing below the dew point from a well 
testing perspective. This is primarily due to the complexities in accurately 
characterising rich condensate fluids, lack of good quality well test field data, and the 
limitation of current well test analytical tools to handle compositional changes. 
The three main objectives of this project are: 
1. ) To establish an understanding of the near-wellbore well test behaviour in rich 
condensate reservoirs below the dew point pressure and compare the results with 
published behaviours from lean gas condensate and volatile oil reservoirs. 
2. ) Develop a practical method of estimating the condensate bank radius from build- 
up data. 
3. ) Investigate the effects and monitoring of re-vaporisation due to re-pressurisation by 
gas injection using compositional simulation and well test methods. 
The changing fluid saturations around the wellbore, velocity dependence effects, the 
condensate bank radius and liquid re-vaporisation due to re-pressurisation are vital in 
assessing productivity changes and the impact on recovery. 
4 
1.3 Methodology 
ID and 3D single well compositional simulations (Eclipse 300) with and without 
capillary number (Nj and non-Darcy (Nd) effects were initially carried out in order to 
validate compositional model response with analytical models and assess their (N,. and 
NO impact on productivity. Various configurations of the compositional simulation 
models were run to investigate the changing behaviour of the condensate bank. 
Simulation generated build-up data were analysed to assess the near-wellbore changing 
fluid distributions using composite well test models. The condensate bank radius was 
calculated using storativity ratios determined from the build-up interpretation method 
(Bozorgzadeh and Gringarten 2004) and verified with simulated fine grid fluid 
saturation profiles. A practical method of calculating the storativity ratio was then 
developed and verified. 
The effect of re-vaporisation of the condensate bank due to re-pressurisation by gas 
injection was studied using multi-well numerical compositional simulations. We 
considered scenarios where the average reservoir pressure was initially below the dew 
point pressure, and then gradually increased above the dew point due to gas injection. 
The behaviour of an actual rich gas condensate reservoir in a complex geological 
setting developed initially by primary production followed by gas injection is 
investigated using well test analytical methods, numerical simulation and time lapse 
deconvolution. The knowledge obtained from the theoretical studies was applied to the 
analysis of actual field data. The single phase pseudo-pressure approach and composite 
well test models are used to evaluate productivity impairment. The study shows severe 
reduction in gas mobility over time for production below the dew point pressure. 
Interpretations of the pressure derivative responses after the commencement of gas 
injection suggest condensate displacement and re-vaporisation occurs in the reservoir. 
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1.4 Report Outline 
This report consists of seven parts. 
Chapter I introduces the definition of the problem, motivation, objectives and the 
methodology. 
Chapter 2 provides a structured literature review on the topics pertinent to this project 
such as: gas condensate reservoirs; characterisation of condensate fluids; gas 
condensate well testing and deconvolution. A review of published well test behaviours, 
interpretation methodologies and deliverability predictions in gas condensate and 
volatile oil reservoirs is also conducted. 
Chapter 3 describes the fluid modelling for a rich gas condensate and the generation of 
a representative EOS. This chapter includes the verification of the numerical 
simulation setup i. e. gridding, relative permeabilities and non-Darcy and capillary 
number modelling. 
Chapter 4 shows the results of the simulation studies that investigate the near-wellbore 
fluid behaviour for production below the dew point pressure and the effects of re- 
vaporisation due to re-pressurisation. In addition, a practical method for the storativity 
ratio calculation is presented and verified. 
Chapter 5 compares the observed behaviours in rich gas condensate reservoirs with 
behaviours in volatile oil and lean gas condensate reservoirs. 
Chapter 6 presents the interpretation of pressure transient data from a rich gas 
condensate reservoir by conventional well test analysis and verification by numerical 
simulations. The problems and challenges encountered with solutions and results of the 
well test interpretation are presented and discussed. 
The conclusions of the study and recommendations are presented in Chapter 7. 
1.5 Publication 
Publication as a result of this thesis: 
Olalekan A. Aluko and Alain C. Gringarten.: "Well Test Dynamics of Rich Gas 
Condensate Reservoirs under Gas Injection" SPE 121848, paper submitted for 
presentation at the SPE EUROPEC 2009 seminar to be held in the Amsterdam, The 
Netherlands, 8-11 June, 2009. 
6 
Chapter 2 
Literature Review 
2.1 Retrograde Condensate Fluids and Reservoirs 
Gas condensate fluids in hydrocarbon reservoirs by definition are initially in a gaseous 
phase capable of exhibiting retrograde behaviour - liquid condensation due to 
isothermal depletion - during production. Compared to dry and wet gases, the presence 
of heavy hydrocarbons expands the phase envelope (Danesh 1998), causing the 
reservoir temperature to lie between the critical point and cricondentherm. (maximum 
temperature on the phase envelope) as shown in Figure 2-1. Retrograde condensate 
fluids occupy an area between wet gases and volatile oils on the phase envelope with 
rich condensate fluids confined to a narrow region close to the volatile oils. 
:3 
-J 
L 
Temperature 
Figure 2-1: Schematic phase diagram highlighting rich retrograde condensate fluids 
There is no clear definition in the literature of where the transition between rich and 
lean condensates occurs on the phase plot. However, the following guide 
lines are 
often used to distinguish rich condensate fluids: an initial producing gas-oil-ratio of 
3300 to 5000 scf/stb (McCain 1989), heptane plus concentrations close to 12.5% 
(Danesh 1998), maximum liquid drop-outs of up to 35% and an initial liquid yield of 
over 100 stb/MMscf Yisheng et al. (1998), attempted to categorise condensate 
fluids 
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as lean, middle, rich and near critical based on their fluid properties. Lumping the rich 
and near critical gases as "rich", their property ranges can be summarised as: 
C7+ MOM 4.0 - 12.5%; Density, 19 - 31 lb/ft3; GOR, 2800 - 8000 scf/STB 
A definition is proposed, which states that "a rich gas condensate reservoir contains 
hydrocarbon fluids initially in a gaseous phase, having an initial yield greater 100 
stb/MMscf (initial GOR less than 10,000 scf/stb), and capable of exhibiting retrograde 
behaviour with a maximum liquid drop-out greater than 10%". 
The process of retrograde condensation can be described with the above phase 
diagram. The reservoir pressure is initially above the dew point pressure and the fluid 
is in the gaseous phase (point A). During isothermal depletion, the gas exhibits a dew 
point (Point B). As pressure is further reduced, liquid condenses from gas in the 
reservoir, which initially is immobile. Theoretically at lower pressures (point Q, liquid 
re-vaporisation should commence. This probably does not occur to a large extent in the 
reservoir due to compositional changes during production (McCain 1989). The amount 
of potentially condensable hydrocarbons in the reservoir increases with the richness of 
the gas. 
2.2 Fluid Characterisation 
Representative fluid samples and accurate laboratory PVT experiments are vital for 
characterising rich retrograde condensate fluids. Detailed measurements of fluid 
composition, molecular weight, viscosity, compressibility, solubility, formation 
volume factors and experiments such as constant volume depletion (CVD); constant 
composition expansion (CCE) and swelling tests are required for fluid characterisation. 
The CVD experiment is an extremely important laboratory test which monitors the 
phase and volumetric changes of a reservoir gas sample at reservoir conditions as 
pressure drops below the dew point and equilibrium gas is removed. The CVD 
experiment simulates closely, the behaviour of a gas condensate reservoir undergoing 
depletion. 
These measurements serve as key inputs for modelling the fluid behaviour using 
equations-of-states (EOS) required for evaluating their behaviour during depletion and 
predicting their performance during production. Hinchman et aL (1985) showed that 
for modelling rich condensate reservoirs, the magnitude of liquid saturation build-up 
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around the wellbore which in turn affects productivity is very dependent on viscosity. 
Measurements of condensate viscosities are not made in routine laboratory tests and it 
may be difficult to obtain measurements for lean condensates where volumes are small. 
Reservoir condensates typically have low oil viscosities and correlations are typically 
unreliable for predicting low oil viscosities (Whitson et aL 1999). Viscosity 
measurements should be made for rich condensate liquids where volumes are higher 
and the viscosity model tuned to the measured viscosities (at reservoir temperature and 
anticipated pressures). An EOS well tuned to CVD and CCE experimental results is 
required in numerical compositional simulation and well test analysis of gas 
condensate reservoirs. 
It is well documented in the literature that using EOS models for fluid characterisation 
and predictions can be severely hampered by improper description of theC7+fractions. 
In comparison to lean condensate fluids, rich condensates have a higher percentage of 
C7+fractions whose critical properties need to be systematically accounted for during 
characterisation. Often, detailed descriptions of the heavier fractions from 
measurements are not available and their representations in EOS are oversimplified 
due to processing constraints. Fujinaga et aL (1999) showed that when applying EOS 
models to actual gas-condensate fields, heavier hydrocarbons and impure components 
play a significant role in predicting phase behaviours, especially in rich gas-condensate 
and volatile oil reservoirs. They looked at different methods (Katz 1978, Ahmed 1989 
and Whitson 1984) for characterising molar distribution and physical properties of 
petroleum fractions such asC7+components. They showed grouping0f C7+fraction to 
five pseudo-components gave satisfactory results with acceptable accuracy through the 
CVD process and demonstrated that the results of the simulation around a well in a rich 
gas-condensate reservoir were considerably influenced by description of the C7+ 
fraction. Coats (1985) also showed that the grouping of multi-components has great 
influence on phase behaviour and recovery using a one dimensional reservoir model. 
Mathematical techniques have been investigated by many authors to split the plus 
fraction into sub-fractions by using underlying relationships between mole fraction and 
mole weight. Generally, these sub-fractions are constructed to progressively get 
heavier but constrained to conserve the moles and mass of the original component. 
Whitson et al. (1999) suggest three to fiveC7+ fractions (or 2 to 3 CIO+ fractions) for 
splitting and characterising gas condensates when the Peng-Robinson 
EOS is used. The 
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Pedersen et al. (1987) method recommends the Soave-Redlich-Kwong EOS, where 
each plus fraction has an equal mass fraction. 
Hosein et al. (2008) recently developed a new method for extending the composition 
of theC7+fraction for use in Equations of State. These extended compositional data are 
often unavailable and are generated from mathematical relationships e. g. exponential 
functions or garnma distribution functions. The existing splitting schemes were 
developed based on a continuous relationship between composition and molecular 
weight. Hosein et al. showed that, for gas condensate systems there is a discontinuity 
in the relationship between composition and molecular weight at C8 and C 12. This 
causes existing methods to under-predict C8 composition and over predict C12 
composition by more than 25%. The method Ahmed et al. (1984) takes care of the 
discontinuity at C8 but not at C 12. Hosein et al. 's newly proposed method "Four 
Coefficient Model" takes care of both discontinuities and does not require a partial 
analysis beyondC7+. Hosein et al. claim their method has superior accuracy: based on 
their experiments, the average absolute deviation between predicted and experimental 
compositions was less than 12%. 
2.2.1 Gas Condensate Compressibility Factors 
Accurate determination of the compressibility factor for gas condensates is necessary 
in petroleum engineering calculations and well test interpretation. The gas 
compressibility factor, Z-factor can be determined experimentally during PVT fluid- 
depletion experiments. Occasionally, the experimental reports are not available and 
fluid composition or gas gravity can been used to determine the Z-factor from 
correlations. 
Standing and Katz (1942) presented a generalised compressibility factor chart for dry 
natural gas as a function of pseudo-reduced pressure (Pp, ) and pseudo-reduced 
temperature (Tpr). Elsharkawy et aL (2001) found that the Z-factor estimated from 
Standing and Katz (SK) charts has an error in the order of 2 to 3% for low molecular 
weight (less than 40) gases. This Practice is not acceptable for gas condensates at 
pressures below the dew point pressure, as they require accurate determination of the 
two-phase compressibility factor. Retrograde gas condensate reservoirs experience 
liquid drop-out during depletion below the dew point. The two-phase compressibility 
factor accounts for the formation of a liquid phase. The total compressibility of a fluid 
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c= -(I / VXdV / dP),. can be shown to be given by the following expression (Eclipse 
300): 
Sg - dBg 
+[ 
dR,, Bo - R, Bg 
Bg dp dp I- RsR, 
ctc -: -- - 
+ 
So - dBo + 
dR, Bg - Rv Bo 
Bo dp dp I-R., R, 
Elsharkawy et al. (2001) developed a new method (mixing rule) to determine the 
compressibility factor for gas condensates when only gas gravity and composition is 
known. They evaluated many published methods and came to the conclusion that 
available methods could not accurately determine the gas compressibility factors 
across a wide pressure range. Their method accounts for the presence0f C7, and non- 
hydrocarbon components simultaneously, by extending the work of Stewart et al. 
(1959) and generating pseudo-critical properties by multiple regressions. Their study 
was based on many actual gas and gas condensate samples. Elsharkawy et al. claimed 
that their new mixing rule, when used with Dranchuk-Abou-Kassem correlation has an 
overall accuracy of about 98%. A 2% error margin appears optimistic. 
2.2.2 Gas Condensate Well Testing 
The governing equation applicable to the flow of fluids in porous gas condensate 
reservoirs is the diffusivity equation and its multi-phase flow form. The diffusivity 
equation is a combination of the law of conservation of matter, an equation of state and 
Darcy's law. 
The diffusivity equation (Eq. 2-2) governing the flow of fluids in oil wells is linearised 
(Eq. 2-3) by making certain assumptions such as: y is independent of pressure, (dpldr) 
is small and therefore (dpldr)2 is negligible, compressibility is small and constant: 
1d Lp 
r -ýP-- = Ocp 
ddr 
r dr u dr 
Id (r dp) 
= 
Ope dp 
r dr dr k dt 
Eq. 2-2 
Eq. 2-3 
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This equation is linear when the fluid is oil, but becomes non-linear when the fluid is 
gas or multi-phase, due to the dependence of assumed constant parameters (q, c) on 
pressure. 
Al-Hussainy et al. (1966) introduced the concept of the "real gas pseudo pressure" (Eq. 
2-4) in an attempt to linearise the basic radial flow equation by replacing the dependent 
variable with the real gas pseudo pressure m(p). 
p 
m(p) 2fp dp 
P,, P(P)Z(P) 
where p, is an arbitrary base pressure. 
Eq. 2-4 
Finally they replaced the real gas pseudo pressure with pressure in the diffusivity 
equation (Eq. 2-3) to obtain a linearised version (Eq. 2-5) of the diffusivity equation 
applicable to the analysis of gas reservoirs for flow above the dew point pressure. 
Id 
r'am(p) - 
opc am(p) 
r dr ar k dt 
Eq. 2-5 
Jones and Raghavan (1988) established a theoretical foundation for analysis of well 
test in gas-condensate reservoirs. They went further to adapt the pseudo pressure 
equation used in gas well testing to multi-phase flow. 
The diffusivity equation in a gas condensate reservoir can also be linearised with a 
two-phase pseudo-pressure function (Raghavan 1986): 
M(P) =p 
krg 
+ 
kro 
Eq. 2-6 
Pr, f 
pg Bg po Bo 
f- 
'r 
This amounts to converting the two-phase fluid into a single fluid equivalent in the 
two-phase flow region. As a result, the fluid induced composite behaviour no longer 
exists (Bozorgzadeh and Gringarten 2005). Well test analysis on gas condensate 
reservoirs can either be done using single-phase or two-phase pseudo-pressure (Barrios 
et aL 2003). The latter, which requires good experimental measurements of relative 
permeability curves as a function of pressure (rare for gas condensate systems) yields 
homogeneous looking derivatives and give access to a single derivative stabilisation 
(absolute permeability) and the wellbore skin only (Gringarten et al. 2000). 
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2.2.3 Composite Reservoirs 
Geologically heterogeneous reservoirs consisting of laterally distinct regions of 
different permeability and porosity can be described as composite from a well testing 
perspective. Each region can be defined by a storativity [F=OCh] and mobility 
[M=khlp]. From the preceding definitions, composite behaviours can be due to 
changing geological or fluid characteristics (or both). Changes of mobility and 
storativity are expressed as regional ratios. The geometries between the interfaces of 
the regions are generally described as Radial or Linear. 
Radial composite systems have been studied from the early 1960's (Hurst 1960, 
Loucks and Guerrero 1961, Satman 1980, Olanrewaju and Lee 1989). It is assumed 
that the well is at the centre of concentric circular zones. Linear composite models 
assume a vertical plane interface between two semi-infinite regions (Bixel et al. 1963, 
Streltsova and McKinley 1984). 
Figure 2-2: Models for 2-region composite reservoirs 
Composite well test models simplify the geology. They assume a discontinuity defines 
distinct homogeneous regions of constant thickness i. e. the change of reservoir 
properties is abrupt. 
Olanrewaju et al. (1989) presented a pressure and derivative type curve for a well with 
wellbore storage in a radial composite reservoir. They used a dimensionless time group 
2 
based on the distance (R) to the interface, defined in terms of Cr,, IRD . 
Cl) = 
0.8936C RI) =R 
(0c, ), hr,, ' r" 
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Olanrewaju et al. (1991) included the skin term and presented a log-log match of the 
complete response using computer generated pressure and derivative curves. Five 
dimensionless parameters (CD, S, RD, M and F) were used to define the response of a 
radial composite system in termsOf tLICD- 
0.000264k 1 At 
I)l 
r2 (OPC 
w 
Eq. 2-7 
With the radial symmetry of the system, the different reservoir regions are observed in 
sequence on the pressure derivative curve (stabilisation levels). For mobility ratios 
(region I /region2) greater than 1, the mobility of region2 is reduced and the second 
derivative stabilisation is displaced upwards. The reverse applies for mobility ratios 
less than 1. For storativity ratios (region I /region2) greater than 1, the outer zone 
storativity is reduced and the response shows a decrease of storativity from early to late 
times. This manifests as a hump between derivative stabilisations. An increase in 
storativity shows a valley (similar to double porosity behaviour) between derivative 
stabilisations. For linear composite systems, the five dimensionless parameters are CD, 
S, LD, M and F. Like radial composite models, no log-log type curve is available and 
the match is performed on computer generated pressure and derivative curves. 
Several authors considered multiple composite radial systems. The extension of the 
radial composite model to three regions was considered by Barua et aL (1987). These 
multiple composite models can be very useful in analysing heterogeneous reservoirs 
with changing fluid saturations and properties. Current versions of many well test 
interpretation software (Saphir by Kappa Energy, Interpret 2008 by Paradigm etc. ) 
feature 2-Region and 3-Region composite models and many authors have since 
demonstrated their usefulness in analysing reservoirs with multiple regions. 
2.2.4 Deconvolution 
Successful application of deconvolution algorithms to well testing (pressure and flow 
rate data) has been a challenge of the past few decades (von Schroeter et aL 2001) and 
successfully applied to this study (Chapter 6). In simple terms, 
deconvolution 
transforms variable rate pressure data into a constant rate initial drawdown with the 
duration equal to the total duration of the test and yields directly the corresponding 
pressure derivative, normalised to a unit rate. As a result, 
deconvolution provides 
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additional information on the pressure transient, which may not be obtained from 
conventional analysis. 
The deconvolution problem is based on Duhamel's principle: 
7' ip 
p(t) -po= Ap(t) 
f q(t 
0 dt 
Eq. 2-8 
where q(t) is the instantaneous flow rate in the well, p(t) is the bottomhole pressure, p,, 
is the initial reservoir pressure and p,, (, r ) is the pressure response to a constant unit 
production rate after stabilisation. It assumes that the reservoir is initially in 
equilibrium with a uniform pressure. 
Several solutions to the integral equation (Eq. 2-8) have been proposed in the literature. 
These include spectral methods (Hutchinson and Sikora 1959, Jargon and van Poollen 
1965, Bostic et al. 1980) and time-domain method (Roumboutsos and Stewart 1988, 
Mendes et al. 1989, Gilly and Home 1999). However, these solution algorithms proved 
to be unstable and could not tolerate errors normally present in actual well test data 
(Kuchuck et al. 1990). 
von Schroeter et aL (2001) developed a new formulation based on "Nonlinear Total 
Least Squares" in terms of the logarithm of the response function, which does not 
require explicit sign constraints and incorporates an error model which accounts for 
errors in pressure and rate data. The authors solved Eq. 2-8 for a new solution 
variable, z(a), instead of the constant rate pressure p,, ( r ): 
z(u) = In d(In r) 
)= 
In r dr 
) 
u= ln(-r). 
Eq. 2-9 
In addition, a user defined regularisation parameter was introduced by von Schroeter et 
al. that imposes just enough smoothness to eliminate small-scale oscillations while 
preserving genuine reservoir features. This method was tested by von Schroeter et al. 
(2002) and Levitan (2005) on simulated pressure and rate data with different levels of 
noise, as well as by Gringarten et al. (2003) and Gringarten (2005) on actual data from 
different fields. In 2005, a deconvolution software (TLSD) was developed at Imperial 
College by von Schroeter and Gringarten, which implemented their new a gorit s 
and used in this study (Chapter 6). 
15 
2.3 Velocity Effects on Well Deliverability 
It has been long established that fluid velocity can have a direct impact on fluid 
mobility and hence well deliverability. The two main effects, which are rate dependent 
but act in opposite directions, are (Mott et al. 2000): 
The improvement in the mobility of both the oil and gas phases as the capillary 
number increases, due to what is known as the capillary number or coupling effect. 
The capillary number is a dimensionless number that reflects the ratio of viscous to 
capillary forces in a pore system. Capillary number increases with increasing 
velocity and decreasing interfacial tension. It is believed and has been demonstrated 
experimentally that the coupled flow of gas and condensates causes an improvement 
in relative permeabilities at high velocities. 
a The well established Forchheimer effect (non Darcy flow) which causes a reduction 
in mobility of the gas phase as the velocity increases. 
2.3.1 Capillary Number Effect 
The dependency of relative permeability on the ratio of viscous to interfacial forces 
was first suggested by Brownell and Katz (1947). They recognised early on, that the 
residual oil saturation was a function of the ratio of viscous to interfacial forces and 
defined the capillary number Nc to capture this relationship. 
The capillary number is defined as: 
Nc = 
uv 
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where u is gas viscosity (Ibf. seC/ft2 ), and (Y the interfacial tension (Ibdft) between the 
Eq. 2-10 
gas and liquid phases, v is the superficial velocity (ft/sec) calculated as follows: 
vg = Q Eq. 2-11 A 0(1 - S,,, ) 
with Q being the flow rate 
(ft3 /sec), A the area (ft), 
0 the porosity and S,, the connate 
water saturation. If the gas viscosity is expressed in centipoise (cp), a constant of 
4.78803E+4 needs to be multiplied to the right hand side of Eq. 2-10. 
The calculation of gas phase velocity requires an estimate of the area of a given 
pressure contour, which depends on the well type and geometry 
(Mott 2003). They 
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went on suggest methods of calculating the areas of the pressure contours for different 
well types and geometries. 
Mott et al. (1999) describe the experimental techniques and results for a sandstone core 
from a North Sea gas condensate reservoir, using a 5-component synthetic fluid. Their 
results show a clear increase in mobility with capillary number, at flow rates which are 
typical of the near-well region. 
Capillary number models are often used in compositional simulation to modify the 
relative pen-neabilities at high velocities and/or low IFT. The capillary number model 
has two effects on the gas and oil relative permeabilities. As the capillary number 
increases: 
0 It reduces the residual saturations 
It changes the relative permeability from the user-specified (immiscible) saturation 
curves towards internally-generated miscible curves. 
These effects have been incorporated into some commercially available reservoir 
simulators. 
A formulation of the velocity dependent models have been developed at the Heriot- 
Watt University under the directorship of Professor A. Danesh and Professor D. H 
Tehrani and implemented into the LandMark VIP simulator. In their formulation, the 
magnitude of the capillary number affects the oil and gas relative permeabilities as 
follows (LandMark 2003): 
kro = flo (N, )krob + (I - fl,, (N, ))kr,, (S,, ) I 
So - SOJ20 (N, ) - 
-S w- 
SOJ20 (N, ) 
krg = fIg (N, )krgb + (I - fIg (N, ))kr,, (S,, 
) 
sg- Sgcf2g (Nc) 
I- Sw - Sgcf2g (Nc) 
where: 
krm (Sw) 
1 [kro (So =1- Sw I S9 2 
f lo(N 
Ncbo 
n,, 
Nc 
= 0) + krg (Sg =1-S, S, = 0)] 
Eq. 2-12 
Eq. 2-13 
Eq. 2-14 
Eq. 2-15 
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N 
cbg 
ng 
Nc Eq. 2-16 
r2o(N,, ) exp - mo 
Nebo 
Eq. 2-17 Nc 
2g(N,, 
) exp -mN cbg Eq. 2-18 gNL, 
The capillary number in Eclipse 300 is implemented using one of three alternate 
equations (Eclipse 2006): 
pgvg 
Eq. 2-19 
a 
E-1 I- 
(2) KkrPAPP N cp UL 
Eq. 2-20 
AP 
(3) N (3) CP = (2 OS,, Kk,,,, ) 
1/2 P Eq. 2-21 
where: 
SP normalised phase saturation 
AP pressure drop of the p th phase in the direction of flow P 
Pg gas viscosity 
V9 gas velocity 
a gas - oil surface tension 
k, 
P 
N, modified relative permeability of the pth phase 
The Capillary Number Model (1) depends only on the gas velocity and gas viscosity 
for the oil and gas phases. The apparent discrepancy has been verified experimentally 
(Eclipse 300). 
The calculated N,; p is converted to a phase normalised capillary number (Ncnp) using 
the phase base capillary number (Ncbp) from the following relationship: 
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Ncnp "P 
N 
cp 
Eq. 2-22 
Ncbp is a lower threshold value below which the capillary number has no effect on the 
phase relative permeabilities. Ncbp should be determined experimentally for the 
reservoir and fluid of interest. If this data is not available, it may be estimated using 
modelled data from CVD experiments (simulated from the dew point pressure to 
abandonment pressure). The values of gas-oil surface tension and gas viscosity can 
then be taken from the final stage pressure and a high case estimate (3.5xl 0-5 m/s) can 
be used for fluid velocities and substituted in Eq. 2-19 for the estimation of Ncbp- 
The effect of N, on saturation is modelled through the use of a saturation scaling ýp 
parameter Xp, where: 
Xp =I - exp(-mpNcnp 
) Eq. 2-23 
where mp is an experimentally determined parameter. For a given phase residual 
saturationSrpbq the effect of N, p is to change the residual saturation to: 
Srbp 4 XpSrbp 
The base relative permeability curves, krbp, are modified because of the change in 
residual saturation and direct impact of capillary number or the relative permeability 
curves. The Nc modified relative permeability curve for phase 'p' is calculated from: 
N 
iln 
Pk +(I -N 
l1np )k Eq. 2-24 
rvp cnp rbp cnp rmp 
where, 
krmp = 
(SP 
-xp 
Srbp 
Eq. 2-25 (1 
- 
Xp Srbp ) 
-n S 
n2p Eq. 2-26 
p lp p 
where nip and n2p are experimentally determined parameters. 
This n1p and n2p parameters, controls the weighting between the miscible and 
immiscible relative permeability curves. 
The accuracy of the above method is very dependent on the required experimentally 
derived input parameters. 
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Following some of the ideas introduced in the work of Whitson et al. 0 999) an 
alternative capillary number model has been implemented in Eclipse 300. The model is 
relatively straightforward in that: 
- Only the gas relative permeability is modified 
* There is no effect on residual saturations 
* There is no requirement for a base capillary number value 
- It depends on only two parameters, an exponent n and the coefficient ao 
where, a' is a constant depending only on rock properties. 
In their implementation in Eclipse300, the N, modified gas relative permeability, k, g, is 
an admixture of a straight-line miscible relative permeability, k, gm, and the user-input 
immiscible, rock relative permeability, k, gj. This admixture is controlled by an Nc 
dependent transition function, fi: 
k =f k +(I-fj)k rg I rgi rgM Eq. 2-27 
The transition function depends on the gas capillary number, N, g, and is given by: 
f, = 
I 
Eq. 2-28 
(aNcgY +1 
where, a= aol-k with k=0.5(k + k,,, rg rg rgA4 
a0 c V-ko 
Eq. 2-29 
The two parameters, exponent n and coefficient ao are defaulted to 0.65 and LOE4 C 
respectively in Eclipse300. 
2.3.2 Non Darcy Flow 
Darcy's law predicts a linear relationship between pressure gradient and 
flow rate. This 
law is not accurate at high flow rates where the pressure 
drop exceeds that predicted by 
Darcy's law. This phenomenon is known as non-Darcy flow behaviour. Forchheimer 
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(190 1) added a term into the Darcy's flow equation to express the relationship between 
velocity and pressure gradient in a porous medium: 
dp 
=pv+ 
IOPV dl k Eq. 2-30 
p is the fluid density (g/CM3), I the distance (cm), v the velocity (cm/s), p the pressure 
(atm), q the fluid viscosity (g cm-1 s-1), k the permeability (D) and P the non-Darcy 
flow coefficient (cm-1), considered to be a characteristic of the rock. 
Under single-phase flow conditions, the non-Darcy flow coefficient is constant and can 
be determined from multi-rate pressure test analysis or from theoretical or empirical 
correlations (Li et aL 2001). A typical empirical correlation is: 
a 
k boc Eq. 2-31 
where k and 9 are the permeability and the porosity, respectively and a, b and c are 
constants that must be obtained experimentally. 
For two-phase flow, a limited number of correlations exists (Geertsma 1974, 
Henderson et aL 2000) that relate P to the fluid saturation and/or the relative 
penneability: 
a 
181 ObSc )d 
J (kkr i 
Eq. 2-32 
S is the phase saturation, kj is the relative permeability and a, b, c and d are constants. V 
2.4 Well Test Interpretation Methodologies and Deliverability Predictions 
in Gas Condensate and Volatile Oil Reservoirs 
As described earlier in Section 2.1, rich retrograde gas condensates occupy an area 
between lean gas condensates and volatile oils on the fluid phase envelope. Much work 
has been done (and published) to understand and characterise the well test behaviours 
of lean condensates and volatile oils in reservoirs producing below the saturation 
pressure. 
Many authors have also investigated methods for determining and predicting the well 
deliverability in gas condensate reservoirs (Hinchman and Barree 1985, Bloom and 
Hagoort 1998, Bozorgzadeh and Gringarten 2005). As the bottornhole flowing pressure 
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drops below the dew point pressure, a region of changing condensate saturation builds 
up around the wellbore causing some "blockage" and resulting in reduced gas 
permeability and lower well deliverability. The effect of the condensate blockage 
region depends on parameters such as flow rate, pressure, absolute permeability, 
relative permeabilities and PVT properties. 
Gringarten et al. (2000) provided the first well test evidence in the literature of the 
existence of the velocity stripping zone. Previous well test publications had only 
reported the existence of a condensate bank as a two-region radial composite behaviour 
(Economides et al. 1987, Whitson and Fevang 1996, Ali et al. 1997, Mott et al. 1999). 
Using a homogeneous radial compositional model, Gringarten et al. (2000) showed the 
liquid condensate profile around the wellbore during production and shut-in periods, 
with and without the capillary number (Nc) effects for a lean gas condensate. They 
showed the early time mobility was much lower without N, effects than with N, 
effects. The relative permeability profile away from the wellbore exhibited a minimum 
when Nc effects were incorporated, showing improved mobility in the immediate 
vicinity of the wellbore, suggesting the corresponding derivative should have three 
stabilisations. They perfon-ned a similar test using a rich gas found the relative 
permeability distribution did not show a minimum and suggested the corresponding 
derivative should have only two stabilisations. 
Shown below in Figure 2-3 is the comparison (by Gringarten et al. 2000) on the 
relative permeability distributions for lean and rich gas condensates fluids in a 
homogenous reservoir. 
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Figure 2-3: Comparison of the relative permeability distributions for lean and rich gas condensates 
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In a review of an earlier paper (Gringarten et al. 2000), Gringarten et al. (2006) 
presented drawdown versus build-up condensate saturation distributions of a lean gas 
condensate sandstone reservoir of infinite extent (Figure 2 -4). They showed that the 
saturation distributions at the end of a drawdown and that in the subsequent build-up 
are very similar when the well is produced below the dew point. They explained that, 
during shut-in, the high accumulation of condensate mass near the well prevents the re- 
vaporization of the liquid condensate. Some re-vaporization does occur if production 
rate is decreased and at the edge of the two-phase region and only if the preceding 
drawdown has a high production rate. 
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Figure 2-4: Lean gas condensate saturation distribution with increasing and decreasing flow rates 
For a similar well reservoir configuration, it was again showed that capillary number 
(Nj effects can create three derivative stabilisations (Figure 2-5). The first stabilisation 
(velocity stripping) occurs as soon as the oil in the reservoir becomes mobile because 
the effective permeability in the near-wellbore region is greater than that in the 
condensate bank due to Nc effects. For long production duration, oil saturation 
increases. The first stabilisation can disappear if the permeability reduces faster in the 
velocity stripping zone than elsewhere in the reservoir as shown below. 
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Figure 2-5: impact of capillary number effects on saturation profiles and 
derivative shapes 
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Their work also demonstrated that a high condensate saturation in the immediate 
vicinity of the wellbore (when compared to other regions) has the most impact on total 
skin and hence productivity. 
Bozorgzadeh and Gringarten (2004) introduced a method for estimating the 
condensate-bank radius from build-up data when the saturation profile does not change 
during the build-up i. e. the saturation profile during shut-in is similar to the saturation 
profile at the time of shut-in (end of preceding drawdown). The method uses the dry 
gas pseudo pressure and an independent determination of the storativity ratio [OC, h], 12 
between the two-phase condensate and gas region around the well and the original gas 
region away from the well. The storativity ratio is based on the total compressibility 
(Eq. 2-1) ratio between two zones, taking into account mass exchange between the 
reservoir liquid and gas phase at reservoir conditions. This method was demonstrated 
to be applicable to lean condensate reservoirs producing at relatively low flow rates but 
has yet to be validated on rich condensate reservoirs. The procedure was verified on 
actual (North Sea gas condensate reservoir) well test data by comparison with results 
from compositional simulation using capillary number and non-Darcy effects. The 
method is also very dependent on having a well tuned EOS model from a PVT package 
for the generation of live-oil and wet-gas properties prior to the interpretation of the 
build-up derivative. Knowledge on the radial extent of the condensate region from the 
wellbore is important for estimating well deliverability as described below. 
Whitson and Fevang (1996) modelled the deliverability of gas-condensate well using a 
modified form of the Evinger and Muskat (1942) pseudo-pressure. They derived the 
pressures and saturations from the instantaneous producing GOR (i. e. the producing 
well stream composition). A key observation and conclusion from their study (using 
lean and rich gas condensate samples) is that critical oil saturation has no direct effect 
on well deliverability. In addition, they showed that interfacial tension (IFT) 
dependence of relative permeability has little or no effect on gas-condensate well 
performance: the effect of condensate blockage becomes important when condensate- 
blockage pressure drop is significant relative to the total (reservoir, completion and 
tubing) pressure drop; Gas relative permeabilities at low oil saturations (kg > 0.3) 
affect deliverabilitY only for richer gas condensates. 
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Shandrygin and Rudenko (2005) recently proposed a procedure for evaluating skin in 
gas condensate wells using a simplified numerical model. The proposed procedure is 
based on a single-phase approach, treating the condensate as immobile without phase 
transitions between the gas and condensate. They describe the radial condensate 
distribution around the well using a condensate bank radius and maximum condensate 
saturation which are obtained by regression fitting to well test data. Evaluated bank 
parameters are then used to provide an estimate of skin due to blockage. This method, 
although claimed to be verified and reliable, is quite simplistic in its approach as it 
does not account for the complex dynamics occurring during condensate production: 
liquid drop-out, non-Darcy flow and relative permeability dependence of flow 
velocities, which require compositional simulation. The suggested approach seems to 
be computationally efficient but can lead to erroneous results as a result of the over- 
simplification of the complex fluid dynamics. 
Muskat (1949) addresses the condensate-blockage problem in his discussions of gas 
cycling, where he introduces a simple method for estimating the radius of condensate 
blockage as a function of time, gas rate, and reservoir rock and fluid properties. 
Fetkovich (1973) uses Muskat's results to derive a rate and time-dependent blockage 
skin for use in the standard gas rate equation. 
Kniazeff and Naville (1965) and Eilerts et al. (1965,1967) were the first to 
numerically model radial gas-condensate well deliverability and included non-Darcy 
flow. These studies show radial saturation and pressure profiles as functions of time 
and other operational variables, confirming that condensate blockage reduces well 
deliverability. 
Wilson et aL (2003) introduced and verified a new concept for modelling well 
performance in gas condensate formations using an empirical model for the gas 
mobility function which covers the entire range of mobilities. 
r2 
k= kmin + (kmax - 
kmin I- expla * t-- 
Eq. 2-33 
where: 
k= Effective permeability to gas, mD 
k,, i, = Minimum effective permeability 
to gas, mD 
k,,,,, = Maximum effective permeability to gas, mD 
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a= Scaling term for pressure behaviour (mD. psi/cP) or simply (hr/ft2) 
t= Time, hr 
r= Radial distance, ft 
Their model was constructed based on numerical simulation results where saturation, 
effective permeability and gas mobility are presented as functions of radial distance 
from the well. The claimed advantage of this solution over conventional radial 
composite reservoir solutions is that the evolution of the condensate zone can be 
represented and evaluated as it occurs in time. The limitation is the simplified form of 
the gas permeability profile as a function of radius and time, as well as the dependence/ 
appropriateness of the a coefficient. The approach shows promise for well test 
interpretation, but further investigation is required. 
Sanni and Gringarten (2008) investigated typical well test behaviours in volatile oil 
reservoirs producing below the bubble point pressure. They found that, when the 
bottomhole pressure falls below the bubble point pressure during a drawdown, a high 
gas saturation zone is created around the wellbore with two-phase (oil and gas) flow, 
whereas single phase (oil) with the initial gas saturation remains away from the 
wellbore. During the subsequent build-up, the gas created around the wellbore during 
the preceding drawdown re-dissolves into the oil and the saturation in the near- 
wellbore region returns to the initial oil saturation. The impairment to flow due to the 
high gas saturation zone around the wellbore when the bottomhole pressure is below 
the bubble point pressure can be seen as a mobility contrast in well test analysis. The 
log-log pressure-derivative behaviours below the bubble point therefore correspond to 
a two-zone radial composite model, with decreasing mobility during drawdowns and 
increasing mobility during build-ups. They showed on actual field data that a log-log 
pressure derivative plot at the start of build-up reflects the oil mobility distribution of 
the reservoir at the end of the preceding drawdown and verified this with 
compositional simulation. 
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2.5 Summary 
As the bottomhole flowing pressure drops below the dew point pressure, a region of 
changing condensate saturation builds up around the wellbore causing some 
"blockage" and resulting in reduced gas permeability and lower well deliverability. 
The effect of the condensate blockage region depends on parameters such as flow rate, 
pressure, absolute permeability, relative permeabilities and PVT properties. The 
amount of potentially condensable hydrocarbons in the reservoir and loss of well 
productivity increases with the richness of the gas. 
Conventional well test analysis methods using single-phase pseudo-pressures, two- 
phase pseudo-pressures and numerical compositional simulation can be useful tools in 
characterising geological features and the complex fluid dynamics of gas condensate 
reservoirs. 
Most of the detailed work done to date, to understand and characterise the well test 
behaviours of near critical fluids in reservoirs producing below the saturation pressure 
have been carried out on lean condensate and volatile oil reservoirs. In rich gases, from 
a well testing perspective, the understanding of the complex fluid behaviour for 
production below the dew point pressure and subsequent re-vaporisation due to re- 
pressurisation is relatively in its infancy. We define a rich gas condensate reservoir as a 
reservoir that contains hydrocarbon fluids initially in a gaseous phase, having an initial 
yield greater 100 stb/MMscf (GOR less than 10,000 scf/stb) and capable of exhibiting 
retrograde behaviour with a maximum liquid drop-out greater than 10%. There are few 
published papers, and no analytical models capable of capturing the complex fluid 
behaviour making the need for representative compositional simulation very important. 
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Chapter 3 
PVT MODELLING AND SIMULATION SETUP 
3.1 Introduction 
This research has three primary objectives. The first is to establish a clear 
understanding of well test behaviour from wells producing below the dew point 
pressure in rich gas condensate reservoirs and compare the observed behaviours to 
published responses from lean gas and volatile oil condensate reservoirs. The second is 
to investigate well test behaviours from producing wells when gas injection is selected 
as the development option, i. e. the effects of re-vaporisation due to re-pressurisation. 
The third objective is to examine the additional well test complexities due to liquid 
drop-out in geologically complex reservoirs. 
For these, single-well and multi-well numerical compositional simulations were used 
to predict the derivative shapes that should be expected from wells producing above 
and below the dew point pressure. When applicable, the results are then verified with 
analytical models. Numerical simulation modelling was performed using a fully 
compositional simulator (E300, Schlumberger) capable of modelling velocity effects 
on well deliverability. 
This chapter describes the methodology for modelling a rich gas condensate reservoir 
fluid. The concepts and inputs to the numerical compositional simulation models are 
introduced and model verification discussed. 
3.2 PVT Modelling 
In compositional simulation studies, proper characterisation of reservoir fluids is vital 
because simulated results are very dependent on the behaviour of the fluid model. 
In this section,, a rich gas condensate fluid sample (Fluid M) from a North African gas 
condensate reservoir (MTGc) is characterised. An EOS is developed and extensively 
used to investigate various well test behaviours and the effects of re-vaporisation due 
to pressurisation (Chapter 4). 
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3.2.1 Rich Gas Condensate Sample (Fluid M) 
The PVT sample was selected from the MTGc reservoir. MTGc is the modified name 
of a North African rich gas-condensate reservoir which will be described later in this 
thesis (Chapter 6). The fluid samples for PVT analyses were obtained by recombining 
the gas and condensate liquids taken from the surface separators at the measured gas- 
to-oil ratio. The composition of fluid is shown below in Table 3-1. 
Component Mol % Mol % Molar Mass (g/mol) Density (g/cc) 
N2 0.35 0.35 28.01 
C02 0.96 0.96 44.01 
H2S 0.00 0.00 
CH4 63.72 63.72 16.04 0.298 
C2H6 12.40 12.40 30.07 0.354 
C3 H8 6.24 6.24 44.1 0.507 
C4 3.40 3.39 58.12 0.580 
n-C4 2.47 58.12 0.585 
i-C4 0.93 58.12 0.566 
C5 1.95 1.96 72.15 0.628 
n-C5 1.09 72.15 0.630 
i-C5 0.86 72.15 0.624 
C6 1.39 1.38 85.97 0.663 
n-C6 0.65 86.18 0.663 
i-C6 0.72 86.18 0.661 
c-C6 0.02 70.13 0.750 
C7 1.71 1.71 92.99 0.722 
n-C7 0.47 100.2 0.687 
i-C7 0.53 100.2 0.689 
c-C7 0.57 84.16 0.770 
a-C7 0.14 78.11 0.884 
C8 1.79 1.78 105.66 0.743 
n-C8 0.40 114.23 0.707 
i-C8 0.49 114.23 0.710 
c-C8 0.75 98.19 0.774 
a-C8 0.15 92.14 0.871 
C9 1.18 1.18 118.13 0.766 
n-C9 0.26 128.26 0.722 
i-C9 0.28 128.26 0.720 
C-C9 0.36 112.21 0.780 
a-C9 0.28 106.17 0.875 
CIO 0.94 0.95 132.52 0.774 
n-C10 0.21 142.29 0.734 
i-clo 0.26 142.29 0.730 
C-clo 0.21 126.24 0.790 
a-CIO 0.26 120.19 0.866 
Cil 0.65 0.65 148.38 0.774 
n-Cl 1 0.18 156.31 0.774 
i-c 11 0.21 156.31 0.774 
C-c I1 0.10 140.27 0.795 
a-C 11 0.16 134.22 0.862 
C12+ 3.33 3.33 271.16 
Fluid -- 
tI 
Jon 37.91 
Table 3- 1: Compositional analysis for MTGc fluid (W- 1) 
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3.2.2 Fluid M Characterisation 
To characterise the reservoir fluid using an equation of state (EOS), accurate laboratory 
PVT studies and the phase equilibrium behaviour of the fluids are necessary. Based on 
laboratory PVT analysis, the fluid (Fluid M) has a maximum liquid drop-out of 27.5% 
(CVD); dew point pressure of 4835 psia at a reservoir temperature of 228 degF and 
initial yield of approximately 237 stb/MMscf. 
In this study, the following experimental laboratory data (Appendix A) from a fluid 
sample representative of the region were used in the fluid characterisation. 
0A compositional analysis of the recombined reservoir fluid 
aA separator test to evaluate the gas density, tank gas gravity and GOR 
aA constant composition expansion experiment (CCE) to determine the 
pressure-volume relationship and liquid drop-out percentage. 
0A constant volume depletion experiment (CVD) to measure the liquid drop-out 
and simulate the depletion process. 
In compositional modelling, computing times can increase significantly with the 
number of components used. It is necessary to optimise the number of components 
used in compositional modelling. The lumping technique can be applied in order to 
reduce the number of components into a smaller number of pseudo-components. 
However, careful attention must be given when grouping, since the modified groups 
should still be able retain the reliability of predicted values by phase behaviour models. 
In order to achieve the best fit to the experimental data and using guide lines from 
recent publications (Pedersen et al. 1987, Fujinaga et al. 1999, Whitson et al. 1999), 
the C7+ is divided into eight pseudo-components with the groupings progressively 
getting larger from C8 to C25+- 
Table 3-1 above shows C12+ components lumped into one pseudo component. As 
discussed in the literature review section, theC7+ split is very important to simulating 
liquid drop-out for production below the dew point. 
Another nearby Well (W-4) had a detailed compositional breakdown (Appendix A) of 
individual components fromC12 to C35 with C36+ lumped. The mole and weight 
percentages of the variousC12+components from W-4 where used to initially constrain 
theC12+split for the W- I fluid sample as shown in Table 3 -2 below. 
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Component Mol % Molecular Weight 
g/mol 
MW * Mole Fraction 
(Molar Mass) 
N2 0.35 28.01 0.10 
C02 0.96 44.01 0.42 
C1 63.72 16.04 10.22 
C-) 12.40 30.07 3.73 
C3 6.24 44.1 2.75 
iC4 2.47 58.12 1.44 
nC4 0.93 58.12 0.54 
iC5 1.09 72.15 0.79 
nC5 0.86 72.15 0.62 
C6 1.38 85.97 1.19 
C7 1.71 92.99 1.59 
C8 1.78 105.66 1.88 
C9 1.18 118.13 1.39 
CIO 0.95 132.52 1.26 
C11 0.65 148.38 0.96 
C 12-C 14 1.47 174.88 2.57 
C15-CI8 1.12 227.69 2.55 
C 19-C24 0.79 294.06 2.32 
C25+ 0.49 440.00 2.16 
Fluid 100.5 38.5 
Table 3-2: W-1 component grouping (constrained by W-4CI2+mol % and MW split) 
However, C 12+ split does not honour the total mol% of 100% or the Fluid Molar Mass 
(FMM) of 37.9g/mol. A scaling factor and adjustments (mainly to the C25+) were 
ap lied to the mole percentagesOf C12+components which resulted in a total mol % of 
100% and a FMM of 37.9g/mol (Table 3-3). 
Mol % Molecular Weight MW * Mole Fraction Component 
mol % g/mol (Molar Mass) 
N2 0.35 28.01 0.10 
C02 0.96 44.01 0.42 
C1 63.72 16.04 10.22 
C2 12.40 30.07 3.73 
C3 6.24 44.1 2.75 
iC4 2.47 58.12 1.44 
nC4 0.93 58.12 0.54 
iC5 1.09 72.15 0.79 
nC5 0.86 72.15 0.62 
C6 1.38 85.97 1.19 
C7 1.71 92.99 1.59 
C8 1.78 105.66 1.88 
C9 1.18 118.13 1.39 
CIO 0.95 132.52 1.26 
CII 0.65 148.38 0.96 
C 12-C 14 1.03 174.88 1.80 
C15-C18 0.90 227.69 2.04 
CI 9-C24 0.71 294.06 2.09 
C25+ 0.70 440.00 3.06 
Fluid 100.00 37.9 
Table 3 -3: W- I component grouping matched to the 
FMM 
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The PVTi program from Schlumberger is used for the fluid modelling with the 3- 
Parameter Peng-Robinson EOS. The EOS model was tuned to the experimental data by 
adjusting mainly the omega, volume shift, critical pressure, critical temperature and 
acentric factor for the pseudo components. In addition the binary interaction 
coefficients between the light and heavy components were tuned. Model validation 
showed a good match to the CVD and CCE laboratory experiments was achieved with 
the 19 component EOS. 
A difference in the maximum liquid drop-out from the CVD (27.5%) and CCE 
(34.5%, Appendix A) experiment is observed in the experimental data. Greater 
emphasis was placed on matching the CVD liquid drop experiments as this is more 
representative of the depletion process in condensate reservoirs. However, a good 
match was obtained over the pressure range of interest on the CCE liquid drop-out 
experiment. Shown below in Figure 3-1 is the EOS model match to experimental data. 
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Figure 3- 1: Comparisons of EOS model results and experimental data 
3.3 Numerical Simulation Setup and Validation 
Two different models were setup using the Eclipse 300 compositional simulator. The 
first was a finely gridded ID Radial model used to investigate the liquid drop-out 
effects in rich condensate reservoirs. The ID Radial model was then modified to 
represent a single-layer heterogeneous reservoir to investigate the complexities of 
composite (changing permeability) geological behaviours coupled with condensate 
banking. The second was a 3D Cartesian model used to represent a single-layer 
homogeneous reservoir and setup for gas injection. The models do not account for 
wellbore storage and frictional losses in the wellbore 
3.3.1 ID Radial Model 
Near wellbore flow behaviours are modelled using a vertical well located at the centre 
of a radial grid with 120 cells in the radial direction. The innermost grid size was 0.354 
ft which matches the well radius. The grid blocks size increases away from the well to 
allow accurate modelling of near-wellbore changing fluid saturations. The model outer 
radius was made sufficiently large to avoid boundary effects during the simulated 
periods. The grid dimensions are listed in Table B- I (Appendix B). The basic reservoir 
parameters used in the compositional model are: Porosity 0.13; Net Thickness 20 ft; 
Connate Water Saturation 0.4; Radial Permeability (Kr) 100 mD; and Rock 
Compressibility 4.7E-6 /psi. 
The accuracy of the numerical radial model was verified with analytical solutions. The 
numerical simulation model was setup at an initial pressure of 5500 psi, producing at a 
rate of 5 MMscf/d for 60 days and followed by a 60 day shut-in (build-up) period. The 
relatively low production rate ensured that the flowing bottomhole pressure always 
remained above the dew point pressure. The numerical simulation results were 
compared to the analytical solution for the same reservoir configuration. The analytical 
solutions were generated using a well test analysis tool (Interpret 2007, Paradigm). 
Figure 3-2 shows a comparison of the pressure histories and Figure 3-3 shows 
comparison of the build-up pressure change and derivative log-log responses from the 
numerical compositional model and analytical solutions. As can be seen in the figures 
the pressure profiles and derivative radial flow stabilisations are well matched. 
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Figure 3-2: Radial grid validation of numerical simulation model - simulated pressure history 
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Figure 3-3: Radial grid validation of numerical simulation model - radial flow derivative stabilisation 
The ID Radial model was then modified to represent a single-layer heterogeneous 
reservoir to investigate the complexities of composite geological boundaries coupled 
with condensate banking. This was accomplished by modifying the permeability of the 
outer 40 cells (region 2) from I OOmD to 20ml) whilst retaining the permeability of the 
inner 80 cells (region 1) as IOOmD. The radius of the inner region was 887ft with a 
corresponding mobility ratio (kh' P) 1 /2 of 5 between the regions. Figure 3-4 shows a 
comparison of the pressure histories and Figure 3-5 shows comparison of the build-up 
pressure change and derivative log-log responses from the numerical compositional 
model and analytical solutions. As can be seen in the figures, the pressure profiles and 
radial flow stabilisations to both regions are well represented and matched. 
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Figure 3-4: Composite radial model validation - simulated pressure history I 
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Figure 3-5: Composite radial model validation - radial flow derivative stabilisations 
3.3.2 3D Cartesian Model 
The primary objective of setting up Cartesian models was to investigate the effects of 
re-vaporisation due to re-pressurisation. Re-pressurisation is designed to be achieved 
via gas injection. In order to achieve a balanced gas injection stream moving towards 
the producing well from opposite directions, two equidistant gas injectors are placed at 
opposite sides of the producer. 
j3 
The size of grid blocks and distance between the injectors and producer influences the 
pressure and saturation profiles in the near-wellbore region. Sensitivities were 
performed to optimise the length of grid blocks in the near-wellbore region and it was 
found the grid blocks with dimensions as large as of I Oft xI Oft could accurately model 
near wellbore condensate behaviour to re-pressurisation. The main grid had 50xlOOxI 
cells in the lxJxK directions, with dimensions of 200ft, 200ft and 50ft respectively. 
The vertical producer was located within an LGR with lxJ dimensions of 10ft x 10ft 
created at the centre of the main grid (Figure B-1, Appendix B). Two further LGR's 
were created at both extremes (J-direction) for the gas injectors. 
The basic reservoir parameters used in the compositional model are: Porosity 0.13; Net 
Thickness 50 ft; Connate Water Saturation 0.4; Radial Permeability (Kr) 100 mD; and 
Rock Compressibility 4.7E-6 /psi. The accuracy of the numerical Cartesian model was 
verified with analytical solutions. The numerical simulation model was setup at an 
initial of 5500 psi, producing at a rate of 5 MMscf/d for 60 days and followed by a 60 
day shut-in (build-up) period. The numerical simulation results were compared to the 
analytical solution for the same reservoir configuration. Figure 3-6 shows a 
comparison of the pressure histories and Figure 3-7 shows comparison of the build-up 
pressure and derivative log-log responses from the numerical compositional model and 
analytical solutions. As shown in Figures 3-6 and 3-7 below, the pressure profiles, 
radial flow stabilisations and distance to the boundaries are well matched. 
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Figure 3-6: Cartesian model validation - simulated pressure history 
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Figure 3-7: Cartesian model validation - radial flow derivative stabilisation (Build-up) 
In addition, the numerical simulation results and the analytical solution were also 
compared for the drawdown pressure and derivative log-log responses. As shown in 
Figure 3-8 below, radial flow stabilisation and boundary response were reasonably 
matched. However,, it must be mentioned that an improved match to the drawdown 
derivative response was achieved by de-selecting the "Honour gas P/Z depletion" 
option within the Interpret 2007 software. 
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Figure 3-8: Cartesian model validation - radial flow derivative stabilisation (Drawdown) 
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3.4 Relative Permeability 
The relative permeability curves for the simulations are derived from a set of 
laboratory-measured curves of the MTGc gas condensate reservoir. Only normalised 
relative permeability curves were available. Using normalised relative permeability 
provides the opportunity to tailor the fluid flow behaviour to individual cell rock 
properties, which requires endpoints for individual cells. This level of detail was not 
required for this study as the variations in cell properties could complicate and even 
mask the well test behaviours under study. Average properties and de-normalised 
relative permeability curves were utilised. The relative permeability curves were de- 
normalised based on an average gas saturation endpoint of 0.6. Shown below in Figure 
3-9 below are the de-normalised gas-oil relative permeability curves. 
Connate water was made immobile by including the initial water saturation in the 
water-oil endpoint scaling treatment. This was consistent with no observed produced 
water during the production history of Well W-7 in the MTGc reservoir (Figure F-1, 
Appendix F). The water-oil relative permeability data and the normalised gas-oil 
relative penneability data are shown in Tables B-2 to B-3 and Figures B-2 to B-3 
(Appendix B). 
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Figure 3-9: Gas-Oil relative permeability curves from the MTGc reservoir. 
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3.5 Effects of Capillary Number on Relative Permeability 
As discussed in Section 2-3, many of the input parameters required to model the effects 
of the Capillary Number need to be experimentally determined. Very often, these 
measurements are not made. One of the important parameters for modelling the effect 
of the capillary number is the base capillary number Ncb- the lower threshold below 
which the capillary number has no effect on the phase relative permeabilities. Hashemi 
(2006) demonstrated through sensitivity analysis the effects of varying Ncb on gas 
relative permeabilities (Fig. 3-10). 
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Figure 3-10: Sensitivity Analysis on NO 
Bozorgzadeh and Gringarten (2005) explained that the Base Capillary Number can be 
directly obtained from well test analysis, if the derivative stabilisation corresponding to 
N, effect can be seen in a well test as shown below (Figure 3-11). 
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Figure 3-11: Log-Log normalised BU derivatives (Bozorgzadeh and Gringarten) 
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The Base Capillary Number (Ncb)can be estimated using the corresponding pressure at 
point "A" and the corresponding gas viscosity and surface tensions from the black oil 
PVT table. However, observed behaviours from many rich gas condensate reservoirs 
do not show the step change in derivative stabilisations between the velocity stripping 
zone (Is' stabilisation) and the main condensate bank (2 nd stabilisation). 
3.5.1 Capillary Number and Non Darcy Modelling 
Very often experimental measurements required to determine the input parameters for 
capillary number modelling are not made, which was the case for the MTGc reservoir. 
The MTGc reservoir is a rich gas condensate reservoir with approximately three years 
of production and pressure history. 
Chapter 6 presents the sequential analysis of a series of production tests conducted 
over three years from a production well (W-7), where all production and build-up data 
were below the dew point pressure. Based on petrophysical interpretation over the 
production interval, W-7 has an average porosity of 13.4% and a net thickness of 
26.3ft. Well test interpretation of W-7 production tests gives a reservoir permeability 
of 137.5mD (consistent with the arithmetic average core permeability) and a total skin 
variation from 35 to 95 (Chapter 6, Figure 6-26; Appendix G-3). 
Multi-rate tests can be used to understand velocity effects on condensate well 
performance, by matching observed responses to single well simulation models. This 
can be a way of tuning the capillary number model and investigating the effects of 
capillary number on productivity. A single well simulation model with 120 cells in the 
radial direction (Figure 3-12) was constructed to represent Well W-7 and the 
surrounding reservoir as interpreted from well logs and well tests. 
40 
Distance ft 
4 0000 ? 0000 401(j(), 
JL- I 
40()00 
4,0000 
41 
9-20000 
.T 
-40000 
. 
50 
T 
ý7 1.10 
0.13 400 
Figure 3-12: Single well (W-7) radial grid 
Shown below in Figure 3-13 are simulation runs of a multi-rate test (without capillary 
number effect) from the MTGc reservoir with skin values ranging from 35 to 95. 
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Figure 3-13: Multi-rate test - sensitivity to skin 
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As shown in Figure 3-13, the simulation model (without capillary number effect) over 
predicts the drawdowns over the range of total skin values from the interpreted well 
tests (Chapter 6). However, a reasonable match to the multi-rate test can be obtained 
with a skin of 25 as shown in Figure 3-14. 
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Figure 3-14: Multi-rate test - simulation match using skin adjustment 
Errors in measurements, interpretations and modelling could partly account for some 
of the observed differences in measured and simulated data. The capillary number 
effect is a possible reason for the observed discrepancies. Accurate capillary number 
modelling can correct the observed trends. As discussed in Chapter 2, capillary number 
effects (positive coupling or viscous stripping) increase the mobility in the near-well 
region and should be included in the numerical simulation otherwise pressure drops 
below the dew point pressure could be over estimated. 
As no experimental data on the capillary number parameters were available, the model 
parameters were obtained as follows: 
6 Estimate the base capillary (1.3 x 10-5 ) number using a low pressure (100 psi) 
gas-oil surface tension and gas viscosity values from simulated CVD 
experiments (Figure 3-15) of Fluid "M" (Section 3.2). 
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Figure 3-15: Simulated low pressure gas-oil surface tension and gas viscosity profiles I 
0A velocity of 10 ft/day (- 11.5xl 0-5 ft/s) was selected, as away from wells 
fluid velocities rarely exceed this value (Eclipse 300). 
0 The mg parameter was set to the lower limit of zero. mg is a dimensionless 
parameter that controls the variability of the critical gas saturation with 
normalized capillary number (Eclipse 300). The lower limit value of zero 
implies the critical gas saturation is always zero regardless of capillary number. 
This parameter controls critical gas saturation through a scaling parameter: 
XP =I- exp(-mpNcnp) that modifies the residual saturation to Sbp -: > XpSbp. 
The lower limit of zero implies the critical gas saturation (0.05) is 
approximated to zero. 
0 Sensitivities run on the mo parameter showed negligible change in pressure 
profile in values from zero to 10. The in,, parameter controls the variability of 
the critical oil saturation with normalized capillary number (Eclipse 300). The 
lower limit value of zero implies the critical oil saturation is always zero 
regardless of capillary number. A value of 10 was selected, which allows the 
critical oil saturation to vary as a function of the capillary number during 
simulation runs. 
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The nI and n2 parameter controls the weighting between the miscible and 
immiscible relative permeability curves (Eclipse 300). A miscible (straight- 
line) relative permeability curve is constructed using Eq. 3-1. 
krinp = 
sp-xp Srbp 
Eq. 3-1 1- XpSr 
where Sp is the normalised or HCPV saturation of the pth phase, which is related 
to the true saturation Sp* by: 
s* sp = 
(1-Sw) 
where S,, is the water saturation. 
Eq. 3-2 
d The user-input base relative permeability curves, krbp, are modified because of 
the change in saturation through Eq. 3-2. The N, modified relative permeability 
curve for phase 'p' is calculated from: 
1 
N Ily", k + (I N 11nP )k rvp cnp rbp cnp rmp 
where n=nS 
n2p 
p lp p 
Eq. 3-3 
The nip and n2p are experimentally determined parameters. Due to the un- 
availability, their impact was assessed by running sensitivities (Figure 3-19). 
Shown in Figures 3-16 is a comparison of observed measurements and simulated 
results with the capillary number effect included using the calculated base capillary 
number (Nb)of 1.3 x 10-5. 
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Figure 3-16: Comparison of the measured and simulated data (with the capillary number model) 
The capillary number effect over compensates for the simulated higher drawdowns 
using a skin value of 35. 
Below the dew point pressure (4835psi), it remains a challenge to separate the negative 
inertial effects (non-Darcy flow) from the positive coupling (capillary number) effects. 
The complication arises from the fact that both effects act in opposite directions and 
are both rate and pressure dependent. For the non-Darcy feature we use the 
Forchheimer correction which takes into account the inertia effects due to high 
velocity. 
For two-phase flow, a limited number of correlations exist: (Geertsma 1974, 
Henderson et al. 2000) that relate P to the fluid saturation and/or the relative 
permeability: 
Pj --P 
rp O'S'(kk P 
Eq. 3-4 
S is the phase saturation, kj is the relative permeability and a, b, c and d are constants 
(empirical correlation parameters). The simulated drawdowns are shown (Figure 3-17) 
to be very sensitive to the empirical correlation parameters. The empirical correlation 
parameters of 5E-4,5.8,5.8,1 for a, b, c and d respectively gave a good fit to the 
observed data while using the capillary number model and a skin of 35. 
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Figure 3-17: Multi-rate test - sensitivity to non-Darcy empirical correlation parameters 
3.5.2 Sensitivity of N, Parameter on Pressure Drawdown 
The capillary number primarily has an effect on the phase residual saturation and 
relative permeability curves. The parameters Nb and n. modifies the relative 
permeability curves and therefore have a direct impact on pressure drawdown. The np 
parameter controls the weighting between the miscible and immiscible relative 
permeability curves. Shown below in Figures 3-18 and 3-19 are plots showing 
sensitivities of Nb and n. to pressure drawdown. 
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It is worth noting that above the dew point, Nb and np have no effect on the pressure 
drawdown. However, both parameters affect the pressure drawdown below the dew 
point. Over the range investigated, the Nb parameter has a greater impact on pressure 
drawdown. 
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3.6 Summary 
PVT samples of a rich gas-condensate reservoir were characterised and the EOS 
parameters were tuned based on laboratory experimental data. The 19 component EOS 
yielded an initial CGR of 237stb/MMscf, a dew point of 4835 psi and a maximum liquid 
drop-out of 27.5 %, which closely matched the experimental data. 
Single well Cartesian and radial grid models were constructed to simulate well tests in 
homogeneous, geologically composite and closed reservoirs for production above the 
dew point. The accuracy of the simulation models was verified by comparing the 
numerical model outputs with analytical solutions. 
A set of relative permeability curves from the MTGc reservoir was utilised in the 
numerical simulations. The simulation results showed that positive coupling (capillary 
number effect), inertial effects (non-Darcy) and skin could be used to match the 
observed multi-rate test. A method for determining the capillary number parameters in 
the absence of experimental data was also demonstrated. The base capillary number 
(N, b) was shown to have a significant impact on the capillary number effect and 
sensitivities run on other model parameters showed they had a lesser impact. The utilised 
N, b value was estimated from low pressure gas-oil surface tension and gas viscosity 
values from simulated CVD experiments. 
Above the dew point pressure, the capillary number effect was shown to have no effect 
on the simulated pressure response. It is suggested that where possible, multi-rate tests 
should be conducted above and below the dew point pressure. This could prove very 
useful in separating capillary number and skin effects when matching multi-rate tests. 
Below the dew point, separating the negative inertial effects from the positive coupling 
effects can be a challenge. The complication arises from the fact that both effects act in 
opposite directions and are both rate and pressure dependent. The near wellbore pressure 
and velocity and determine the magnitude of the capillary number and non-Darcy flow 
coefficient in a gas condensate reservoir. During production, the highest velocity in the 
reservoir occurs in the near-well region due to decreasing flow area. The interfacial 
tension also increases in the near wellbore region due to decreasing pressure. The 
conflicting effects of flow velocity and interfacial tension affect the magnitude of the 
capillary number. For two-phase flow, there is evidence (Wong 
1970) in the literature 
that the non-Darcy flow coefficient further increases as 
liquid saturation increases. 
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Chapter 4 
RICH GAS CONDENSATE DYNAMICS 
4.1 Introduction 
In this chapter, we present the results determined from compositional simulation 
studies performed to understand and characterise reservoir fluid dynamics and well test 
behaviour of wells in rich gas condensate reservoirs. The simulation models were run 
nil.. above and below the dew point to investigate the behaviours of the liquid drop-out 
regions. The models were run with and without velocity dependent parameters in order 
to further understand their impact on well test behaviours and productivity. The 
primary behaviours studied are: 
0 The effect of production rate and time on the fluid saturation profiles during 
drawdowns and build-ups 
0A practical method to determining the storativity ratio to estimate the radius of 
the condensate bank 
0 The effects of geological complexities on the liquid saturation profile 
0 The effects re-vaporisation due to re-pressurisation by gas injection 
4.2 Effects of Production Rate on Near-wellbore Behaviour 
The impact of varying production rates on the condensate saturation profiles were 
investigated using compositional simulation models. The models were setup to have 
the reservoir fluid initially in single (gaseous) phase, with the initial pressure just 
nil, above the dew point pressure. During production the wells flowed with the flowing 
bottomhole pressure below the dew point. 
Model Fluid Type Initial Pressure DP Pressure Production Rates 
(GQ (psi) (psi) (MMscf/d) 
3 DD's (25,35,45) 
Infinite - MTGc- 5000 4800 3 BU's (0,0,0) 
Acting Fluid 
I 
Table 4- 1: Input data and constraint for simulation model 
The detailed model description is shown in Appendix C. 
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Figure 4-1: BHP comparisons of models run with and without velocity dependent parameters (Vdep) I 
It can be seen from (Figure 4-1) that the capillary number effect is only significant at 
higher rates when the flowing bottomhole pressure falls substantially below the dew 
point pressure. 
4.2.1 Drawdown Saturation and Relative Permeability Profiles 
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Figure 4-2: DID I S,, and k, plots (with and without velocity dependent parameters-Vdep) 
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Figure 4-3: DD2 S,, and kr Plots (with and without velocity dependent parameters) 
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Figure 4-4: DD3 S,, and kr Plots (with and without velocity dependent parameters) 
During production, the liquid saturation accumulation and extent of the two-phase 
region is a function of the production rate and total production. At high rates (high 
drawdowns) the reduction in gas relative permeability is severe, but can be 
overestimated if the capillary number effect is not incorporated. A velocity stripping 
region in the very near-wellbore vicinity was observed only at higher rates. 
4.2.2 Transient Pressure and Saturation Profiles during Shut-in (Build-up) 
4.2.2.1 Build-up-2 (BU2) 
The plots below (Figure 4-5 and Figure 4-6) show the changing pressure and saturation 
profiles at the end of the drawdown (DD2) and during the subsequent shut-in (BU2) 
for simulation run with the velocity dependent parameters (Nc and Nd), 
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Figure 4-5: Transient pressure profile during shut-in (BU2) 
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Figure 4-6: Transient oil saturation profile during shut-in (BU2) 
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Below the dew point, the oil saturation is highest at the end of the drawdown preceding 
the build-up. The rate of pressure change during a build-up is a function of the 
reservoir and fluid properties. The increasing pressure causes a change in the fluid 
properties (oil and gas) radially away from the well as shown in Figures 4-7 to 4-9 
below, which ultimately causes the changing oil saturation profiles shown above in 
Figure 4-6. With increasing time and pressure during the build-up, the oil viscosity and 
density decreases as the gas viscosity and density increases. This is accompanied by a 
reduction in surface tension and miscibility develops forming a richer single phase 
(gas) fluid at high enough pressures. 
During the build-up process, the oil saturation and radius of the condensate bank 
reduces. For the relative short production period (60 days), when the near-wellbore 
build-up pressure exceeds the dew point pressure, the liquid bank eventually 
disappears. 
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Figure 4-7: Changing oil and gas viscosity during shut-in (BU2) 
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Figure 4-8: Changing oil and gas density during shut-in (BU2) 
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Figure 4-9: Changing surface tension and relative permeability profile during shut-in (BU2) t=) 
4.2.2.2 Build-up-3 (BU3) 
The plots (Figures 4-10 and 4-11) below show the changing pressure and saturation 
profiles during shut-in (BU3). Relative to BU2, BU3 has a higher preceding flow rate 
(drawdown). 
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Figure 4-10: Transient pressure profile during shut-in (BU3) 
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Figure 4-11 Transient oil saturation profile during shut-in (BU3) 
Unlike BU2, the oil saturation during the build-up initially increases above the value 
observed at the end of the preceeding drawdown. The build-up oil saturation rapidly 
rises to a maximum value and then starts to decrease with increasing near-wellbore 
pressure. When the well is shut-in after high rate production, the rate of near-wellbore 
liquid deposition temporarily exceeds the rate of re-vaporisation due to increasing 
pressure. 
Like BU2, the increasing pressure causes a change in the fluid properties (oil and gas) 
radially away from the well as shown in Figures 4-12 to 4-14, which ultimately causes 
the changing oil saturation profiles shown above (Figure 4-11). For the relative short 
production period (60 days), when the near-wellbore build-up pressure exceeds the 
dew point pressure, the liquid bank also disappears. 
As time progresses during the build-up (Figures 4-6 and 4-11), the very near-wellbore 
oil saturation abruptly drops to zero (Appendix C, Figure C-1). The abrupt decline in 
oil saturation to zero is attributed to the difficulty of the simulator to accurately 
distinginuish between the phases as they become very similar in the near-wellbore. 
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Figure 4-12: Changing oil and gas viscosity during shut-in (BU3) 1: 1 Co In 
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Figure 4-13: Changing oil and gas density during shut-in (BU3) 
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Figure 4-14: Changing surface tension and relative permeability profile during shut-in (BU3) 
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4.2.3 Comparison of Build-up Derivative and Transient Liquid Saturation 
Profile 
The derivative as represented by Bourdet et al. (1983) is calculated in relation to the 
time function of radial flow in the transient regime. As described in Section 1.1, above 
the dew point pressure in a gas condensate reservoir the derivative radial flow 
stabilisation corresponds to the reservoirs mobility unaffected by liquid drop-out. Gas 
condensate reservoirs exhibit a complex behaviour when wells are produced below the 
dew point, due to the existence of a two fluid system, reservoir gas and liquid 
condensate. Different mobility regions develop around the wellbore corresponding to 
the original gas in place (away from the well) and the condensate drop region which is 
affected by the capillary number effect. 
Well test interpretations in gas condensate reservoirs can be complicated by phase 
redistribution effects. Most of the information from a well test generally comes from 
interpreting pressure build-ups. Interpreting drawdowns can be further complicated by 
the flow rate fluctuations inherent to production. 
Paradigm's Interpret 2007 software package was used to carry out a rate validation on 
all the build-ups. This computes and displays the pressure change and derivative curves 
on a rate-normalised log-log plot. 
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Figure 4-15: Rate normalised pressure change and derivative plots (BU 1, BU2 & BU3) 
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In BU2 and BU3, the liquid drop-out region extends to about 0.14 hrs (8 minutes) and 
1.4 hrs respectively (Figure 4-15). The derivative shapes for BU2 and BU3 do not 
show a uniform level stabilisation (constant mobility) in the liquid drop-out region. 
Rather, the mobility gradually increases from a minimum at early times to the 
.I reservoir's initial gas mobility at later times. This is in slight contrast to many of the 
published derivative shapes for lean condensate fluids where a uniform stabilisation 
corresponding to the liquid drop-out region is usually observed followed by a steeper 
increase to the initial gas mobility. 
4.2.3.1 Build-up-2 (BU2) 
Shown below (Figure 4-16) are plots of the condensate saturation profile (A) from 
Figure 4-6 and an asymptote (maximum point) plot (B) of the saturation profile versus 
elapsed time. 
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Figure 4-16: BU2 condensate saturation profile (A) and asymptote plot (B) 
From the above asymptote plot, the condensate saturation can be seen to reduce from a 
maximum of 20% to zero (after about 7 minutes). On the condensate saturation profile, 
two-phase region reduces from about 14 ft at the start of the build-up to about 6 ft 
when the near-wellbore pressure reaches the dew point, after which all the liquid 
condensate re-vaporises and only single phase gas exists. 
58 
BU2 Comparison of Derivative and Condensate Saturation Piofiles 
100 
-0-Normalised derivative 
So Asymptote Profile 
u 
10 
I 
0.1 
0.001 
Elapsed Time (hrs) 
Figure 4-17: Comparison of the derivative and condensate saturation profiles (BU2) 
The comparison of the derivative plot and the condensate saturation profiles (Figure 4- 
17) shows a similar duration (6 minutes) to reach radial flow stabilisation to the 
reservoir permeability (un-affected by liquid drop-out) and zero percent condensate 
saturation respectively. 
4.2.3.2 Build-up-3 (BU3) 
Shown below (Figure 4-18) are plots of the condensate saturation profile (A) from 
Figure 4-11 and an asymptote plot (B) of the saturation profile versus elapsed time. 
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Figure 4-18: BU3 condensate saturation profile (A) and asymptote plot (B) 
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From the above asymptote plot, the condensate saturation can be seen to gradually 
increase from 27% to a maximum of 28.5% (1.4 minutes) and then reduce to zero 
(after about 1.2 hrs). 
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Figure 4-19: Comparison of the derivative and condensate saturation profiles (BU3) 1. 
The comparison of the derivative plot and the condensate saturation profiles (Figure 4- 
19) clearly shows a similar duration (about I hour) to reach radial flow stabilisation to 
the reservoir permeability (un-affected by liquid drop-out) and zero percent condensate 
saturation, respectively. 
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4.2.3.3 Discussion 
In the scenario, where (1) the initial reservoir pressure is greater than the dew point 
pressure, (2) the flowing bottornhole pressure is lower than the dew point pressure and 
(3) the final shut-in pressure is above the dew point, the following can be deduced: 
m The time duration of the existence of two-phase fluids (gas and liquid 
condensate) around the wellbore corresponds to the time duration on the well 
test derivative of reduced mobility due to liquid drop-out. 
m The well test derivative reflects the wellbore pressure effects caused by the 
changing saturation profile around the well. 
Based on the above, the liquid drop-out region (condensate bank) refers to the total 
region where two-phase fluids (gas and liquid condensate) exist. The storativity ratio to 
determine this radius can be estimated from the total compressibility ratio between this 
two-phase region and the region away from the wellbore where the original single 
phase gas exists. 
61 
4.2.4 Determining the Radius of the Liquid Drop-out Region (Condensate bank) 
4.2.4.1 Published Methodsfor Radius Calculations 
Various methods have been proposed over the years to estimate the condensate bank 
radius from well test data. Application of many of these methods can be complicated 
for practical well test analysis, sometimes making the results prone to error. 
4. Z4.1.1 Deviation Time Method (Van Poollen 1964,1965) 
The deviation time method calculates a front radius from the time (tend) at the end of 
the first semi-log Homer straight line, which represents the two-phase inner region 
mobility: 
All t end 
(0*P*CA (tl)e)end Eq. 4-1 
where k, 0, u and c, are the Region I permeability, porosity, viscosity and total 
compressibility respectively. A is a conversion factor and (tDe )endis a theoretical 
dimensionless deviation time based on the front radius. The accuracy of the method is 
very dependent on (tDe )end calculations and the correct identification of the first semi- 
log straight line which can be masked by the wellbore storage and phase redistribution 
effects. Bozorgzadeh and Gringarten (2004) also suggested that obtaining accurate 
deviation time factor for small mobility contrasts could be difficult. 
4.2.4.1.2 Intersection Time Method (Odeh 1969, Ramey 19 70, Merrill et al. 19 74) 
The intersection method uses the intersection time of the two semi-log Homer straight 
lines which correspond to the mobilities of the two-phase (gas and liquid condensate) 
inner region and the single-phase (gas) outer region coupled with a theoretical 
dimensionless intersection time(tDX)- 
Atl)x RD 
J( Al -I 
DX - 
Akitx 
(Opc I), r" 
Eq. 4-2 
Eq. 4-3 
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(klopc, ), 
(k / OXI )2 
M_ 
(k1p), 
(k / 1i)) 
Eq. 4-4 
Eq. 4-5 
A is a conversion factor, RDis the dimensionless bank radius, r, the well radius, M the 
mobility ratio and D the diffusivity ratio. k, 0, ýi and ct are the permeability, porosity, 
viscosity and total compressibility respectively. 
The intersection method relies to accurately identifying the intersection point from the 
two Homer semi-log straight lines, which is not always obvious. Identifying the first 
and second semi-log straight lines can be further complicated by wellbore storage 
effects and boundary effects respectively. 
4.2.4.1.3 Pressure Build-up Interpretation Procedure (Bozorgzadeh and Gringarten 2004) 
This procedure involves the following: 
m Construct and use a tuned EOS model to predict the actual reservoir fluid 
properties using a PVT package. 
Utilise the tuned EOS model to generate live-oil and wet-gas PVT (Black-oil) 
tables as a function of pressure over the entire pressure range of the well test. 
Calculate the total compressibility for the two-phase region (1) at the pressure 
at the time of the shut-in and for the outer gas region (2) at the average 
reservoir pressure, using the following relationship. 
Sg - dBg dRv BO - Rs Bg 
C --,: (I - S") 
Bg dp dp I-R, 
vR, + SWCW + Cr Eq. 4-6 
Ic So - dBO dRS Bg - 
R, BO 
BO dp 
_dp 
I-R, R, 
Calculate the storativity ratio [0ch]112 using the determined storativities for 
both regions. 
[0c, h]112 = 
cil 
Eq. 4-7 
C12 
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Calculate the two-phase viscosity using the values from the generated Black-oil 
tables using the pressure at the time of shut-in. 
P')-O = 
S, 
-P" + (I - S, *z Eq. 4-8 
Determine the mobility ratio from the effective permeabilities determined from 
each derivative radial flow stabilisation line and the calculated two-phase 
viscosity. 
kh 
--,: 
(k, 'PI)2-0 
P 1/2 (k2 
/ P2 ) 
thygas 
Eq. 4-9 
Determine the condensate bank radius from well test analysis using the single 
phase gas pseudo-pressure and a radial composite model with the determined 
storativity and mobility ratios. 
In their work (Bozorgzadeh and Gringarten 2004), the above method was demonstrated 
to be applicable to lean condensate reservoirs producing a relatively low flow rates but 
was not validated on rich condensate reservoirs. The method is also very dependent on 
having a well tuned EOS model from a PVT package for the generation of live-oil and 
wet-gas properties prior to the interpretation of the build-up derivative. 
4. Z4.2 Estimating the Condensate Bank Radius in Rich Condensate Reservoirs 
It has been shown earlier in this chapter that for rich gas condensate reservoirs, the 
saturation profile and fluid properties are constantly changing from the time of shut-in 
to the end of the build-up. During the build-up, if the near-wellbore reservoir pressure 
exceeds the dew point pressure, the liquid condensate in the two-phase region (1) can 
completely re-vaporise, returning the region to single phase gas. 
The measured wellbore pressure readings and hence the build-up pressure derivative 
reflect the effects of the changing fluid saturations and properties. The condensate bank 
radius as reflected by the build-up derivative is the region extending between the outer 
end of the two-phase region at the time of shut-in and the outer end of the two-phase 
region as the near-wellbore pressure approaches the dew point pressure. 
Determining the radius of the condensate bank from well test analysis relies on 
accurate estimates of the storativity ratio [0ch], 12 -In homogenous reservoirs of uniform 
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thickness and porosity, the storativity ratio simply becomes a total compressibility 
ratio: 
[oc, h]ý12 - 
C/I 
C12 
Eq. 4-10 
It is possible to calculate a value for the total compressibility of a hydrocarbon system 
where mass exchange may occur between the reservoirs liquid and vapour phases. The 
compressibility equation can be expressed as: 
I dV 
V dP 
Eq. 4-11 
where V is the mixture volume and P is the pressure. The above equation suggests that 
if the pressure of the system is increased, the volume occupied by the liquid-vapour 
system should decrease. However, oil sometimes swells when the pressure increases. 
This swelling occurs because gas is dissolving in the oil. As the reduction in the 
volume of gas is greater than the increase in the volume of oil, the total volume of the 
oil-gas mixture reduces as the pressure increases. The total system compressibility can 
also be expressed as: 
ct =(I - 
S,, )[S 
gCga. v 
+ SoCod I+ SwCw + Cr Eq. 4-12 
The subscripts t, w, g, o, and r denote total, water, gas, oil and rock respectively. 
4.24.21 Build-up 2 (BU2) 
Prior to the shut-in for BU2 (60 days) the well was flowed at a rate of 35 MMscf/day 
for 60 days. The average reservoir pressure was 5000 psi and the FBHP at the end of 
the preceding drawdown was 4245 psi, giving a total system compressibility of 4.3e-5 
psi-' and 7.4e-5 psi- 1, respectively. This gives a storativity ratio of 1.72. The estimated 
mobility ratio determined from the derivative stabilisations is approximately 0.5 as 
shown in Figure 4-20. 
An interpretation carried out using the gas pseudo-pressure m(p) and determined 
values of the mobility and storativity ratios gave a condensate bank radius of 12 ft. The 
well test interpretation model match to the simulated data and results are shown below 
in Figure 4-20 and Table 4-3. 
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BU2 Interpretation Model 
Early Time Middle Time Late Time 
Wellbore storage and Skin 2-Zone Radial Composite Infinite Acting 
Table 4-2: BU2 well test interpretation model 
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Figure 4-20: Well test model match to simulated data (BU2) 
BU2 Well Test Results 
P., (psi) P"f (psi) k2 gas (MD) S(w) S(t) [0c, h], /2 [kh/u]1/2 r, (ft) 
5000 4244 100 1.3 6.1 1.72 0.5 12 
Table 4-3: BU2 Well Test Interpretation Results 
The interpretation model is well matched to the data on the log-log (pressure and 
derivative) and Homer plots. The build-up profile is well matched on the simulation 
pressure history but not on the drawdowns below the dew point. This is due to the 
different well test behaviours of build-ups and drawdowns, when wells are flowed 
below the dew point pressure. As shown in below (Figure 4-21) and in Section 4.3 the 
build-up derivative response is the reverse (mirror image) of the drawdown derivative 
response and as such would require different model parameters 
in its interpretation. 
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This is similar to responses observed in volatile oil reservoirs (Sanni et al. 2008) and 
different to published responses from lean condensate reservoirs where the condensate 
saturation profile at the end of a drawdown is similar to the condensate saturation 
profile at the end of the subsequent build-up. 
The interpreted condensate bank radius of 12 ft is within the range (6 ft - 14 ft) of the 
changing saturation profile seen during the build-up from the numerical simulation 
output as shown in Figure 4-17. 
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Figure 4-2 1: Comparison of drawdown (DD2) and Subsequent build-up (BU2) derivative 
The I" radial flow stabilisation of the drawdown derivative initially reflects the 
mobility of the reservoir with the gas at initial saturation. As the FBHP drops below 
the dew point (-O. Oldays), the drawdown derivative starts to reflect the reduced 
mobility due to near-wellbore liquid drop-out. The trend is reversed in the build-up 
derivative, where the initial mobility reflects the reduced mobility as a result of near- 
wellbore liquid drop-out and as the build-up pressure exceeds the dew point 
(-O. Oldays), the build-up derivative then reflects the mobility of the reservoir with the 
gas at initial saturation. 
4. Z4.2.2 Build-up 3 (BU3) 
Following BU2 (60 days) the well was re-opened at a higher rate of 45 MMscf/day for 
60 days and shut-in (BU3) for 60 days. The average reservoir pressure was 5000 psi 
and the FBHP at the end of the preceding drawdown was 3740 psi, giving total system 
compressibilities of 4.3e-5 psi-' and 9.06e-5 psi-' respectively. This gives a storativity 
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ratio of 2.09. The estimated mobility ratio determined from the derivative stabilisations 
is approximately 0.4 as shown in Figure 4-22. 
An interpretation carried out using the gas pseudo-pressure m(p) and determined 
values of the mobility and storativity ratios gave a condensate bank radius of 25 ft. The 
well test interpretation model match to the simulated data and results are shown below 
in Figure 4-22 and Table 4-5. 
BU3 Interpretation Model 
Early Time I Middle Time Late Time 
Wellbore storage and Skin 
I 2-Zone Radial Composite Infinite Acting 
Table 4-4: Well test interpretation model (BU2) 
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Figure 4-22 Well test model match to simulated data (BU3) 
BU3 Well Test Results 
Pav (Psi) P. f (psi) 
k2 
gas (m D) S(w) S(t) [0c, h]112 [kh/u] 1/2 
r, (ft) 
5000 3725 100 1.8 11 2.09 0.4 25 
Table 4-5: Well test interpretation results (BU3) 
The interpretation model is well matched to the data on the log-log (pressure and 
derivative), Horner plots and simulation history plots (except the drawdowns due to the 
68 
different well test behaviours of build-ups and drawdowns, when wells are flowed 
below the dew point pressure). 
The interpreted condensate bank radius of 25 ft is at the lower end of the range (25 ft - 
70 ft) of the changing saturation profile seen during the build-up from the numerical 
simulation output as shown in Figure 4-19. The well test interpreted bank radius 
matches the extent of the liquid drop-out region at the time during the build-up when 
the near wellbore approaches the dew point pressure. 
The plot of wellbore skin S(w) vs. rate (Figure 4-23) has a positive gradient, with a 
low value (+0.05 d/MMscf) which is because the capillary number effect does not 
completely compensate for additional skin due to inertial effects. The skin at zero rate 
S(O) is approximately zero. The skin component due to the liquid bank increases 
significantly with rate. This is as a result of a growing condensate bank at increasing 
drawdowns below the dew point pressure. 
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Figure 4-23: Skins vs. rate relationship 
Dake (1978) showed through dimensional analysis that P (Forchheimer coefficient of 
inertia resistance) has the dimension of inverse length (L-' or cm-1). In Eclipse 300, P is 
39 
a user input (specified by four empirical correlation parameters a, b, c and d) in 
Forchheimer (F) units, IF = 1.01325E+6 cm-1. For a, b, c, and d values of 5E-4,5.5, 
5.5 and I respectively were used. P is calculated as 6.2F (6.28E+6 cm-1) using Eq. 3-4 
for the simulated reservoir of 100md permeability with an initial gas saturation of 0.6. 
Dake (1978) showed typical values of P as a function of absolute permeability based 
on laboratory core experiments, where a 100md core was shown to have aP value of 
5E+6 cm-1 (approx. 5F). 
The calculated (Eclipse 300) non-Darcy factor (Nd) profile for the simulated case 
(Figure 4-1) is shown in Figure 4-24. Nd ranges from 0.015 d/MMscf at the low rate to 
0.082 d/MMscf at the high rate and averages at approximately 0.05 d/MMscf. The well 
test interpretation result for Nd (0.05 d/MMscf) is within this range, and closely 
matches average Nd value (0.05 d/MMscf) from compositional simulation (Eclipse 
300). 
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Figure 4-24: Compositional simulation non-Darcy factor profile 
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4.2-4.3 Proposed (Simplified) Methodfor Estimating the Storativity Ratio 
The total compressibility for a hydrocarbon reservoir can be expressed as: 
Ct =(I - 
S,, )[S 
9'Cgas 
+ So 
*Coil 
I+ SwCw + Cr Eq. 4-13 
The subscripts t, w, g, o, and r denote total, water, gas, oil and rock respectively. 
As mentioned Bozorgzadeh et al. (2004) and published in elsewhere (Eclipse 300), this 
shown to be equivalent to: 
Sg - dBg dRv Bo - Rs Bg 
Bg dp dp I- RsR, 
cF 
tc =(I - 
S,, ) + SWCW + Cr Eq. 4-14 
dRs Bg - RvBo So - dBo + + 
Bo dp dp I- RsRv 
Gas condensate fluids are very compressible fluids and are typically over an order of 
magnitude more compressible than water or rock. 
Assuming that Cg, o >> Cr and cg, o >> cw 9 
Equations 4-13 and 4-14 above can be 
approximated as: 
CI = [S 9 
Cgas + So Coil I 
dR 
V 
Bo - R, Bg Sg - dBg + 
Bg dp 
- 
dp I-R, R, 
ct, 
dR, B, - RvBO SO - dBO + + 
Bo dp dp I- RsR, 
Eq. 4-15 
Eq. 4-16 
Above the dew point when only single phase gas exists, the isothermal compressibility 
value can be calculated by differentiation of the real gas EOS, pV = ZnRT 
(McCain 
1989)ý 
where p: pressure (psia) 
R: universal gas constant (10.732 ft3 /Ibmol) 
V: volume (cu. ft) 
T: absolute temperature (OR) 
n: quantity of gas (lb moles) 
71 
Z: dimensionless, Z-factor 
which gives, 
C9 =_ 
I dV 
V dP 
-I -I 
az 
si 
pZ ap 
Eq. 4-17 
To a first approximation, this may be evaluated as the reciprocal of pressure i. e. 
oc Eq. 4-18 
Below the dew point, liquid condensate (oil) exists and the oil isothermal 
compressibility coefficient is related to oil formation volume factor (Danesh 1998) as, 
aBo 
co - 
ap 
oc 
I 
Eq. 4-19 
Bo Bo 
The main controlling factors on the total two-phase compressibility are: 
The reservoir pressure which determines the fluid saturations and is also 
inversely proportional to the gas compressibility 
Oil swelling due to gas dissolving in the oil is controlled by Bo, which is 
inversely proportional to the oil compressibility. 
The storativity ratio can be approximated as: 
[0c, h]ll 2 
C11 
- 
(YP. ). 
= Ca' 
P2. (B,, ) dp Eq. 4-20 
C12 (YP2) (BO )I 
where ctl: region I compressibility 
CC: region 2 compressibility 
pl: flowing bottornhole pressure at shut-in 
P2: average reservoir pressure 
(Bo)dp: oil formation volume factor at the dew point 
(Bo)j: oil formation volume factor at pressure p, 
C,,: correction factor (dependent on reservoir and fluid properties) 
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A comparison is made (Appendix D) between the above simplified method and the 
pressure build-up interpretation method of Bozorgzadeh and Gringarten (2004). The 
results of the comparison are shown (Figures 4-25 to 4-26) on the total compressibility 
ratio between the near-wellbore liquid drop-out region (regionl) and the single phase 
gas region (region2) over a range of pressures below the dew point pressure. 
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Figure 4-25: Comparison of storativity ratio using the detailed and simplified method 
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Figure 4-26: Error difference between detailed and simplified method 
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Figures 4-25 and 4-26 show a good match between the compressibility ratios derived 
from both methods. Applying a correction factor of 10% (Q, = 1.1) in this case, gives a 
near perfect match in the medium to high pressure range. Errors of up to 10% in 
storativity ratio minimally affect the calculated condensate bank radius from well test 
analysis. Verification with data from a volatile oil reservoir (Sanni 2008) also shows a 
good match with a difference of less than 10%. 
4.3 Effects of Production Time on Near-wellbore Behaviour in a 
Closed System 
The impact of varying production time on the condensate saturation profiles were 
investigated using compositional simulation models. The model was setup as a closed 
system to allow the average reservoir pressure to decline with production. The initial 
pressure was above the dew point. During production the wells flowed with a flowing 
bottornhole pressure below the dew point pressure. 
Model Fluid Type Initial Pressure DP Pressure Production Rates 
(GC) (psi) (psi) (MMscf/d) 
2 DD's (35,35) 
Closed-A I MTGc-Fluid 1 5000 4835 2B U's (0,0,0) 
Table 4-6: Input data and constraint for simulation model 
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Figure 4-27: Pressure and production profiles 
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Two flow periods of 35 MMscf/d of 60days and 180days were simulated (Figure 4- 
27), which enabled the average reservoir pressure to drop from initial pressure to the 
dew point pressure. 
As shown in Figure 4-28 below, the derivative of all flow periods show a closed 
system response at late times i. e. unit slope on the DD derivative and a trend towards 
zero on the build-up derivatives. 
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Figure 4-28: Rate normalised pressure change and derivative 
The drawdown derivative of Figure 4-28 shows a reverse profile to the build-up 
derivative i. e. the mobility at the end of the drawdown is approximately the starting 
mobility for the subsequent build-up. The size of the liquid bank (BU2) is shown to 
slightly increase in saturation and substantially increase in extent (radius of bank) 
following the longer duration (180 days) flow period. 
It is shown below (Figure 4-29) that by reducing the production rate, some near- 
wellbore re-vaporization takes place leading to a decreased near-wellbore condensate 
saturation i. e. increased near-wellbore gas mobility. 
However,, as the reservoir pressure at the boundaries goes below the dew point, there is 
liquid drop-out everywhere in the reservoir. This is also confirmed by the shift in the 
boundary response, showing the liquid saturation profile is super-imposed on the 
boundary response. 
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Figure 4-29: Pressure - rate history (A) and rate normalised pressures and derivatives (B) 1. 
The plot of liquid saturation profile is shown in Figure 4-30 below. 
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Figure 4-30: Transient oil saturation profile (BU2) 
A deviation can be observed at middle times between the model output and simulated 
data on the derivative plot (Figure 4-3 1). This is due to the changing (decreasing) 
liquid saturation profile with time and distance away from the wellbore, whereas the 2- 
region composite analytical model assumes a constant mobility in the inner region. In 
these situations, the bank radius needs to be matched to the time where the derivative 
approaches the initial reservoir mobility unaffected by condensate drop-out. The 
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interpreted condensate bank radius is 200 ft which matches the extent of the simulated 
liquid drop-out region. 
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Figure 4-3 1: Pressure and derivative model match to simulated data (BU2) 
BU2 Well Test Results 
(WBS / 2-Region Composite / Closed System) 
Pav (PS 
4 
Pwf (psi) k, gas (MD) S(w) S(t) [0c, h]112 
[kII/U1I/2 r, (ft) 
5000 
_ 3820 _ 100 1.6 13.5 2.05 0.4 200 
Table 4-7: Well Test Interpretation Results (BU2) 
Shown below in Figure 4-32 is a simulation at constant rate production showing the 
evolution and growth of a condensate bank. The pressure derivative confirms that even 
at constant rate,, the condensate bank grows to maximum liquid saturation as it expands 
in lateral extent. Eventually, when the entire reservoir is below the dew point, a 
condensate bank of varying saturation is present throughout the reservoir. 
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4.4 Effects of Production Time on Near-wellbore Behaviour in a 
Geologically Composite System 
The impact of varying production time on the condensate saturation profiles were 
investigated using a compositional simulation model. The model was setup as a 
geologically composite reservoir with a permeability of 100ml) near the well which 
decreased to 40ml) at a radial distance of 890 ft from the well. The average reservoir 
was above the dew point pressure but declines below the dew point during production. 
Model Fluid Type Initial Pressure Rates Duration 
(GC) (psi) (MMscf/d) (days) 
3 DD's (5,30,30) 3 DD's (60,60,180) 
Composite-A MTGc-Fluid 5000 3B U's (0,0,0) 3 BU's (60,60,60) 
Table 4-8: Input data and constraint for simulation model 
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Figure 4-33: Pressure - rate history (A) and rate normalised pressures and derivatives (B) 
For long production times below the dew point, the condensate bank eventually 
extends into the region of reduced permeability. The condensate saturation profile is 
superimposed on the composite reservoir behaviour and the analysis would require the 
use of a 3-region composite model for analysis i. e. regionl (near-wellbore liquid drop- 
out region -r 1); region2 (I OOmD reservoir region at initial gas saturation) and region3 
(40mD reservoir region at initial gas saturation - r2). 
The interpretation is done with reference to the middle region (2). The mobility and 
storativity ratio's between region2 and region3 are 2.5 (geological permeability 
contrast) and 1.0 respectively. The regionl/region2 storativity ratio is determined as 
previously discussed. 
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The well test interpretation model match to the simulated data and results are shown 
below in Figure 4-34 and Table 4-9. 
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Figure 4-334: Well Test Model Match to Simulated Data (BU3) 
BU3 Well Test Results 
(WBS / 3-Region Composite / Infinite Extent) 
Pav Pf k, gas S(w) S(t) [0c, h], /2 
[kh/Ul 
1/2 r, [0c, h]2 /3 
[kh/U]2/3 r2 
(psi) (psi) (mD) (ft) (ft) 
5000 3920 100 3.4 13.0 1.8 0.5 180 1.0 2.5 890 
Table 4-9: BU3 Well Test Interpretation Results 
The liquid bank radius (rl) determined based on the above storativity ratio closely 
matches the extent of the liquid drop-out region at the time during the build-up when 
the bottornhole pressure approaches the dew point pressure. 
A complication arises when regionl extends into region3 (i. e. rl > r2). In this case, the 
mobility ratio between region2 and region3 can be determined as: 
[khlU]213 - 
k2 
(khlU)112 Eq. 4-21 
IC 
3 
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4.5 Effects of Re-vaporisation due to Re-pressurisation on the 
Derivative Response 
Gas injection is a popular EOR option in rich gas condensate reservoirs and has long 
been applied. The main objective is to sustain the average reservoir pressure (and 
possibly the flowing bottomhole pressure) above the dew point pressure, as below the 
dew point, hydrocarbon liquid recovery is less efficient. In addition, below the dew 
point the process can improve condensate recovery by displacing condensate and 
vaporising the intermediate and heavy components of the condensate. 
As the injected dry gas is not initially at equilibrium with the condensed liquid in the 
reservoir, contact between the phases results in mass transfer, hence, changes in 
properties of the two-phases. The displacement of the condensate by the gas becomes 
more efficient when the properties of the advancing gas and displaced condensate 
become more similar i. e. both phases achieve miscibility and the vapour-liquid 
interface diminishes. 
The impact of re-vaporisation due to re-pressurisation (gas injection) was investigated 
using a compositional model with Cartesian grids with a 5-spot Well pattern (I 
producer surrounded by 4 equidistant gas injectors). The average reservoir pressure at 
the onset of gas injection was below the dew point pressure. The produced gas was 
passed through a 3-stage separator, stripping the rich gas of its heavier components 
with the resulting leaner gas available for re-injection. In order to re-pressurise the 
reservoir and return its pressure back above the dew point pressure, make-up gas of 
similar composition to the separator gas output (injected gas) was utilised. 
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Figure 4-35: Fluid separation and gas injection scriematic 
The models were setup as (1) homogenous (100mD reservoir permeability) and (2) 
geologically composite reservoir with a permeability of lOOmD near-wellbore which 
decreased to 40mD away from the well. The dimensions for the local grid refinements 
were defined based on grid-size sensitivity runs ensuring that pressure and saturation 
changes between injectors and the producer were accurately represented. 
4.5.1 Effect of Re-pressurisation - Homogenous Reservoir 
The impact of re-pressurisation by injecting dry gas in a homogenous gas condensate 
reservoir with a fluid bank was investigated using a compositional simulation model. 
The model was setup to have the reservoir fluid initially in two-phase, with the 
pressure below the dew point pressure. Gas was continuously injected during the 
production periods till the average reservoir pressure exceeded the dew point pressure. 
Model Fluid Type - GC Initial Final BU Production Rate Injection Rates 
Dew point Pressure (4) 
(psi) (psi) Pressure (psi) (MMscf/d) (MMscf/d) 
Horno- NIT -Flu 
CI 4835 4300 4880 20000 20000(4) 
Table 4- 10: Input data and constraint for simulation model 
Shown in Figure 4-36 below is the simulated pressure history as the average reservoir 
pressure increases from below the dew point to about 100 psi above the dew point 
pressure. PI production started from FP I and gas injection commenced from FP5. 
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Figure 4-36: Simulatecl pressure nistory 
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The changing condensate saturation profiles during various flow periods (FP) are 
shown below in Figures 4-37 and 4-38. Figure 4-37 also compares the condensate 
saturation profile at the end of the drawdowns and start of subsequent build-ups and 
Figure 4-38 compares the condensate saturation profile at the end of the drawdowns 
and end of subsequent build-ups. 
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Figure 4-37: Drawdown and build-up oil saturation profiles during gas injection (End DID vs. Start BU) 
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Figure 4-38: Drawdown and build-up oil saturation profiles during gas injection (End DD vs. End BU) 
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The liquid saturation profile suggests that when the entire reservoir pressure is below 
the dew point pressure, a liquid bank exists throughout the reservoir. After the 
commencement of gas injection, the oil saturation profile is modified as follows: firstly 
there is a decreasing in oil saturation far away from the production well (closer to the 
injectors) and an increasing trend in oil saturation closer to the producer; the near- 
wellbore oil saturation builds up to a maximum as the liquid region further away from 
the completely disappears; and finally, the oil saturation decreases to a minimum with 
continuous gas injection. 
Several mechanisms come into play as gas is injected into a condensate reservoir 
below the dew point. The injected gas pressurises the regions around the injection 
wells achieving miscible conditions above MMP (minimum miscibility pressure) 
thereby, re-vaporizing the condensed liquids. Further away from the injectors where 
pressures are lower, the injected gas also serves to displace some condensed liquids 
closer to the wellbore. When the near-wellbore oil saturation increases above the 
critical oil saturation (i. e. forming a continuous phase) liquids can directly be produced 
into the wellbore. From a well test point of view, this can complicate the test behaviour 
as the complex phenomenon of phase redistribution becomes more likely. However, 
with continuous injection and positive voidage replacement (i. e. injected volumes 
greater than produced volumes) the re-vaporization front moves closer to the producer. 
At sufficiently high near-wellbore pressures, a significant amount of the near-wellbore 
liquid also become re-vaporised and flows into the reservoir as a rich gas. Although 
simulation results suggest that complete re-vaporization can occur, in real reservoirs 
the likelihood exists that the oil intermediates are completely vaporised and that some 
of the very heavy ends remain as condensed fluids at practical operating pressures and 
injection gas compositions. 
The oil saturation profiles of Figure 4-37 further shows a changing behaviour between 
the production periods and when the wells (injectors and producer) are shut-in for a 
build-up. The saturation profile at the start of the build-up closes matches the profile at 
the end of the preceding drawdown. As a result of increasing pressures during the 
build-up, re-vaporization takes place and causes a decrease in oil saturation over time. 
This makes the liquid saturation profile at the end of the build-up different from the 
liquid saturation profile at the end of the preceding drawdown (Figure 4-38). In cases 
where the final build-up pressures exceed the 
dew Point pressure, complete re- 
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vaporization occurs as indicated by the flow periods FP 16 (BU 16), FP 18 (BU 18) and 
FP20 (BU20) of Figure 4-38. 
These behaviours were further investigated by closely looking at the corresponding oil 
viscosity and surface tension profiles in Figure 4-39 and Figure 4-40, respectively. 
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Figure 4-39: Drawdown and build-up oil viscosity profiles during gas injection 
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Figure 4-40: Drawdown and build-up surface tension profiles during gas injection 
With continuous gas injection, the oil viscosity and surface tension both decrease. This 
shows the properties of the oil and the free gas become more similar. As pressure rises 
above the dew point either due to further injection or well shut-in, the surface tension 
diminishes to zero and the fluid exists as a single phase rich gas in the reservoir. 
This behaviour was investigated using conventional well test analytical methods to 
determine if the advancing gas front (injected gas) and changing fluid saturation 
profiles could be captured by pressure transient analysis. 
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4.5.1.1 Changing Late- Time Behaviour 
The simulated closed reservoir was initially on primary production followed by a phase 
of gas injection. During the primary production phase, when the compressible zone 
reaches all the reservoir boundaries, the flow becomes pseudo steady-state and the late- 
time build-up derivative response tends to zero as shown in Figure 4-41 below. 
1000 
Pressure 
100 
Denvative Closed System 
Res rise 
-ri 10 FP2(BUI) 
FP6(BU3) 
E - FP8(BU4) Moving Constant Pressure,,,, 
z , FPIO(BU5) Boundary 
FP14 (BU7) 
FP16 (BU8) 
0.1 1 10 100 
Elapsed time (days) 
Figure 4-41: Build-up response of closed system and moving constant pressure boundary 
In reservoirs,, steady-state flow can occur when injection and production are balanced 
(Earlougher 1977). Muskat (1949) relates flow rate to inter-well pressure drop for 
several flooding patterns and expresses the dimensionless pressure relationship for a 
five-spot pattern at steady state with a unit mobility ratio and the same well radius (r,, ) 
in all wells as: 
= In 
A-1.9311 
2 
where A is the five-spot pattem area. 
Eq. 4-22 
A constant pressure (CP) boundary can be obtained analytically using the method of 
images. The image well is symmetrical to the tested well in relation to the constant 
pressure boundary and has a flow rate opposite to that of the tested well as shown 
below in Figure 4-42. 
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Image well 
Figure 4-42: Constant boundary representation using method of images 
The pressure variation in dimensionless term at the well can be written as: 
-"ý PI) (tD I rD 
S) - PD (ti), 2r, )) 
(PD) 
" Eq. 4-23 
Provided the wellbore storage effect has ended early enough, the pressure variation at 
the well can be written as: 
Int, )+0.80907 + 2S + Ei 
(2r, 
_> 
)2 
2 4t, 
_) 
Eq. 4-24 
where the first term on the right (Equations 4-23 and 4-24) is the pressure variation due 
to the well and the second term is the pressure variation due to the image well. 
At long times, the image well term can be determined by its logarithmic 
approximation: 
- Ei 
(2r, 
) 
)2 
In 
tD 
)2 +0.80907 Eq. 4-25 41) (2r, 
) 
The pressure drop at the well is then written as: 
(PD) =S+ In 2r, ) Eq. 4-26 
In real variables, the pressure drop can be expressed as: 
Ap = 
qBu (In 
d 
+S) Eq. 4-27 
kh r,, 
From the above expression, late-time pressure at the well is constant for a constant 
pressure boundary. 
There are two methods to determine the distance to the constant pressure boundary 
from semi-log plots are: 
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the intersection of the semi-log straight line and the constant pressure straight line, 
and 
z using a the radius of investigation based on the time the measurement points leave 
the semi-log straight line. 
The presence of a constant pressure boundary is characterised by a stabilisation of the 
pressure. On the derivative log-log representation, it is characterised by a sharp 
decreasing trend towards zero. 
In the situation where there is a net positive voidage (i. e. injected volumes greater than 
produced volumes), the downward trend on the derivative represents a snapshot in time 
of the location of the CP boundary. Figure 4-41 shows a moving position of the 
distance to the CP boundary as seen on the pressure derivative as a result of net 
positive voidage. Shown below in Figures 4-43 to 4-45 are some simulation grid cross 
sections of the pressure profile at different time intervals. Figure 4-43 is a grid 
snapshot prior to gas injection and the late-time behaviour represents a closed systems 
corresponding to the reservoir boundaries. Figures 4-44 and 4-45 are post gas injection 
and a comparison of the pressure distribution snapshots which suggests a constant 
pressure boundary of changing location. 
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Figure 4-43: Simulation grid pressure x-section at time 0 days 
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Figure 4-44: Simulation grid pressure x-section at time 540 days 
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Figure 4-45: Simulation grid pressure x-section at time 1340 days 
4.5.1.2 Changing Fluid Saturations 
FP4 is the build-up derivative response just prior to the commencement of gas injection 
when the reservoir pressure is below the dew point pressure. The derivative 
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stabilisation corresponds to the reduced effective permeability to gas as a result of 
liquid condensate accumulation throughout the reservoir. 
After the start of gas injection, two main phases can be distinguished with respect to 
the producing well: 
a Phase I- Decreasing liquid saturation in the reservoir and increasing near- 
wellbore liquid saturation, as a result of re-vaporization and fluid displacement, 
respectively. 
m Phase 11 - Decreasing liquid saturation in the reservoir and decreasing near- 
wellbore liquid saturation, as a result of re-vaporization. 
The derivative profiles shown in Figure 4-46 below depicts the behaviour described by 
Phase-I above by a decreasing radial flow stabilisation level and an increasing near- 
wellbore radial flow stabilisation. The radial flow stabilisation is affected by the 
changing late-time (boundary) response. The increasing near-wellbore radial flow 
stabilisation from FP4 to FP 12 shows a reducing near-wellbore gas mobility. 
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Figure 4-46: BU derivative response FP4 (BU2), FP 10 (BU4), FP 12 (BU6) 
Shown in Figures 4-47 to 4-50 are simulation grid cross-sections of changing reservoir 
condensate (liquid) saturations from 60 days to 1340 days. 
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Figure 4-47: Reservoir condensate saturation profile (BU I) 
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Figure 4-48: Reservoir condensate saturation profile (BU4) 
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Figure 4-49: Reservoir condensate saturation profile (BU5) 
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Figure 4-50: Reservoir condensate saturation profile (BU 10) 
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As gas injection continues and pressure increases re-vaporisation occurs throughout 
reservoir as described by Phase-11. The derivative profiles shown in Figure 4-51 below 
depicts the behaviour described by Phase-11 by a decreasing radial flow stabilisation 
level and a decreasing near-wellbore radial flow stabilisation. The decreasing near- 
wellbore radial flow stabilisation from FP12 to FP20 indicates an increasing gas 
mobility to gas as a result of re-vaporisation due re-pressurisation. 
This suggests that the changing saturation profiles due to re-pressurisation can be 
characterised by pressure derivatives and analysed using conventional well test 
methods. 
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Figure 4-5 1: BU derivative response FP4 (BU2), FP 12 (BU6), FP 18 (BU9), FP20 (BU 10) 
Shown in Figures 4-52 to 4-55 are simulation grid cross-sections of changing near- 
wellbore condensate (liquid) saturations from 60 days to 1340 days. 
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Figure 4-52: Near-wellbore condensate saturation profile (BU 1) 
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Figure 4-53: Near-wellbore condensate saturation profile (BU4) 
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Figure 4-54: Near-wellbore condensate saturation profile (BU8) 
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Figure 4-55: Near-wellbore condensate saturation profile (BU9) 
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4.5.2 Effect of Re-pressurisation - Composite Reservoir 
The impact of re-pressurisation by injecting dry gas in a geologically composite gas 
condensate reservoir with a fluid bank was investigated using a compositional 
simulation model. The reservoir geology was modelled with a mobility ratio of 1: 2.5 
(reservoir to near-wellbore) and setup to have the reservoir fluid initially in two-phase, 
with the pressure below the dew point pressure. Gas was continuously injected during 
the production periods till the reservoir pressure exceeded the dew point pressure. 
Model Fluid Type - GC Initial Final BU Production Rate Injection Rates (4) 
Dew point Pressure Pressure 
(psi) (psi) (psi) (MMscf/d) (MMscf/d) 
MTGc-Fluid 
Comp-C 1 4835 4300 4880 20000 20000(4) 
Table 4-11: Input data and constraint for simulation model 
Shown in Figure 4-56 below is the simulated pressure history as the average reservoir 
pressure increases from below the dew point pressure to just above the dew point. PI 
production started from FP- I and gas injection commenced from FP-5. 
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Figure 4-56: Simulated pressure history (Comp-C 1) 
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Figure 4-57: BU derivative response FP4 (BU2), FP 10 (BU5), FP18 (BU9) 
The initial (FP4) near and reservoir radial flow stabilisations shown in Figure 4-57 are 
at higher levels than the modelled near and reservoir permeabilities. This is due to 
reduced gas mobility as a result of a condensate bank across the entire reservoir. Upon 
the commencement of gas injection, the observed composite behaviour at late-time 
changes to a constant pressure boundary response accompanied by a changing fluid 
saturation profile across the entire reservoir. 
The effects of re-vaporisation can seen to initially occur in the reservoir (closer to the 
gas injectors) accompanied by an increasing near-wellbore condensate saturation as a 
result of fluid displacement. The near-wellbore condensate saturation builds up to a 
maximum saturation, which in this study closely matches the maximum liquid drop-out 
as described by CVD experiments. The increasing near-wellbore condensate saturation 
is an impediment to the flow of gas and shows up as an increasing skin as seen from 
FP4 to FP 18 in Figure 4-5 7 above. 
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Figure 4-58: BU derivative response FP4 (BU2), FP 18 (BU9), FP20 (BU 10), FP 22 (BU 11) 
With continued gas injection, the near-wellbore pressure increases and the re- 
vaporisation front approaches the producing well. This shows up as reducing skin and 
radial flow stabilisation level (FP20 to FP22) that approaches the original skin and 
near-wellbore radial flow stabilisation un-affected by liquid drop-out as shown in 
Figure 4-58. 
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4.6 Summary and Conclusions 
In this chapter we have looked at the dynamics of rich gas condensate reservoirs during 
production and the impact of re-pressurisation on reservoir fluid behaviour. The 
following observations can be made: 
n During production, the liquid saturation accumulation and extent of the two- 
phase region is a function of the production rate and total production. At high 
rates the reduction in gas mobility is severe, but can be overestimated if the 
capillary number effect is not incorporated. A velocity stripping region in the 
very near-wellbore vicinity was shown to develop only at high rates. 
m At high flow rates or long production durations, the condensate bank 
approaches a maximum liquid saturation as it expands in lateral extent. The 
bank can eventually grow towards the reservoir limits as the pressures at the 
boundary approaches the dew point pressure. Productivity loss below the dew 
point is primarily due to reduced effective gas permeability. 
m Below the dew point, the oil saturation is generally highest at the end of the 
drawdown preceding a build-up. During the build-up, pressures are 
continuously changing (increasing) with time and the rate of change is 
dependent on the reservoir and fluid properties. The increasing pressure causes 
a change in the fluid properties (oil and gas) radially away from the well which 
ultimately changes oil saturation distributions. The oil viscosity and density 
decrease as the gas viscosity and density increase. This is accompanied by a 
reduction in surface tension and miscibility can develop at high enough 
pressures forming a richer single phase (gas) fluid. During the build-up process, 
the condensate bank saturation and size continuously reduces and the 
condensate bank could eventually disappear. The build-up pressure derivative 
plot is shown to reflect the changing condensate saturation distribution during 
the build-up. 
m The storativity ratio is important in determining the extent of the condensate 
bank. The proposed method (Bozorgzadeh et al. 2004) determined for lean 
condensate reservoirs was found to be applicable to rich condensate reservoirs. 
In homogenous gas condensate reservoir (of uniform thickness) with a liquid 
bank, the storativity ratio between the single phase and two-phase regions can 
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be expressed as a compressibility ratio. It was shown that the main controlling 
factors on the two-phase compressibility are pressure and the oil formation 
volume factor. A simplified method of estimating the compressibility ratio (and 
hence, the storativity ratio) was developed and verified. 
m Below the dew point pressure, it was shown that the profile of drawdown 
derivative was the reverse of the build-up derivative profile and the mobility at 
the end of the drawdown is approximately the starting mobility for the 
subsequent build-up. Build-ups and drawdowns therefore require different 
analytical models for analysis. In geologically complex reservoirs, the 
condensate bank is super-imposed on the existing flow regime due to geology. 
m Finally, it was shown that when a reservoir is re-pressurised as a result of gas 
injection, the effects of fluid displacement, changing late-time behaviour and 
re-vaporisation can be monitored and characterised using well test analytical 
methods. 
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Chapter 5 
Comparison of Rich Gas Dynamics with Volatile Oil and 
Lean Gas 
In this section, we compare some of the well test dynamics of rich gas condensate 
reservoirs demonstrated in Chapter 4, with well test behaviours from volatile oil and 
lean gas condensate reservoirs. The primary behaviours investigated are the changing 
fluid saturations and fluid properties that occur during a build-up. 
The volatile oil fluid model (Sanni 2008) was based on experiments of fluid samples 
from a Western Siberia volatile oil reservoir and characterised using a Modified Peng- 
Robinson equation of state (EOS). The fluid is described as moderately volatile with a 
bubble-point of 4076psia (189 OF) and solution-gas-oil ratio (R, ) of 1,786 scf/bbl. The 
lean gas condensate fluid model (Bozorgzadeh 2006) was based on experiments of 
fluid samples from a UK North Sea condensate reservoir and characterised using a 
Modified Peng-Robinson EOS. The fluid is described as relatively lean with a CGR of 
50 - 75 bbl/MMscf, CVD maximum liquid drop-out of 8% and a dew point of 5815 
psia (275 OF). 
This study on the well test behaviours of the volatile oil and lean gas condensate fluids 
is performed using compositional simulation models that incorporate the capillary 
number effects as modelled by Sanni (2008) and Bozorgzadeh (2006) respectively. 
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5.1 Volatile Oil Well Test Dynamics 
A radial grid (40xlxl) model with 40 cells was created. The cell sizes increased 
logarithmically away from the well in the radial direction,, so the near-wellbore 
pressure and fluid properties could be accurately simulated. The reservoir input 
parameters are shown in Appendix H. 
Three series of alternating drawdowns and build-ups were simulated. The first 
drawdown was at a low oil flow rate (500 stb/d) ensuring the FBHP always remained 
above the bubble-point and producing a homogeneous well test behaviour which is 
used as a reference. Subsequent drawdowns were at higher rates (2500 stb/d and 4000 
stb/d) going below the bubble-point and creating a two-phase (liberated gas and 
reservoir oil) composite region in the near-wellbore region. Shown below in Figure 5-1 
is the simulated production and pressure history. 
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Figure 5-1: Simulated pressure and production history - Volatile oil reservoir 
Figure 5-2 shows a diagnostic log-log plot of the rate normalised pressure change and 
derivatives for the different build-ups. A composite (reduced near wellbore mobility) 
behaviour can be observed for BU4 and BU6 as result of an additional 
fluid phase 
(liberated gas) in the near wellbore. This behaviour 
is characterised by an upward shift 
of the early radial flow derivative stabilisation. 
The upward shift in the pressure curve 
also suggests an increased skin effect. 
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Figure 5-2: Log-log pressure and derivative diagnostic plot - Volatile oil reservoir 
5.1.1 BU4 Changing Fluid Saturations and Properties 
Shown in Figure 5-3 to Figure 5-6 are profiles of the pressure, fluid saturation and 
fluid properties across the reservoir at different times during the build-up (BU4). For 
reference and comparison, the corresponding profile at the end of the preceding 
drawdown (DD3) is also shown on the plots. 
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Figure 5-3: Pressure (A) and gas saturation (B) profiles (BU4) - Volatile oil reservoir 
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Figure 5-4: Oil (A) and gas (B) viscosity profiles (BU4) - Volatile oil reservoir 
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Figure 5-5: Oil (A) and gas (B) density profiles (BU4) - Volatile oil reservoir 
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Figure 5-6: Gas relative permeability and surface tension (B) profiles (BU4) - Volatile oil reservoir 
As shown if Figure 5-3, below the bubble point, the gas saturation is highest at the end 
of the drawdown preceding the build-up. During the build-up, the increasing pressure 
causes a change in the fluid properties (oil and gas) radially away from the well as 
shown in Figures 5-4 to 5-5. With increasing time and pressure 
during the build-up, the 
oil viscosity and density generally decreases as the gas viscosity and 
density increases 
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in the two-phase region. However, it is worth mentioning that the oil density and 
viscosity show a more complex trend in the two-phase region. The changing fluid 
properties is accompanied by a reduction in surface tension (Figure 5-613) and 
miscibility (i. e. liberated gas re-dissolves back into the oil) develops forming a single 
phase volatile oil at high enough pressures. 
During the build-up process, the gas saturation in the two-phase region reduces. For the 
relative short production period (10 days), when the near-wellbore build-up pressure 
exceeds the bubble point pressure, the gas completely re-dissolves in the oil. 
Shown in Figure 5-7 is an asymptote (maximum point) plot generated from the gas 
saturation profiles of Figure 5-3B and compared against the normalised derivative plot 
of BU4 (Figure 5-2). The gas saturation can be seen to reduce from a maximum of 
11.2% to a minimum of 0% (after about 0.4 day). The derivative plot shows a similar 
duration (0.2 day) to reach radial flow stabilisation to the reservoir permeability (un- 
affected by liberated gas). Similar to observed behaviours with rich condensate fluids 
(Section 4.2), composite behaviour due to changing fluid saturations is reflected on the 
well test pressure derivative. 
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Figure 5-7: Comparison of the derivative and gas saturation profiles (BU4) - Volatile oil reservoir 
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5.1.2 BU6 Changing Fluid Saturations and Properties 
Shown in Figure 5-8 to Figure 5-11 are profiles of the pressure, fluid saturation and 
fluid properties across the reservoir at different times during the build-up (BU6). For 
reference and comparison, the corresponding profile at the end of the preceding 
drawdown (DD5) is also shown on the plots. In comparison to DD3, DD5 was at a 
relatively higher production rate. 
5000 
4500 
4000 
CL 
;ý 3500 
3000 
Pressure vs. Radial Distance 
0.20 
-END DD 
-BU 0.0001 day 0.16 
- BU 0.001 day 'tR 
0.12 
0 -Z 
-BU 0.01 day m 
3 
'MA 0.0 8 
-BU 0.1 day 
Gas Saturation vs. Radial Distance 
BU I day 0.04 
2500 
2000 
BU 10 days 
0.00 
0.1 10 1000 100000 0.1 1 10 100 1000 
Radial Distance from Well (ft) Radial Distance from Well (ft) 
Figure 5-8: Pressure (A) and gas saturation (B) profiles (BU6) - Volatile oil reservoir 
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Figure 5-9: Oil (A) and gas (B) viscosity profiles (BU6) - Volatile oil reservoir 
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Figure 5-10: Oil (A) and gas (B) density profiles (BU6) - Volatile oil reservoir 
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Figure 5-11: Gas relative permeability and surface tension (B) profiles (BU6) - Volatile oil reservoir 
Similar to the results of Section 5.1.1, the gas saturation is highest at the end of the 
drawdown preceding the build-up (Figure 5-8). During the build-up, the increasing 
pressure causes a change in the fluid properties (oil and gas) radially away from the 
well as shown in Figures 5-9 to 5-10. With increasing time and pressure during the 
build-up, the oil viscosity and density generally decreases as the gas viscosity and 
density increases in the two-phase region. The changing fluid properties is 
accompanied by a reduction in surface tension (Figure 5-11B) and miscibility (i. e. 
liberated gas re-dissolves back into the oil) develops forming a single phase volatile oil 
at high enough pressures. 
During the build-up process, the gas saturation in the two-phase region reduces. For the 
relative short production period (10 days), when the near-wellbore build-up pressure 
exceeds the bubble point pressure, the gas completely re-dissolves in the oil. 
Shown in Figure 5-12 is an asymptote (maximum point) plot generated from the gas 
saturation profiles of Figure 5-813 and compared against the normalised derivative plot 
of BU6 (Figure 5-2). The gas saturation can be seen to reduce from a maximum of 
16.2% to a minimum of 0% (after about 0.7 day). The derivative plot shows a similar 
duration (I day) to reach radial flow stabilisation to the reservoir permeability (un- 
affected by liberated gas). Similar to observed behaviours with rich condensate fluids 
(Section 4.2), composite behaviour due to changing fluid saturations is reflected on the 
well test pressure derivative. 
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Figure 5-12: Comparison of the derivative and gas saturation profiles (BU6) - Volatile oil 
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5.2 Lean Gas Condensate Well Test Dynamics 
Using a similar grid to that described in Section 5.1, three drawdowns and three build- 
ups were simulated. The first drawdown was at a low gas flow rate (I MMscf/d) 
ensuring the FBHP always remained above the dew point and producing a 
homogeneous well test behaviour which is used as a reference. Subsequent drawdowns 
were at higher rates (10 MMscf/d and 15 MMscf/d) going below the dew point and 
creating a 2-phase (liquid condensate and reservoir gas) composite region in the near- 
wellbore region. Shown below in Figure 5-13 is the simulated production and pressure 
history. The reservoir input parameters are shown in Appendix H. 
Pressure and Rate History 
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Figure 5-13: Simulated pressure and production history - Lean gas reservoir 
Figure 5-14 shows a diagnostic log-log plot of the rate normalised pressure change and 
derivatives for the different build-ups. A composite (reduced near wellbore mobility) 
behaviour can be observed for BU4 and BU6 as result of an additional fluid phase 
(liquid condensate) in the near wellbore. This behaviour is characterised by an upward 
shift of the early radial flow derivative stabilisation. The upward shift 
in the pressure 
curve also suggests an increased skin effect. 
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Rate Validation - BU2, BU4 & BU6 
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Figure 5-14: Log-log pressure and derivative dia nostic plot - Lean gas reservoir 19 
5.2.1 BU4 Changing Fluid Saturations and Properties 
Shown in Figure 5-15 to Figure 5-18 are profiles of the pressure, fluid saturation and 
fluid properties across the reservoir at different times during the build-up (BU4). For 
reference and comparison, the corresponding profile at the end of the preceding 
drawdown (DD3) is also shown on the plots. 
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Figure 5-15: Pressure (A) and condensate saturation (B) profiles (BU4) - Lean gas reservoir 
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Figure 5-18: Gas relative permeability and surface tension (B) profiles (BU4) - Lean gas reservoir 
As shown in Figure 5-15B, the condensate saturation profile at the end of the 
drawdown (FP3) remains practically unchanged during the subsequent build-up (FP4). 
At the end of the build-up, when the reservoir pressure goes back slightly above the 
dew point, the condensate saturation profile still remains similar to the profile at the 
end of the preceeding drawdown. 
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During the build-up, the increasing pressure profile (Figure 5-15A) causes practically 
no change in the oil densities (Figure 5-17A) and a slight variation (increasing) in oil 
viscosities (Figure 5-16A) only at the edge of the two-phase region i. e. over the 
pressure range, the oil density and viscosity show minimal dependence on pressure. 
However, the gas densites and viscosities are shown to incresase slightly with pressure. 
The surface tension between the fluids in the two-phase region reduces slightly but 
generally remains high which is unfavorable for re-vaporisation. 
This is very different to the observed behaviours with the rich condensate fluid (section 
4.2.2) where it was shown the oil and gas properties in the two-phase region are 
strongly dependent on pressure. During build-ups, the fluid viscosities and densities 
become more similar (i. e. gas density and viscosity increases while the oil density and 
viscosity reduces) and the surface tension between the phases reduce significantly as 
the pressures approach the dew point pressure. Eventually miscibility is attained and 
the near wellbore fluid returns to a single phase rich gas. 
A clear difference between lean gases and very rich gases is the difference in the 
properties of the fluids (oil and gas) below the dew point pressure. In the lean gas, the 
oil density is about two times greater than gas density (Figure 5-17) and the oil 
viscosity is about two orders of magnitude greater the the oil viscosity (Figure 5-16). 
This significant disparity in fluid properties accompanied with high surface tension 
makes it more difficult to attain conditions of miscibility. To attain miscibility (i. e. re- 
vaporisation), significantly higher pressures may be required. In contrast, the rich 
condensate gas is a near critical fluid and the fluid properties (density and viscosity) of 
the oil and gas have very similar values (Figures 4-7,4-8,4-12 and 4-13) at presures 
close to the dew point. These conditions are favorable for re-vaporisation and a single 
phase rich gas is formed at pressures just above the dew point. 
Shown in Figure 5-19 is an asymptote (maximum point) plot generated from the 
condensate saturation profiles of Figure 5-15B and compared against the normalised 
derivative plot of BU4 (Figure 5-14). The condensate saturation can be seen to remain 
fairly constant at about 13.8% and the composite behaviour seen on the derivative plot 
is indicative of the extent of the liquid drop-out region as discussed extensively in the 
literature. 
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Figure 5-19: Comparison of the derivative and gas saturation profiles (BU4) - Lean gas 
5.2.2 BU6 Changing Fluid Saturations and Properties 
Shown in Figure 5-20 to Figure 5-23 are profiles of the pressure, fluid saturation and 
fluid properties across the reservoir at different times during the build-up (BU6). For 
reference and comparison, the corresponding profile at the end of the preceding 
drawdown (DD5) is also shown on the plots. In comparison to DD3, DD5 was at a 
relatively higher production rate. 
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Figure 5-20: Pressure (A) and condensate saturation (B) profiles (BU6) - Lean gas reservoir 
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Figure 5-23: Gas relative permeability and surface tension (B) profiles (BU6) - Lean gas reservoir 
Similar to BU4 (Section 5.2.1), the condensate saturation profile (Figure 5-2013) at the 
end of the drawdown (FP5) remains practically unchanged during the subsequent 
build-up (FP6). At the end of the build-up, when the reservoir pressure goes back 
slightly above the dew point, the condensate saturation profile still remains similar to 
the profile at the end of the preceeding drawdown. 
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During the build-up, the increasing pressure profile at different times (Figure 5-20A) 
causes practically no change in the oil densities (Figure 5-21A) and a slight variation 
(increasing) in oil viscosities (Figure 5-16A) only at the edge of the two-phase region. 
The oil viscosity and density at the edge of the liquid drop-out region suggests some 
re-vaporisation takes in this region during the build-up. The gas densites and 
viscosities are shown to incresase slightly with pressure but still quite different to the 
oil densities and viscosities. The surface tension between the fluids in the two-phase 
region reduces slightly but generally remains high which is unfavorable for fluid 
miscibility. 
The observed behaviour for BU6 (higher preceeding rate drawdown) is quite similar to 
BU4. A noticeable difference is that at higher rates, there is more change in fluid 
properties take place at the edge of the liquid drop-out region which leads to some 
revaporisation at the outer-edge. 
Shown in Figure 5-24 is an asymptote (maximum point) plot generated from the 
condensate saturation profiles of Figure 5-15B and compared against the normalised 
derivative plot of BU4 (Figure 5-14). The condensate saturation can be seen to remain 
fairly constant at about 15.7% and the composite behaviour seen on the derivative plot 
is indicative of the extent of the liquid drop-out region. 
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5.3 Summary and Discussions 
The simulation results presented in this chapter have demonstrated well test fluid 
dynamics in a volatile oil and lean gas condensate reservoir. The results are compared 
to observed behaviours of a rich gas condensate reservoir demonstrated in Chapter 4. 
w The simulation study of the moderately volatile oil reservoir confirmed the 
presence of a near wellbore two-phase region (gas bank) when the reservoir is 
produced below the bubble-point. The two-phase region yields a well test 
composite behaviour and an increase in the total skin value. It was shown that 
during a build-up, the increasing pressure causes a change in the fluid 
properties (oil viscosity and density generally decreases as the gas viscosity and 
density increases) in the two-phase region. The changing fluid properties is 
accompanied by a reduction in surface tension between the phases and the 
liberated gas re-dissolves back into the oil, forming a single phase volatile oil at 
pressures just above the bubble-point. This is similar to observed behaviours in 
rich gas condensates where the changing fluid properties in the two-phase 
region enabled revaporisation of the condensate bank to take place a forming a 
single phase rich gas a pressures just abobe the dew point pressure. Rich gas 
condensates and volatile oils are very near critical fluids and the properties of 
the separated phases below the saturation pressures are close enough to allow 
miscibility develop as pressures build-up just above saturation pressures. 
Similar to observed behaviours with rich condensate gases, composite 
behaviour due to changing fluid saturations is reflected on the well test pressure 
derivative. 
0 For the lean gas condensate reservoir studied, the condensate saturation profile 
at the end of the drawdown remains practically unchanged during the 
subsequent build-UP. During the build-up, the increasing pressures causes 
minimal change in the condensate properties in the two-phase region. The 
condensed fluid and lean gas also have very dissimilar properties leading to a 
relatively high surface tension between the fluid phases which is unfavorable 
for re-vapori sation. This is very different to the observed behaviours with the 
rich condensate fluids, where it was shown the oil and gas properties in the 
two-phase region are strongly dependent on pressure, and the separated phases 
have similar properties. 
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Chapter 6 
Well Test Analysis in a Rich Condensate Reservoir 
Following on from the literature review of Chapter 2, fluid characterisation of Chapter 
3, and theoretical studies of Chapter 4, the findings and methodologies are applied to 
the well test analysis of an actual rich gas condensate reservoir. 
This section presents the sequential analysis of a series of production tests conducted 
over three years in the MTGc reservoir using conventional well test methods, 
deconvolution and verification with numerical simulation. The reservoir fluid is 
principally a rich gas condensate overlying a thin oil rim. The section focuses primarily 
on well test interpretations from the W-7. The main objective of this interpretation is to 
understand and quantify the reservoir fluid dynamics and distinguish between fluid and 
geological responses through time lapse well test interpretation. 
The MTGc development history in terms of well testing can be subdivided into three 
main periods: 
" Production with reservoir pressure above the dew point pressure. 
" Primary depletion where the reservoir pressure falls below the dew Point 
pressure. 
" Gas injection period. 
The MTGc reservoir is geologically complex, with a number of faults close to the well 
and significantly changing petrophysical properties far away from the well. As such, 
understanding the well test responses and determining the appropriate analytical 
models is a challenge. 
The application of deconvolution to the IEWT and entire production history was 
important to understand the geological complexity and boundary structure. The 
pressure transient behaviour was also investigated utilising the multi-well PEBI 
gridding capabilities of the Saphir and numerical compositional simulation (E300). 
The chapter presents a general overview of the reservoir, its geological setting and 
properties. This is followed by data preparation, interpretation procedures and the 
description of challenges encountered during the well test interpretation and 
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verification. It then concludes with discussions of the results and its implication for 
compositional modelling. 
6.1 Reservoir Description - General Overview 
The MTGc reservoir is a northeast to southwest elongated dip closure at Triassic level 
against a main bounding fault, which runs along its eastern flank and is downthrown to 
the east. The structure is divided into three main sand units A, B and C and the 
horizons lie at depths between 9,843 ftTVDss and 10,171 ftTVDss. The field is cut by 
several small-scale, east-west trending faults. Based on well controls, the reservoir net 
pay thickness varies from 13 to 105 ft. Effective porosity averages 13%. 
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Figure 6-1: MTGc reservoir model at initial fluid saturations 
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The arithmetically averaged permeabilities and other petrophysical properties derived 
from log and core analysis are shown in Table 6-1 below. The arithmetically averaged 
net reservoir porosity are from log derived values while the arithmetically averaged 
permeability for the net sand intervals are derived from core and log analyses 
(Burlington 2005). 
Wells 
Net Thickness 
(ft) 
Av. Porosity 
(%) 
Av. S, 
(%) 
Av. Karithmetic 
(mD) 
W-1 76.3 13.4 18.6 181.0 
W-2 55.0 11.7 46.1 54.4 
W-4 53.3 13.8 18.9 151.0 
W-7 31.2 13.1 17.2 131.0 
W-9 74.5 12.6 31.4 23.0 
W-1 1 44.0 12.7 23.9 22.0 
Table 6-1 MTGc log and core averaged data (Burlington 2005) t 
During most of its early life (2002 - 2006) the reservoir was developed with six wells, 
three injectors and three producers. Figure 6-2 below is a plan view schematic of the 
reservoir showing the main faults, various wells, their utility and distance from the test 
well (W-7). 
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Figure 6-2: MTGc top structure schematic showing faults, wells, well utility and distances 
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The MTGc reservoir contains a very rich gas-condensate fluid with a saturation 
pressure of 4835 psi. Initial reservoir pressure from Wireline formation tester (RCI) 
ranges from 5150 to 5180 psi and averages at 5164 psi. The reservoir also contains a 
thin volatile oil rim. All the producers are located at the crest in the condensate region 
and the injectors at the flanks of the reservoir. The condensate/gas ratio (CGR) varies 
from 175 stb/MMscf at the top interval to 320 stb/MMscf in the oil rim. 
Of all the wells in the reservoir, only W-7 had an extended pre-production well test 
with the average reservoir pressure above the dew point pressure. Production logs 
suggest production was mainly from the horizon "C". The detailed production and 
pressure history of tests over three years for W-7 were made available for this study. 
6.2 Well Test Analysis of Well W-7 
Well W-7 is a vertical well which penetrates two sands ("B" and "C") in the MTGc 
reservoir. Both sands were perforated and production log analysis indicated that most 
of the flow was from the "C" at the start of field life. The production phases in W-7 
can broadly be divided into three categories: 
" Production with reservoir pressure above the dew point pressure. 
" Primary depletion where the reservoir pressure falls below the dew point pressure. 
" The gas re-injection period, where re-pressurisation commences. 
At the start of Phase 1, W-7 was the only producing well in the field. A four month 
extended well test (EWT) was carried out during this phase. During Phase 11, all 
producers were online and the reservoir underwent steady depletion. Several 
production tests on Well W-7 were conducted during this phase as the reservoir 
pressure dropped below the dew point. Analysis of this phase would be important in 
investigating the evolution and growth of the liquid drop-out region (condensate bank) 
around the well. However, interference from other producers complicates the 
interpretation. Gas injection started in Phase III, where the pressure decline was 
stopped, enabling the condensate re-vaporisation effects to be investigated. 
119 
6.2.1 Data Availability and Preparation 
All the pressure transient data presented in this study were analysed in a systematic 
way. Pressure transients, production rates, reservoir rock and PVT properties were first 
converted to the correct formats, units and datum levels and the entire data (production 
and pressure history) for the well was merged into one well test data set. Care was 
taken in the analyses to ensure that the models that fitted the data best were consistent 
with other information available from the well and reservoir. The interpretations 
attribute the derivative shape changes to the development of a condensate bank which 
is investigated by numerical compositional simulation. 
6.2.2 Rate History 
Gas, oil and water rates were measured at frequently (2 -4 month intervals) conducted 
well tests. Production models (Prosper) were created and matched to the test results. 
The oil rates determined from well head flowing pressure (WHFP) and Prosper model 
were available for the wells production history. Gas-to-oil ratios (GOR) recorded 
during these tests were assumed to remain constant between well tests to allow 
computation of gas rates for the entire production history. 
The wells in the MTGc reservoir were affected by salt precipitation at the perforations 
as a result of the extremely high chloride content (300,000 ppm) of the formation 
water. This causes a variation in wellbore skin and was often treated with by fresh 
water soak. The WHFP was continuously monitored and was observed to generally 
fluctuate. This affected the calculated gas and oil rates which fluctuated likewise. The 
entire production history was divided into a more manageable number of flow periods 
which honoured all the build-ups and main flow periods. 
A material balance which conserved total volurnetric production (Eq. 6-1) was used to 
determine the average flow rate for drawdown periods with noisy production data and 
fluctuating well head pressures. 
Qeq yQ jTj 
Tj 
Eq. 6-1 
where: Qeq = Average rate, Qj = Rate 
ilh period, T =Time duration period ith period 
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Shown below in Figure 6-3 is the entire pressure and gas rate history for Well W-7. 
The oil, gas, water and GOR production histories are shown in Appendix F, Figure F- I 
and Table F- 1. 
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Figure 6-3: W-7 entire rate and bottornhole pressure history 
6.2.3 Model Identification and Rate Validation 
In order to estimate the main reservoir parameters, connected volume and also 
investigate the near-wellbore fluid dynamics, all production tests were considered as a 
single test and the entire rate history was used for analysis. The top C sand reservoir 
was selected as the datum level and the downhole pressures in the production tests 
were corrected for gauge depth differences by applying a gas pressure gradient of 0.18 
psi/ft. A total of 232 flow periods were used to represent rate variations during the 
entire production history. The gas and condensate flow rates and durations of flow 
periods are shown in Table F- I (Appendix F). 
Shown below in Figure 6-4 is log-log rate normalised pressure change and derivative 
plot of all build-ups and drawdowns. Many of the flow periods were severely affected 
by fluctuating rates and phase distribution and were classified as un-analysable. 
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Figure 6-4: Log-log rate validation of all flow periods (build-ups and drawdowns) II 
However, close examination of the log-log pressure change and derivatives of the 
above data revealed a trend and several analysable flow periods which were mainly 
build-ups. Shown below in Figure 6-5 is log-log rate normalised pressure change and 
derivative plot of all build-ups. 
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Figure 6-5: W -7 Rate normalised pressure and derivative (build-ups) 
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6.2.3.1 Initial Extended Well Test (JEWT) 
The IEWT consisted of three relatively short drawdowns (4hrs, 4hrs and 4days) of 
progressively increasing rates followed by an extended build-up lasting 105 days. The 
production history and log-log rate normalised pressure change and derivative profiles 
are shown in Figures 6-6 and 6-7 respectively. 
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Figure 6-6: IEWT pressure and rate history 
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DDI is affected by well unloading and phase redistribution and therefore un- 
analysable. Flow from DD2 started around the dew point and dropped to about 250 psi 
below the dew point pressure. The initial radial flow stabilisation corresponds to the 
reservoirs permeability-thickness product. The derivative increase after radial flow 
stabilisation is either due to liquid drop-out (reducing gas mobility) as the condensate 
bank develops or the presence of the nearby fault. DD2 was followed by a higher rate 
drawdown (DD3) and pressure further dropped to over 500 psi below the dew point. 
The derivative stabilisation at the end of DD2 approximately corresponds to the start of 
the derivative stabilisation of DD3, which further increases with time. The build-up 
shows are reverse profile to the drawdowns i. e. decreasing stabilisation over time. At 
about 0.1 days there is a doubling of the original radial flow stabilisation which is then 
followed by a channel response at about I day. At late times, the increasing derivative 
stabilisation (DD3) due to the liquid bank looks to be super-imposed on the late time 
reservoir response seen on the build-up. 
The build-up during the IEWT lasted for approximately 3.5 months and the near- 
wellbore reservoir pressure rose above the dew point. A closer look at the late time 
behaviour (Figure 6-8) suggest a reduction of mobility due to the geology followed by 
a closed system at late-late times. The diagnosis is in agreement with results from 
seismic, petrophysical data (Burlington 2005), deconvolution studies (Section 6-3) and 
verified by numerical modelling (Section 6-4). 
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6.2.3.2 Analysable Flow Periods 
A rate normalised log-log plot of pressure and derivative data for the initial build-up 
from the extended well test (IEWT) and all subsequent analysable build-ups over 3 
years is shown in Figure 6-9 below. 
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Figure 6-9: W-7 rate validation of analysable build-ups (BU 11,32,65,79,85,161,164,189 & 232) 
Shown below are successive diagnostic plots (Figure 6-10 to Figure 6-13) of some 
build-ups over a three-year period. 
45 
10001 
100: 
U 43 
130 t 0.1 1 10 100 1000 lký, Doo 
Elapsed we i Ns 
Figure 6-10: Normalised pressure change and derivative plots; BU 11,32,43 
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Figure 6-11: Normalised pressure change and derivative plots; BU 11,32,65,79 
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Figure 6-12: Normalised pressure change and derivative plots; BU 11,32,65,79,85,161 
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Figure 6-13: Normalised pressure change and derivative plots; BU 11,32,65,79,85,161,164,189 
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The following important behaviours and trends can be inferred from the above figures: 
(1) Wellbore storage and skin dominate the early time responses. 
(2) The durations for flow periods BU 32,43 and 65 were relatively short. They 
indicate radial stabilisation was reached, however the stabilisations are progressively at 
higher levels relative to the initial extended test (BU 11). As the pressures during the 
test were always below the dew point pressure, this is an indication of a reduction in 
mobility, most likely due to the evolution and growth of a condensate bank. The total 
skin effect increases with production time. The extent of the condensate bank cannot 
be established due to the short duration of these build-ups. 
(3) The radial flow stabilisations for BU 79 and 85 were of longer duration, and their 
radial flow derivative stabilisations were at comparatively higher levels for the entire 
duration. With the reservoir pressure further declining below the dew point pressure, it 
is likely the condensate bank has extended to the entire region seen during the test. The 
higher gas-oil-ratios observed during the test also suggests some of the heavier 
components (liquids) were been deposited in the reservoir. 
(4) BU 161 derivative plot has a distinctively different shape from the prior build-ups. 
The first radial flow derivative stabilisation is higher up and subsequently drops to a 
lower level before late time boundary effects are seen. This period in the reservoirs 
development corresponds to when the injection front starts approaching the producing 
well. The gas re-injection scheme was designed to be a multi-contact miscible process 
with a minimum miscibility pressure (MMP) of about 4200 psi. In theory, this means 
that as the injection gas front moves towards the producers, it should mix, thereby 
picking up a lot of condensed liquids in its flow path. An implication of this is that 
fluids behind the front have an increased gas relative permeability (hence mobility) due 
to decreased liquid saturation. From a well testing perspective, the derivative radial 
flow stabilisation should be at a lower level, approaching the level corresponding to the 
reservoir permeability-thickness (kh) product for the single phase gas condensate in the 
gaseous phase. This trend is repeated on BU 164,189 and 232 as shown in Figures 6-9, 
6-12 and 6-13 showing consistency in behaviour. BU 232 is of relatively long duration. 
Its first radial stabilisation shows the most severe reduction in near-wellbore gas 
mobility and its late time response closely matches the boundary response observed 
during the initial EWT. 
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6.2.4 Analysis and Results 
6.2.4.1 Initial Extended Well Test (IEWT) 
The IEWT was analysed to obtain reservoir absolute permeability (un-affected by 
liquid drop-out) and the boundary parameters. The initial pressure at the start of FP9 
(DD) was around the dew point and the pressure subsequently declined with 
production. The first radial flow stabilisation (inner zone) was modelled as the single 
phase reservoir permeability which later increased (reducing effective permeability) 
due to liquid drop-out. Geophysical interpretations suggest the well is within a limited 
channel system. Based on the observed well test behaviour, deconvolution and 
geological infonnation, the entire test behaviour was modelled as: 
Early Time: Wellbore Storage and Skin (WBS) 
Middle Time: Radial Composite (Fluid) 
Late Time: Channel and Composite (Permeability Reduction) 
Shown below in Figure 6-14 and Table 6-2 are the model matches and interpretation 
results respectively. The detailed analysis is shown in (Section G-1). 
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Figure 6-14: Well test model match (FP9) 
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el 
CL 
Pi k-) c r, ((Dch) 1/2 (kh/p) 1/2 ((Dch)2/3 (kh/g)2/3 r) dI d-) 
psi mD bbl/psi m m m m 
5164 
, 
137.5 
, 
0.02 80 0.8 1.33 0.9 3.76 1500 125 250 
Table 6-2: Well test analysis results (FP9) 
The inner zone (Region-1) was selected as the dominant zone to be used for analysis 
because the drawdown has a reverse saturation profile to the build-up. The short 
duration of the test make some of the distances in the results uncertain. However, the 
interpretation of the subsequent extended build-up was used to confirm the boundary 
distances (d, and d2). The key information from the analysis of the drawdown is the 
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inner zone reservoir permeability (13 8 mD) which closely matches the core arithmetic 
averaged permeability of 131 mD. 
The analysis of the subsequent extended build-up was done with a fixed single phase 
gas permeability of 138 mD. Core permeability from other wells suggests a reduced 
(by a factor of about 5) permeability radially away from Well W-7. From a well testing 
perspective, this behaviour is described as radial composite (geology) of decreasing 
mobility. Based on the observed well test behaviour and geological information, the 
entire test behaviour was modelled as: 
Early Time: Wellbore Storage and Skin (WBS) 
Middle Time: Radial Composite (Fluid) 
Late Time: Channel and Composite (Permeability Reduction) 
Shown below in Figure 6-15 and Table 6-3 are the model matches and interpretation 
results respectively. The detailed analysis is shown in Appendix G (Section G-2). 
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Figure 6-15: Well test model match (FP 11) 
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psi mD m m m m 
5164 137.5 13.2 250 1.47 0.5 0.9 5 1500 125 250 
Table 6-3: Well test analysis results (FP 11) 
The middle zone (Region-2) was selected as the dominant zone to be used for analysis. 
Relative to region-2, the reduced inner zone mobility is due to the condensate bank and 
the reduced outer zone mobility is due to the reduced permeability away from the well. 
The estimated radius of the condensate bank is uncertain as it is affected by the 
boundary response. The distance to the outer region, mobility ratio between region-2 
and region-3 and boundary distances were kept constant in the analysis of all 
subsequent flow periods. A drawback of the interpretation package (Interpret is 
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that it only supports channel boundaries of infinite extent. However, geological 
interpretations suggest the channels are of limited extent. The boundary responses were 
further investigated using numerical grids in Section 6-4. 
6. Z4.2 Analysable Build-ups 
Subsequent flow periods over 3 years were primarily analysed to determine the effects 
of condensate banking and re-vaporisation. All build-ups were modelled as: 
Early Time: Wellbore Storage and Skin (WBS) 
Middle Time: Radial Composite (Fluid) 
Late Time: Channel and Composite (Permeability Reduction) 
Shown below in Figures 6-16 to 6-24 and Tables 6-4 to 6-12 are the model matches 
and interpretation results of well tests conducted over 3 years, following the IEWT. 
The detailed analysis is shown in Appendix G (Section G-3). 
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Figure 6-16: Well test model match (FP32) 
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Table 6-4: Well test analysis results (FP32) 
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Figure 6-17: Well test model match (FP43) 
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5164 137.5 13.2 250 1.77 0.35 0.8 5 1500 125 250 
Table 6-5: Well test analysis results (FP43) 
Log-Log Match - Flow Period 65 
10000 
1000 
100 
4, 10 E 
cc 5000 
Horner Match - Flow Period 65 
4500 
0- 4000 
3500 
CL 
2 
ým%% 
4) 
3000 
0.0,001 0,01 1 100 Z 
... 
40 50 60 70 80 90 100 110 120 130 
Elapsed time (days) 
I 
Superposition Function (MMscf/0) 
II 
Figure 6-18: Well test model match (FP65) 
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Table 6-6: Well test analysis results (FP65) 
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Figure 6-19: Well test model match (FP79) 
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Table 6-7: Well test analysis results (FP79) 
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Figure 6-20: Well test model match (FP85) 
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Table 6-8: Well test analysis results (FP85) 
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Figure 6-2 1: Well test model match (FP 16 1) 
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Table 6-9: Well test analysis results (FP 16 1) 
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Figure 6-22: Well test model match (FP 164) 
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Table 6-10: Well test analysis results (FP164) 
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Figure 6-23: Well test model match (FP 189) 
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Table 6-11: Well test analysis results (FP 189) 
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Figure 6-24: Well test model match (FP232) I 
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Table 6-12: Well test analysis results (FP232) 
6.24.2.1 Summary of Analysable Build-ups 
Interpretation Model 
Early Time: Wellbore Storage and Skin (WBS) 
Middle Time: Radial Composite (Fluid) 
Late Time: Channel and Composite (Permeability Reduction) 
Summary of Interpretation Results: 
Pi k, ) r, r-) di d-) FP 
psi mD 
S(W) 
m 
((Dch)1/2 (kh/ýL)1/2 ((Dch)2/3 (kh/p)2/3 
m m ni 
I1 5164 137.5 13.2 250 1.47 0.5 0.9 5 1500 125 250 
32 5164 137.5 15.5 250 1.70 0.37 0.8 5 1500 125 250 
43 5164 137.5 13.2 250 1.77 0.35 0.8 5 1500 125 250 
65 5164 137.5 14.1 250 2.56 0.30 0.7 5 1500 125 250 
79 5164 137.5 13.4 300 2.96 0.26 0.6 5 1500 125 250 
85 5164 137.5 11.8 310 3.05 0.23 0.5 5 1500 125 250 
161 5164 137.5 3.8 101 2.15 0.15 0.4 5 1500 125 250 
164 5164 137.5 5.9 101 2.26 0.15 0.5 5 1500 125 250 
189 5164 137.5 5.1 110 2.32 0.15 0.5 5 1500 125 250 
232 5164 137.5 4.9 72 3.29 0.12 0.2 5 1500 125 250 
Table 6-13: Summary of build-up Interpretation results 
Shown below in Figure 6-25 to 6-27 are the plots of the wellbore skin versus time; 
total skin versus time; and near wellbore mobility versus time. 
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Figure 6-25: Wellbore skin vs. rate relationship 
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Figure 6-26: Total skin vs. time plot 
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Figure 6-27: Mobility ratio (region 1 /region2) vs. time plot 
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6.2.4.3 Analytical Modelsfor Changing Condensate Bank Profiles 
The analytical response of heterogeneous (decreasing mobility away from the 
wellbore) reservoirs with a changing condensate bank size was modelled using 
Interpret-2007. The behaviours in an infinite-acting and channel bounded reservoirs 
were modelled. The selected interpretation models were: 
Casel: WBS -3 Radial Composite - Infinite Acting (Figure 6-28) 
Case2: WBS -3 Radial Composite - Channel (Figure 6-29) 
All reservoir parameters were kept constant in both Case I (Table 6-14) and Case2 
(Table 6-15) apart from the radius of the condensate bank (rl), which was varied from 
Im to 500m. 
Pi k-) c r, ((Dch) 1/2 (kh/p) 1 /2 ((Dch)2/3 (kh/ýt)2/3 r2 
psi mD bbl/psi m m 
5164 137 0.015 1 -500 2 0.4 1 5 1500 
Table 6-14: Model parameters for a 3-region composite, infinite-acting reservoir 
Pi k-) c r, ((Dch) 1 /2 (kh/ýt) 1/2 (Och)2/3 (kh/ýt)2/3 r) dI d2 
psi mD bbl/psi m m m m 
5164 137 0.015 1 -500 2 0.4 5 1500 1 
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Table 6-15: Model parameters for a 3-region composite reservoir with channel boundaries 
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Figure 6-28: Effects of changing condensate bank radius in a heterogeneous infinite acting reservoir 
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Sensitivity to rl in a 3-Radial Composite Model with Channel Boundaries 
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Figure 6-29: Effects of changing bank radius in a heterogeneous reservoir with channel boundaries 
Comparison of the analytical simulation results from Figures 6-28 and 6-29 confirms 
that condensate banking dynamics are super-imposed on existing flow regimes. The 
geological description from our analysed field example suggests the well lies between 
limited extent channel boundaries within a larger closed reservoir of reduced 
permeability away from the well. The above plots suggest the late time response is 
initially dominated by channel boundaries and composite behaviour occurs at much 
later times. 
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6.3 Deconvolution Analysis 
Deconvolution was applied on the initial extended well test and entire production 
history to diagnose the late time and late-late time behaviours. 
Figure 6-30 compares unit rate normalised drawdown derivative obtained from 
deconvolution with the corresponding conventional build-up derivative for IEWT. The 
IEWT was made up of a flow period of 4.7 days followed by a shut-in period of 105 
days. In terms of duration, deconvolution only adds a few days to the analysable signal. 
The main strength of deconvolution in this instance is the conversion of the build-up 
derivative response to an equivalent drawdown derivative response. The deconvolved 
derivatives were constrained by the initial pressure of 5164 psi determined from 
Wireline formation tester (RCI) measurement. Closed systems should show a 
downward dipping trend towards zero on the build-up derivative and a positive unit 
slope straight line on the drawdown derivative. 
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Figure 6-30: Comparison of the IEWT (FL- 11) build-up and cleconvolved derivatives 
As can be seen in Figure 6-30 above, there is reasonable agreement between both 
derivatives at early and middle times. At late times, the deconvolved derivative shows 
a reduced mobility (higher stabilisation level) trending upwards at late-late times, 
possibly indicating a closed reservoir response. 
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Deconvolution was then applied over the entire production history over 3.3 years and 
compared to the deconvolved derivative over the first 3.5 months (Figure 6-3 1). The 
late time derivative response now clearly depicts a region of reduced mobility followed 
by pseudo-steady state response (unit slope) at late-late times, when the reservoir limits 
have been reached. 
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Shown below in Figure 6-32 are time-lapse deconvolved derivatives over the entire 
production history. 
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Over time as more production pressure data became available, the deconvolved 
derivatives (Figure 6-32) showed a closed system response. However, it must be 
mentioned that the current version of the deconvolution algorithm implemented in 
TLSD does not account for effects of interference which could affect the late time 
response. 
Shown in Appendix G (Section G-4) are log-log comparisons of the observed build-up 
derivatives and the corresponding deconvolved derivatives constrained by an initial 
pressure of 5164psi. 
140 
6.4 Numerical Well Test Modelling 
6.4.1 Voronoi Grid (Saphir) Numerical Simulation 
The top structure map of the MTGc reservoir and the variation in rock properties as 
seen by core and log measurements from the various wells highlights the reservoirs 
geological complexity. The main geological features of interest are: the parallel sealing 
faults around W-7 forming a channel system and the degrading permeability from the 
crest of the structure where the producers are located to the flanks where the injectors 
are located. 
A close look at the late time behaviour from the IEWT build-up (Figure 6-8) suggest a 
reduction of mobility due to the geology followed by a downward trending derivative 
at late time, normally indicative of a closed system. The deconvolved derivative of the 
same build-up (Figure 6-30) shows a composite behaviour (reduced mobility) at late 
time followed by an upward trend, possibly indicative a closed system at late-late time. 
The deconvolved derivatives of build-ups over the entire rate history of 3.3 years 
shows a composite behaviour at late time confirms closed system response at late-late 
time (Figure 6-3 1). The diagnosis is in agreement with results from seismic, geological 
and petrophysical data. 
However, the IEWT was made up of a short flow period of 4.7 days followed by a long 
shut-in period of 124 days, making gauge resolution a possible cause of the downward 
trending late-time derivative. In order to verify the diagnosis and estimate the 
derivative response (and hence geology) in the absence of any possible production time 
effect, the complete reservoir with all wells, major faults, baffles and different 
permeability regions was simulated using a Voronoi grid and a numerical flow 
simulator. This is included in the well test analysis software Saphir (from Kappa 
Engineering). This Voronoi grid is a 2D numerical gridding technique that uses 
automatic gridding algorithm based upon the work of G. Voronoi . This simulator 
is 
able to handle complex fault patterns and composite systems. The numerical 
simulation investigation was carried in two steps: 
0 History match the entire pressure and production history for W-7, taking into 
consideration interference from the other producers and injectors 
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m Simulate an initial extended production duration for W-7 and diagnose the 
derivative response. 
Shown in Figure 6-33 below is the setup for the composite Voronoi grid with all the 
active wells. A limitation of the Saphir multi-well simulation module is that the 
additional varying skin component due to liquid drop-out can not be incorporated into 
the multi-well model. Although rate and time dependent skin options are available, 
these do not property account for the liquid drop-out skin. Shown below in Figure 6-34 
is the entire matched rate and pressure history. 
Figure 6-33: MTGc composite Voronoi grid with faults and active wells 
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Figure 6-34: Numerical Model Match: Simulated Pressure History - Constant Skin 
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From above, it can be seen that there is a good match to the build-up pressures after 
incorporation the interference from the other wells i. e. material balance is honoured for 
the reservoir. For the drawdowns, there is generally a mismatch as the additional skins 
due to liquid drop-out and two-phase flow are not taken into consideration. 
The sequence of the major flow regimes on the log-log derivative plot below (Figure 6- 
35) suggest a wellbore storage with skin, homogeneous behaviour (radial flow), and 
channel boundaries. At late-times the higher stabilisation (reduced mobility) on the 
derivative is indicative of a composite system as suggested by the geology and 
deconvonlution analysis. However, the late-time derivative is slightly downward 
dipping, which could suggest the reservoir limits are being reached. 
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Figure 6-3 5: Log-log pressure and derivative match plot - FL II 
For better understanding of the late-tme behaviour an extended first drawdown of 500 
days was simulated using the numerical model. The log-log pressure and derivative 
response of the extended drawdown are shown in Figure 6-36. The late-time derivative 
response confirms composite behaviour (reduced permeability) followed by a closed 
system response. 
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Figure 6-36: Log-log pressure and derivative plot of a simulated extended (500 days) drawdown 
Shown below in Figure 6-37 is a comparison of deconvolved derivative of the entire 
production history (from Figure 6-31) and the simulated extended first drawdown 
derivative (from Figure 3-5). The late-time responses of both derivatives compare well 
and both indicate a reduced mobility followed by a closed system. 
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6.4.2 MTGc Numerical Compositional Modelling (E300) 
Numerical compositional simulations can model complex geological geometries whilst 
taking into account the gas condensate fluid compositional changes during production. 
Results from the compositional simulation models allow to verify conventional well 
test interpretation results. However, the inputs to the compositional simulation model 
must be guided by the measured data and well test interpretation results and the output 
should reasonably match the observed data (including the pressure transient log-log 
derivatives). This approach can provide further insight into the effects of condensate 
drop-out in the reservoir. 
In this section, we first describe a methodology for the simulation of pressure transient 
response from well tests conducted in well W-7. The geologically detailed full field 
simulation model was not available for this study. A simplified model honouring the 
main geological features from results of the well test interpretation was therefore 
constructed. 
The approach to developing the simulation model can be summarised as: 
m Construct multi-well 3D Cartesian model (with local grid refinement - LGR) 
based on the basic reservoir/ well parameters obtained from W-7 well test 
interpretations and core analysis with the entire W-7 production history. 
Include the other five wells (producers and injectors) at their relative locations 
(distance) to W-7 using their averaged production and injection rate history. 
Use the developed EOS, relative permeability curves N, and Nd models developed 
for the MTGc reservoir (Chapter 3). 
The model was setup as a closed rectangle of 10000 ft x 36000 ft with a thickness of 
27 ft which closely approximates the size of the MTGc structure. The model was 
represented by 50,700 cells including the LGR's. 
The initial extended well test (IEWT) from W-7 and production phase prior to gas 
injection was simulated. This was done to ensure the interpreted geological features 
were well represented and to investigate the condensate drop-out effects around W-7 
due to depletion. The production rates from W-1 and W-4 were adjusted to match the 
depletion observed in W-7. The assumptions on W-1 and W-4 were made because 
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depletion around W-7 is of primary interest in this study and only limited information 
is available from the other wells. 
The IEWT simulated pressure response during the drawdown and build-up (FP 11) 
compares well with the observed gauge data as shown in Figure 6-38. This suggests the 
interpreted permeability, skin, geological features and boundary distances from 
conventional well test analysis are reasonably consistent. The rate normalised log-log 
plot of pressure change and derivative (Figure 6-39) shows a good match between the 
simulated and observed data at middle and late times. The discrepancy at early time is 
because the compositional simulation model does not account for the wellbore storage 
effects. 
After about 600 days (FP 79), the pressure around W-7 had dropped to about 4600 psi 
(Figure 5-36). A comparison of the rate normalised log-log plot of pressure change and 
derivative (Figure 6-40) shows a reasonable match between the simulated and observed 
data. The pressure derivative of FP79 is displaced upwards relative to FP 11, suggesting 
gas reduced mobility as a result of condensate drop-out. 
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Figure 6-38: Comparison of simulated and observed pressure history 
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Shown below in Figures 6-41 and 6-42 are the changing pressure and condensate 
saturation profiles around W-7 during FP79. The profiles at the start of the build-up, 
during the build-up and at the end of the build-up are compared. The results show a 
changing condensate saturation distribution as a result of the changing pressure profile. 
The condensate drop-out region extends to approximately 4000ft away from the well. 
The condensate saturation in this region reduces from about 32% near the wellbore to 
zero at about 4000ft away. This is in agreement with the well test interpretation of 
FP79 that suggests a reduced mobility region due to condensate drop-out exists for the 
entire test duration. Efforts to model the pressure transient response during the gas 
injection phase proved to be challenging due to additional geological complexities not 
accounted for; possible layering effects; uncertainties on the flow paths of the injected 
gas; and changing reservoir fluid composition down dip where the injectors are 
located. However, gas injection effects for simple geometries were modelled and 
discussed in Chapter-4. 
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6.5 Summary and Discussions 
The well tests that have been analysed in this chapter are the initial extended well test 
from W-7 followed by a series of production tests conducted over 3 years. The 
analyses of the well tests are complicated because of the complex reservoir geology, 
interference from other producers and injectors as well as the changing fluid saturation 
distributions during production. 
The series of tests are analysed as a single test to obtain the main reservoir parameters, 
identify the evolution and growth of the condensate bank, quantify the reduction in 
near-wellbore mobility and investigate re-vaporisation effects due to re-pressurisation 
by gas injection. 
Deconvolution algorithms and multi-well numerical well test modelling were used to 
characterise the main geological features seen during the tests. Deconvolution proved 
very useful in understanding and verifying the complex geology. The main strength of 
deconvolution in this instance was in the diagnosis of the late time and late-late time 
well test responses. This was done by deconvolving the entire pressure and rate signal 
and comparing the actual build-up derivative with the deconvolved derivative 
(drawdown) response. The deconvolved derivative indicated that the main features 
observed at late times were channel boundaries around well W-7 and a region of 
decreasing mobility far away from the well followed by a closed reservoir response at 
very late times. These features are consistent with geological interpretations and 
verified using the multi-well numerical gridding capabilities of Saphir (Kappa 
Engineering). Saphir allows for the modelling of horizontal anisotropy by using 
composite anchors within the Voronoi grid but cannot simultaneously handle 
composite effects due to condensate banking. As a result, Saphir was used to verify the 
geological architecture and Interpret used in the analysing liquid drop-out effects. The 
geological features and fluid dynamics were verified using numerical compositional 
simulation (Eclipse 300). Kappa has recently developed a full field, 3D, 3-phase 
simulator called Rubis. Rubis is marketed as being capable of simultaneously handling 
phase changes and complex geometries making it potentially very use for investigating 
pressure transient behaviours. 
The initial tests when the reservoir pressure dropped below the dew point pressure 
were short, making it difficult to ascertain the size of the condensate bank. Later tests 
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were longer and showed the entire region (up to the boundaries seen during the test) 
had condensate accumulation. 
Analysis of the build-ups show a trend over time of reducing near-wellbore mobility 
compared to the initial reservoir mobility as the reservoir pressure fell below the dew 
point pressure The upward shift in the derivative stabilisation during the early time 
radial flow regime is analysed as the reduced gas mobility region due to the condensate 
banking. The analysis shows an increasing total skin (Figure 6-26) over time as a result 
of liquid drop-out. The plot of wellbore skin versus flow rate below (Figure 6-25) 
shows a positive slope which is probably due to non-Darcy flow expected in gas wells. 
This suggests that capillary number effects do not completely compensate for non- 
Darcy effects. The skin at zero rate S(O) and the non- Darcy flow coefficient (D) were 
evaluated as: S (0) = 0; D=7.2E-04 D/Mscf. 
BU 161 log-log derivative (Figure 6-12) has a distinctively different shape to the prior 
build-ups. The first radial flow derivative stabilisation is higher up and subsequently 
drops to a lower level before the late time boundary effects are seen. This period in the 
reservoirs development corresponds to when the injection front starts to approach the 
producing well. The gas re-injection scheme was designed to be a multi-contact 
miscible process. In theory, this means that as the injection gas front moves towards 
the producers, it should mix, thereby re-vaporising some of condensed liquids in its 
flow path. An implication of this is that fluids behind the front have an increased gas 
relative permeability (hence mobility) due to decreased liquid saturation. From a well 
testing perspective, the derivative radial flow stabilisation should stabilise at a lower 
level, approaching the level corresponding to the reservoir kh for the single phase gas 
condensate in the gaseous phase. This trend is repeated for BU 164,189 and 232 
(Figure 6-9) showing consistency in behaviour. BU 232 is of relatively long duration 
and its first radial stabilisation shows the most severe blockage effect (Table 6-13). 
The late time derivative response of BU 232 closely matches the boundary effects 
observed during the initial EWT. 
Based on this field example of a rich gas condensate reservoir, it has been shown that 
severe reduction in gas mobility occurs when wells are produced below the dew point 
pressure, and that the behaviour can be analysed using well test methods. There is also 
strong reason to suggest that the effects re-vaporisation due to gas injection can be 
captured and analysed using well test methods. 
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Chapter 7 
Summary and Conclusion 
Rich gas condensate reservoirs are characterised as having a high liquid hydrocarbon 
yield and are often developed for their liquid reserves. In comparison to lean 
condensate fluids, rich condensates have higher percentage of intermediates andC7+ 
components, higher specific gravity, lower gas-oil-ratio and lower API. They pose a 
challenging problem for fluid characterisation and well test analysis due to their near 
critical nature and a unique problem in reservoir development as a result of the 
significant potential loss in liquid reserves for production below the dew point 
pressure. 
Most of the work done to date, to understand and characterise the behaviour of 
retrograde condensate reservoirs producing below the dew point have been conducted 
on lean condensate fluids. This study provides an assessment of the well test 
behaviours of vertical wells in a rich gas condensate reservoir producing below the 
dew point and further looks into the effects of re-vaporisation due to re-pressurisation. 
This thesis has been divided into three main parts: 
0 The first part is a detailed study of near-wellbore behaviour of wells in rich gas 
condensate reservoirs producing below the dew point pressure, focusing on the 
fluid dynamics during drawdowns and build-ups. The observed behaviours are 
compared to behaviours of lean gas condensate and volatile oil reservoirs. 
m The second part investigates the effects of re-vaporisation of the condensate 
bank due to re-pressurisation by gas injection using multi-well compositional 
simulations. 
m And finally, the behaviour of an actual rich gas condensate reservoir in a 
complex geological setting as it undergoes primary production followed by gas 
injection is investigated using conventional well test interpretation methods, 
time lapse deconvolution and numerical compositional simulation. 
Based on extensive literature review, this thesis presents the first comprehensive study 
on the subject. The results and conclusions from the study can be summarised as 
follows: 
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Below the dew point pressure in a rich gas condensate reservoir, retrograde 
condensation occurs, and a liquid region (condensate bank) develops around the 
producing well. The near-wellbore liquid saturation grows to a maximum and the 
radial extent of the condensate bank continues to grow as the reservoir pressure 
declines. Eventually, the condensate bank can extend across the entire reservoir when 
the pressure at the boundaries drops below the dew point pressure. This process leads 
to a loss of well productivity and reduction in hydrocarbon recovery. Productivity loss 
below the dew point is primarily due to reduced effective gas permeability. The loss in 
well productivity can be overestimated if the capillary number effect is not 
incorporated. Unlike behaviours seen in lean gas condensate reservoirs, the near- 
wellbore velocity stripping region is not prominent and was only observed to occur at 
high rates in the very near-wellbore region. 
The study suggests that, contrary to what happens in lean gas condensate reservoirs, 
the near-wellbore fluid saturation below the dew point pressure in a build-up is 
different from that at the end of the preceding drawdown, because of the significant 
differences in fluid properties and saturations. In rich condensate fluids, it was shown 
the oil and gas properties in the two-phase region are strongly dependent on pressure 
and the separated phases have similar properties. As pressure increases during the 
build-up, re-vaporisation takes place and just above the dew point the fluids can 
recombine to form a single-phase rich gas. The composite behaviour due to changing 
fluid saturations is shown to be reflected on the well test pressure derivative. As a 
result, log-log pressure derivative plot of the build-up has a reverse profile to the log- 
log pressure derivative profile of the preceding drawdown. A similar behaviour is 
observed in volatile oils where the liberated gas in the two-phase region re-dissolves in 
the oil during a build-up. 
A practical method to evaluate the condensate bank storativity, which is used to 
calculate the bank radius is developed and verified. However, these procedures need to 
be used with caution in rich gas condensate reservoirs, because the near-wellbore fluid 
saturation continuously changes during the build-up. The calculated bank radius 
approximates the extent two-phase region at the end of preceding drawdown when the 
near wellbore pressure is below the dew point pressure. 
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Finally, it was shown that when a reservoir is re-pressurised as a result of gas injection, 
the effects of fluid displacement, changing late-time behaviour and re-vaporisation can 
be captured and characterised using well test analytical methods. 
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7.1 Recommendations and Further Work 
In order to obtain reliable information from well test analysis in gas condensate 
reservoirs, accurate flow rate measurements of all producing phases, high resolution 
pressure measurements and representative PVT data are very important. 
It was shown that in rich gas condensate reservoirs, the well test log-log pressure 
derivative reflects the changing mobility during drawdowns and build-ups, which are 
in reverse order. As a result: 
m Effort should be made of acquire analysable drawdown data in addition to 
build-up data for a better understanding of the changing mobility profiles. Such 
efforts could include minimising (or eliminating) flow rate fluctuations during 
flow periods and minimising the effects of phase redistribution. Where 
possible, a low flow rate test above the dew point is recommended to determine 
the reservoir properties un-affected by condensate banking. 
n Drawdown and build-up data require different analytical model parameters 
during interpretation. 
The storativity ratio from the build-up interpretation method gave reasonable estimates 
of the condensate bank radius in cases simulated cases. However, this needs to be used 
with caution in rich gas condensate and volatile oil reservoirs as the near-wellbore 
saturation distributions change during the build-up. 
It is important to conduct multi-rate well tests below the dew point pressure in gas 
condensate reservoirs for better understanding and characterization of the velocity 
dependent effects (N, and non-Darcy) that control well deliverability. 
A detailed study of skin versus rate using single-phase and two-phase pseudo-pressures 
in lean gas condensate, rich gas condensate and volatile oil reservoirs is required to 
fully understand the effects of two-phase flow on various skin components. 
Multi-layer effects and effects of gravity for production below the dew point pressure 
in gas condensate reservoirs needs to be investigated. 
In rich gas condensate reservoirs with initial conditions close to the dew point or at the 
dew point pressure (i. e. at an oil rim interface), thermal EOR can be used to increase 
the reservoir temperature (Tingas 2007), above the dew point line. This process can 
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lead to more favourable conditions for single phase gas flow from the reservoir and 
also mass transfer of hydrocarbons from the oil to the gas phase. Although out-of- 
scope for this study, the possibility of monitoring these complex changing fluid 
behaviours using well test analytical methods can be investigated. 
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Appendix A 
W-1 Fluid Analysis (Compositional Data) 
c, luponent mol, 0) NIc bi Densitv 
inal 1. ko kg 
NZ 0.35 28.01 28.01 
Coz 0.96 44.01 44.01 
H-1 S 0.00 
CH4 63,11. 16.04 16.04 (0.: 98) (300) 
CZH6 12.40 30,01, 30.07 (0.354) (356) 
C3HS 6.24 44.10 44.10 (0,407) (508) 
C4 339 58,12 58.12 (581) 
n-C 7 5s. j ? sk) 
i-C4 58- 12 0). 56 6) 6 7) 
('5 1.96 12.15 72.1 ýT 0.628 628 
U-c 0.630 631 
0.86 7' 15 OA2 
C6 1.38 3 --,, 9" s 5.07 0.663 60 
n-c 6 0.65 MIS 861-. 3 0.663 tlt-4 
i-C6 0. "71 86AS R". 13 0.661 6 ý,, I 
c-C6 0 13 -0.112 750 750 
C- 1.71 92.99 92.99 M22 -, )3 
11-c 7 7 1W 70 100-0 0,687 688 
ý-C7 I ý3. ý7 3 - 
20 joo. 10 689 
84.16 84,16 0 -,, ' 7 C, --o 
a-C7 IS 11 a 33-1 
CS 1.1's 105.66 10-5.66 0,743 7.13 
n-c 8 0.40 114 23 114,2,3 1) 707 -0- 
1-c S 114.23 1,14. 7 10 
710 
C-c 3 75 US. 19 93,1 774 
a-c-3 9114 Q 2. ,4 s-. 1 
C9 1.18 118.13 118.13 0.766 766 
a-0 6 12 S. -, 
6 17 Is. 26 0 
1-c 9 0.29 128-26 I 1 S. 6 1) 7'r o 
C-C9 3.3 6 112-21 0780 
70 
2-c'? 0-18 106,17 100-. 17 jj_S75 
CIO 0.95 132.52 132.52 0.1`4 
a-CIO ý. 21 142 -ý9 
0734 
1-c E. 0.25 142,29 jr 4-1. - 
0 
C-clo 21 126 24 . 112 
el. 21 4 0. r" 0 
zt-clo 0.26 1-ýo 19 12OJ9 0-866 se"t 
C11 0.65 148,3S 0.774 -75 
U-c II a. 1.9 156 31 G744 -414 
i-cl ý 0. -1 i 
156 31 0 744 
C-cl 1 140-27 
1419.2- 11 79 ,ý -1 
a-Cl 1 16 134,22 15 4. 0.862 
s62 
C12- 3.33 211.16 2,71.16 0.843 S43 
fluid 100.00 1'!. 91 37,91 
Table A-]: W- I fluid compositional data 
165 
Appendix A (Continued) 
W-1 Experimental Data - CCE 
Pressure Relative 
voluine 
Compressibility Gas deviation 
factor Z 
Retrograde 
liquid deposit 
psia AfPa psia- I AIPa-I Vol. 0 
Z1500 3 7.9' 0.9ý88 0.00006123 OOOSSS) 1.059 
541-1 
-, 
'. 31 O. Q647 OM006167 O, OOS945 1.049 
5310 6.61 0.9704 0.00006228 0009033 1.035 
pi=5175 35.68 0.9785 0.00006310 0.0091 ýý 1.017 
ý; 10-; 3 5. -10 0.9929 0.00006354 0.009.11. ) 1.008 
5004 
-34.50 
0.9992 0.00006419 Oý 009310 0.994 
4902 3 3.8 0 0.9962 0.0000648-5 0,009405 0.981 
4 85 0 33.44 0.9993 0.00006523 0,009460 0.973 
pd=4835 33.34 1.0000 0.00006535 0.00.94 . 79 0.971 
4763 3 2.34 1.0056 0.00006549 0,0094RO 1 693 
4619 31. S5 LOIS2 0.0000696S 0010,10.7 10816 
4399 30.3. ) 1.0416 0.00009817 0.0127SS 17415 
3958 2.7 , 19 1.0970 0.00013191 0019132 24990 
3 55 2 24.49 1.1741 0.00018037 0 026161 32 358 
NIO 20.06 1.3482 0.00028233 0040948 34ý738 
213 37 16. J'I 1.6433 0.0004036-1 00 - 53540 34611 1701 11. ý13 2. " 440 0.0006104S 0,05543 32 182 
116-1 8.01 3.3 540 0.00092035 01334S5 30.468 
812 1 5-60 1 4.9373 0.00130877, 0 159822 28 156 
Table A-2: W- I CCE data 
W-1 Experimental Data - CVD 
Produced fluad 
Pressure Retrograde liquid Cusnulative Gas dmation %, Lscoslty Relative densily 
deposit produced fluid factor Z 
psia . 1, Ta vol "0 mol *0 cp mpa. s 
pd-483-5 33ý 34 0.000 0.00 0.971 0 0384P 0.03S49 1.300 
4395 --'% 1.63 11.181 2.07 
0.933 003606 0.03606 1.254 
4194 2S, 91' 2 1.3 65 6.33 0.891 0 031-56 0.0315 6 1.1445 
3706 25 
-55 
25.493 12.85 0.849 002674 0.026 74 1.028 
3230 22- 27 27.391 20.43 0.825 00-2331 0.02331 0,941 
"757 1901 27.648 29.54 0,812 0 021070 0 0')0 70 0.884 
'1155 14-36 26.901 42.84 0.823 001802 0.01302 0.842 
1354 9-34 24.778 61.32 0.852 001516 0.01516 0,813 
1 473 1 3ý 26 1 21.607 1 SI. C6 1 0,926 001211 0.0 ,, 2 11 21 1 0.903 
Table A-3: W- I CVD data 
W-1 EOS Match - Liquid Drop-out from CVD and CCE 
ow 4 
-. ýo . 0. 
, 
Iwo 
CVD Liquid Dropout 
1 4A 4 
--0ý. " 
.. Ob'. V4 
CCE Liquid Dropout 
., ^,: ý --ill ý. -III, ----, 1 
Figure A- 1: W- I CCE and CVD liquid drop-out EOS match to experimental data 
Greater emphasis to match CVD Liquid drop-out in EOS as this better reflects the 
depletion process in the reservoir. 
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W-4 Fluid Analysis (Compositional Data) 
Component Wt. 0/0 M01.0/0 
Nitrogen 0.27 0.38 
Hydrogen Sulphide 0.00 0.00 
Carbon Dioxide 1.05 0.93 
Methane 25.84 62.76 
Ethane 9.83 12.74 
Propane 6.77 5.99 
Isobutane 1.33 0.89 
N-Butane 3.57 2.40 
Isopentane 1.53 0.83 
N-Pentane 1.95 1.06 
Hexanes 3.05 1.42 
Benzene 0.33 0.16 
Heptanes 3.85 1.57 
Toluene 0.38 0.16 
Octanes 4.66 1.70 
EthylBenzene 0.07 0.03 
Xylenes 0.77 0.28 
Nonanes, 3.05 0.98 
Decanes, 3.48 1.01 
Undecanes 2.72 0.72 
Dodecanes, 2.24 0.54 
Tridecanes 2.27 0.51 
Tetradecanes 2.04 0.42 
Pentadecanes 1.82 0.35 
Hexadecanes 1.58 0.28 
Heptadecanes 1.65 0.27 
Octadecanes 1.42 0.22 
Nonadecanes 1.12 0.17 
Eicosanes 1.13 0.16 
Heneicosanes 1.02 0.14 
Docosanes 0.95 0.12 
Tricosanes; 0.86 0.11 
Tetracosanes 0.77 0.09 
Pentacosanes, 0.67 0.08 
Hexacosanes 0.62 0.07 
Heptacosanes 0.57 0.06 
Octacosanes 0.52 0.05 
Nonacosanes 0.48 0.05 
Triacontanes; 0.44 0.04 
Hentriacontanes 0.40 0.04 
Dobiacontanes 0.35 0.03 
Tritriacontanes, 0.32 0.03 
Tetratriacontanes 0.28 0.02 
Pentatriacontanes 0.26 0.02 
Hexatriacontanes + 1.72 0.13 
Total 100.00 100.00 
Table A-4: W-4 fluid compositional data 
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MTGc 3-Parameter EOS 
ECHO 
-- Units: F 
RTEMP 
-- Constant Reservoir Temperature 
228 
EOS 
-- Equation of State (Reservoir EoS) 
PR3 
NCOMPS 
Number of Components 
19 
PRCORR 
Modified Peng-Robinson EoS 
CNAMES 
Component Names 
'N2' 
'C02' 
Ul 
'C2' 
'CY 
'ICT 
`NCT 
'IC5' 
'NC5' 
'C6' 
'CT 
'C8' 
IC99 
'CIO, 
Ici 11 
'C 12-C 14' 
'C15-CI8' 
'C I 9-C24' 
IC25+1 
MW 
-- Molecular Weights (Reservoir EoS) 
28.013 
44.01 
16.043 
30.07 
44.097 
58.123977 
58.124023 
72.150977 
72.151023 
84 
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96 
107 
121 
134 
147 
174 
227 
294 
400 
OMEGAA 
EoS Omega-a Coefficient (Reservoir EoS) 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
0.457235529 
OMEGAB 
EoS Omega-b Coefficient (Reservoir EoS) 
0.077796 
0.077796 
0.077796 
0.077796 
0.077796 
0.077796 
0.077796 
0.077796 
0.077796 
0.093396 
0.093396 
0.093396 
0.093396 
0.093396 
0.093396 
0.093396 
0.093396 
0.093396 
0.093396 
Units: R 
WRIT 
-- Critical Temperatures (Reservoir EoS) 
236.946401276936 
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572.08849815517 
408.196552103516 
397.918367231237 
481.780480662824 
961.700482776362 
1001.99717054386 
1084.94707744128 
1106.62716671561 
967.3566528262 
1044.55457287125 
1124.59756969166 
1179.36058164239 
1224.34448443405 
1267.37256537391 
1330.48386764579 
1461.17285570786 
1593.08597620237 
1763.02407570419 
Units: psia 
PCRIT 
Critical Pressures (Reservoir EoS) 
854.753838073222 
1860.04641194173 
669.930264179013 
934.270457470731 
812.156269074557 
323.755369389857 
336.975380389443 
300.822697390576 
299.113988490629 
739.258419576841 
721.591860277394 
707.160023077846 
645.949127279764 
594.193573181385 
547.663339482843 
501.963233884275 
390.125034887778 
292.502231190837 
195.645323293871 
Units: ft3 /lb-mole 
WRIT 
-- Critical Volumes (Reservoir EoS) 
1.44166134747024 
1.50573518513559 
1.56980902280093 
2.37073199361773 
3.20369188326721 
4.21285482649638 
4.08470715116569 
4.9336855002315 
4.98174087848051 
5.62247925513395 
6.27923609120372 
6.9359929272735 
7.75293435750664 
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8.55385732832344 
9.40283567738925 
10.9723089102024 
14.3211982581791 
18.6230628414322 
25.4924792311316 
WRIT 
Critical Z-Factors (Reservoir EoS) 
0.484619289676402 
0.456200401198526 
0.240078675210336 
0.518689660019202 
0.503254469736957 
0.132160033169187 
0.128008586565825 
0.1274735287186 
0.125476683175532 
0.400390733649484 
0.404216281648577 
0.406420589813111 
0.395698418180505 
0.386841289953656 
0.378629732384074 
0.385750787292059 
0.356310057534624 
0.318630670063456 
0.263614807651735 
SSHIFT 
-- EoS Volume Shift (Reservoir EoS) 
-0.18644217135935 
0.0440599319300708 
-0.15707390492364 
-0.12644624042073 
-0.11911877965669 
-0.0680115455291624 
-0.0479599362606563 
-0.00655038718206072 
0.0127130196141211 
-0.0117462304084821 
-0.0107150758301602 
-0.0352176311490626 
-0.00504104288625254 
0.0239588997703208 
0.0541086340471551 
0.0274845900894815 
0.123264163121982 
0.235241584760365 
0.388339598295364 
ACF 
-- Acentric Factors (Reservoir EoS) 
0.04 
0.225 
0.013 
0.0986 
0.1524 
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0.1848 
0.201 
0.227 
0.251 
0.299 
0.3 
0.312 
0.348 
0.385 
0.419 
0.5649937116 
0.7381239931 
0.9507920184 
1.231977743 
BIC 
-- Binary Interaction Coefficients (Res ervoi r EoS) 
-0.012 
0.1 0.1 
0.1 0.1 0 
0.1 0.1 00 
0.1 0.1 000 
0.1 0.1 000 0 
0.1 0.1 000 0 0 
0.1 0.1 000 0 0 0 
0.1 0.1 0.0279 0.01 0.01 0 0 00 
0.1 0.1 0.03308 0.01 0.01 0 0 000 
0.1 0.1 0.0363 0.01 0.01 0 0 000 
0.1 0.1 0.03896 0.01 0.01 0 0 000 
0.1 0.1 0.04092 0.01 0.01 0 0 000 
0.1 0.10.04246 0.01 0.01 0 0 000 
0.1 0.10.04543 0.01 0.01 0 0 000 
0.1 0.1 0.04983333334 0.01 0.01 0 000 
0.1 0.1 0.05353 0.01 0.01 0 0 000 
0.1 0.1 0.05780000001 0.01 0.01 0 000 
0 
PARACHOR 
Component Parachors 
41 
78 
77 
108 
150.3 
181.5 
189.9 
225 
231.5 
271 
312.5 
351.5 
380 
404.9 
429.3 
460.1976 
586.60009 
751.86698 
1013.334 
0 
0 0 
0 0 0 
0 0 0 0 
0 0 0 0 0 
0 0 0 0 0 0 0 
0 0 0 0 0 0 0 
0 
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-- Units: N /lb-mole VCRITVIS 
Critical Volumes for Viscosity Calc (Reservoir EoS) 
1.44166134747024 
1.50573518513559 
1.56980902280093 
2.37073199361773 
3.20369188326721 
4.21285482649638 
4.08470715116569 
4.9336855002315 
4.98174087848051 
5.62247925513395 
6.27923609120372 
6.9359929272735 
7.75293435750664 
8.55385732832344 
9.40283567738925 
10.9723089102024 
14.3211982581791 
18.6230628414322 
25.4924792311316 
ZCRITVIS 
Critical Z-Factors for Viscosity Calculation (Reservoir EoS) 
0.484619289676402 
0.456200401198526 
0.240078675210336 
0.518689660019202 
0.503254469736957 
0.132160033169187 
0.128008586565825 
0.1274735287186 
0.125476683175532 
0.400390733649484 
0.404216281648577 
0.406420589813111 
0.395698418180505 
0.386841289953656 
0.378629732384074 
0.385750787292059 
0.356310057534624 
0.318630670063456 
0.263614807651735 
LBCCOEF 
-- Lorentz-Bray-C lark Viscosity Correlation Coefficients 
0.1023 0.023364 0.058533 -0.040758 0.0093324 
--PVTi--Please do not alter these lines 
--PVTi--as PVTi can use them to re-create the fluid model 
--PVTiMODSPEC 
--PVTiTITLE 
--PVTiModified System: From Automatically created during keyword export 
--PVTiVERSION 
--PVTi 2006.1 / 
--PVTiNCOMPS 
--PVTi 19/ 
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--PVTiEOS 
--PVTi PR3 
--PVTiPRCORR 
--PVTiLBC 
--PVTiOPTIONS 
--PVTi 000200000000000 00000 
--PVTi/ 
--PVTiNOECHO 
--PVTiMODSYS 
--PVTiUNITS 
--PVTi FIELD ABSOL PERCENT 
--PVTiDEGREES 
--PVTi Fahrenheit 
--PVTiSTCOND 
--PVTi 60.0000 14.6959/ 
--PVTiCNAMES 
--PVTi N2 
--PVTi C02 
--PVTi CI 
--PVTi C2 
--PVTi C3 
--PVTi IC4 
--PVTi NC4 
--PVTi IC5 
--PVTi NC5 
--PVTi C6 
--PVTi C7 
--PVTi C8 
--PVTi C9 
--PVTi C 10 
--PVTi CII 
--PVTi C 12-C 14 
--PVTi CI 5-C 18 
--PVTi C 19-C24 
--PVTi C25+ 
--PVTi / 
--PVTiTCRIT 
--PVTi -2.227236050E+02 1.124184830E+02 -5.147345871E+01 -6.175164331E+01 
--PVTi 2.211046790E+01 5.020304573E+02 5.423271440E+02 6.252770487E+02 
--PVTi 6.469571374E+02 5.076866272E+02 5.848845452E+02 6.649275399E+02 
--PVTi 7.196905504E+02 7.646744520E+02 8.077025318E+02 8.708138324E+02 
--PVTi 1.001502817E+03 1.133415934E+03 1.303354029E+03 
--PVTiPCRIT 
--PVTi 8.547538381E+02 1.860046412E+03 6.699302642E+02 9.342704575E+02 
--PVTi 8.121562691 E+02 3.237553694E+02 3.369753804E+02 3.008226974E+02 
--PVTi 2.991139885E+02 7.392584196E+02 7.215918603E+02 7.07160023 1 E+02 
--PVTi 6.459491273E+02 5.941935732E+02 5.476633395E+02 5.019632339E+02 
--PVTi 3.901250349E+02 2.925022312E+02 1.956453233E+02 
--PVTiVCRIT 
--PVTi 1.441661400E+00 1.505735240E+00 1.569809080E+00 2.370732080E+00 
--PVTi 3.203692000E+00 4.212854980E+00 4.084707300E+00 4.933685680E+00 
--PVTi 4.981741060E+00 5.622479460E+00 6.279236320E+00 6.93599318013+00 
--PVTi 7.752934640E+00 8.553857640E+00 9.402836020E+00 1.09723093 1 E+O I 
--PVTi 1.432119878E+01 1.862306352E+01 2.549248016E+O I 
--PVTiZCRIT 
--PVTi 4.846192897E-0 I 4.562004012E-01 2.400786752E-01 5.1868966OOE-01 
--PVTi 5.032544697E-01 1.321600332E-01 1.280085866E-0 I 1. 274735287E-01 
--PVTi 1.254766832E-01 4.003907336E-01 4.042162816E-O I 4.064205898E-01 
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--PVTi 3.956984182E-01 3.8684129OOE-01 3.786297324E-01 3.857507873E-01 
--PVTi 3.563100575E-01 3.1863067OIE-01 2.636148077E-01 
--PVTiVCRITVIS 
--PVTi 1.441661400E+00 1.505735240E+00 1.569809080E+00 2.370732080E+00 
--PVTi 3.203692000E+00 4.212854980E+00 4.084707300E+00 4.933685680E+00 
--PVTi 4.981741060E+00 5.622479460E+00 6.279236320E+00 6.935993180E+00 
--PVTi 7.752934640E+00 8.553857640E+00 9.402836020E+00 1.097230931E+01 
--PVTi 1.432119878E+01 1.862306352E+01 2.549248016E+01 
--PVTiZCRITVIS 
--PVTi 4.846192897E-01 4.562004012E-01 2.400786752E-01 5.1868966OOE-01 
--PVTi 5.032544697E-01 1.321600332E-01 1.280085866E-01 1.274735287E-01 
--PVTi 1.254766832E-01 4.003907336E-01 4.042162816E-0 I 4.064205898E-01 
--PVTi 3.956984182E-01 3.8684129OOE-01 3.786297324E-01 3.857507873E-01 
--PVTi 3.563100575E-01 3.186306701 E-0 I 2.636148077E-01 
--PVTiSSHIFT 
--PVTi -1.313342386E-01 -4.273033674E-02 -1.442656189E-01 -1.032683540E-01 
--PVTi -7.750138148E-02 -6.198372515E-02 -5.422489699E-02 -4.177245672E-02 
--PVTi -3.027789648E-02 -7.288775999E-03 5.758209991 E-02 3.193395635E-02 
--PVTi 5.945780216E-02 8.611127650E-02 1.139715570E-0 I 8.792009115E-02 
--PVTi 1.769758057E-01 2.816249566E-0 I 4.251863403E-01 
--PVTiACF 
--PVTi 4. OOOOOOOOOE-02 2.2500000OOE-01 1.300000000E-02 9.8600000OOE-02 
--PVTi 1.5240000OOE-01 1.8480000OOE-01 2.010000000E-01 2.2700000OOE-01 
--PVTi 2.5100000OOE-01 2.9900000OOE-0 I 3.000000000E-O I 3.1200000OOE-01 
--PVTi 3.4800000OOE-01 3.8500000OOE-0 I 4.1900000OOE-0 I 5.649937116E-01 
--PVTi 7.381239931E-01 9.507920184E-0 I 1.231977743E+00 
--PVTiMW 
--PVTi 2.801300000E+01 4.401000000E+01 1.604300000E+01 3.007000000E+O I 
--PVTi 4.409700000E+01 5.812397700E+01 5.812402300E+01 7.215097700E+O I 
--PVTi 7.215102300E+01 8.400000000E+01 9.600000000E+O I 1.070000000E+02 
--PVTi 1.210000000E+02 1.340000000E+02 1.470000000E+02 1.740000000E+02 
--PVTi 2.270000000E+02 2.940000000E+02 4. OOOOOOOOOE+02 
--PVTiOMEGAB 
--PVTi 0.077796 0.07 7796 0.077796 0.077796 0.077796 
--PVTi 0.077796 0.07 7796 0.077796 0.077796 0.093396 
0.093396 0.09 3396 0.093396 0.093396 0.093396 
0.093396 0.09 3396 0.093396 0.093396 
3.500350035EmOl 9.600960096E-01 6.372637264E+01 1.240124012E+01 
6.240624062E+00 2.470247025E+00 9.300930093E-01 1.090109011E+00 
8.600860086E-01 1.380138014E+00 1.710171017E+00 1.780178018E+00 
1.180118012E+00 9.500950095EmOl 6.500650065E-01 1.260126013E+00 
--PVTi 9.600960096EmOt 6.800680068E-01 4.200420042E-0 I 
--PVTiTBOIL 
-mPVTi -3.203500037E+02 ml. 092100093E+02 m2.587900053E+02 -1.273900088E+02 
--PVTi -4.369001102E+01 1.066998754E+01 3.118998700E+01 
8.212998565E+01 
--PVTi 9.688998526E+01 1.470199839E+02 1.974199826E+02 
2.420599814E+02 
--PVTi 2.879599802E+02 3.304399791 E+02 3.689599780E+02 
4.402526423E+02 
m-PVTi 5.741413181 E+02 7.200922434E+02 9.195071206E+02 
--PVTiTREF 
-mPVTi -3.190900037E+02 6.772998603E+01 m2.586100053E+02 -1.302700087E+02 
--PVTi -4.387001 IOIE+01 6.772998603E+01 6.772998603E+01 
6.772998603E+01 
--PVTi 6.772998603E+01 6.052998622E+01 6.052998622E+O 
I 6.052998622E+01 
m-PVTi 6.052998622E+01 6.052998622E+01 6.052998622E+01 
5.99999863 1 E+O I 
--PVTi 5.999998631E+01 5.999998631E+01 5.99999863 1 E+O 
I 
--PVTiDREF 
--PVTi 5.019208788E+01 4.850653269E+O I 2.653188725E+01 
3.421052756E+O I 
-mPVTi 3.633307854E+01 3.477237929E+01 3.614579463E+01 
3.870534140E+01 
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--PVTi 3.907990922E+01 4.276315945E+01 4.507299434E+01 4.650883765E+01 
--PVTi 4.769496908E+01 4.856896066E+01 4.925566833E+01 5.058003312E+01 
--PVTi 5.254354142E+01 5.419193710E+01 5.609599019E+O I 
--PVTiPARACHOR 
--PVTi 4.100000000E+01 7.800000000E+O I 7.700000000E+O I 1.080000000E+02 
--PVTi 1.503000000E+02 1.815000000E+02 1.899000000E+02 2.250000000E+02 
--PVTi 2.315000000E+02 2.7 1 OOOOOOOE+02 3.125000000E+02 3.515000000E+02 
--PVTi 3.800000000E+02 4.049000000E+02 4.293000000E+02 4.601976000E+02 
--PVTi 5.866000900E+02 7.518669800E+02 1.013334000E+03 
--PVTi HYDRO 
--PVTi NNHHHHHH HHHHHHHH HHH 
--PVTi / 
--PVTiTHERMX 
--PVTi 0.0002778 
--PVTiBIC 
--PVTi -1.200000000E-02 
--PVTi 1.0000000OOE-01 1.0000000OOE-01 
--PVTi 1.0000000OOE-01 1.0000000OOE-01 O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-01 1.0000000OOE-01 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-0 I 1.0000000OOE-01 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-01 1.0000000OOE-01 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-01 1.0000000OOE-01 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-01 1.0000000OOE-01 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-01 1.0000000OOE-01 2.7900000OOE-02 1.0000000OOE-02 
--PVTi 1.0000000OOE-02 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-01 1.0000000OOE-01 3.3080000OOE-02 1.0000000OOE-02 
--PVTi 1.0000000OOE-02 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-01 1.0000000OOE-01 3.6300000OOE-02 1.0000000OOE-02 
--PVTi 1.0000000OOE-02 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-01 1.0000000OOE-01 3.8960000OOE-02 1.0000000OOE-02 
--PVTi 1.0000000OOE-02 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-0 I 1.0000000OOE-01 4.0920000OOE-02 1.0000000OOE-02 
--PVTi 1.0000000OOE-02 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-0 I 1.0000000OOE-01 4.2460000OOE-02 1.0000000OOE-02 
--PVTi 1.0000000OOE-02 O. OOOOOOOOOE+00 0.000000000E+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-0 I 1.0000000OOE-01 4.5430000OOE-02 1.0000000OOE-02 
--PVTi 1.0000000OOE-02 O. OOOOOOOOOE+00 0.000000000E+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-01 1.0000000OOE-01 4.983333334E-02 1.000000000E-02 
--PVTi 1.0000000OOE-02 0.000000000E+00 0.000000000E+00 0.000000000E+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 0.000000000E+00 0.000000000E+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 0.000000000E+00 
--PVTi 1.0000000OOE-0 I 1.0000000OOE-01 5.3530000OOE-02 1.0000000OOE-02 
--PVTi 1.0000000OOE-02 0.000000000E+00 0.000000000E+00 0.000000000E+00 
--PVTi O. OOOOOOOOOE+00 0.000000000E+00 0.000000000E+00 0.000000000E+00 
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--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O-OOOOOOOOOE+00 O-OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 
--PVTi 1.0000000OOE-0 I 1.0000000OOE-01 5.780000001E-02 l-OOOOOOOOOE-02 
--PVTi 1.0000000OOE-02 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi / 
--PVTiSAMPLES 
--PVTiSWELLSAM 
--PVTi 3.405881048E-01 9.526968059E-01 6.263292767E+01 1.221265946E+01 
--PVTi 6.179661445E+00 2.540164164E+00 9.645030246E-01 1.138012671E+00 
--PVTi 9.021313615E-01 1.431949680E+00 1.793847475E+00 1.890686883E+00 
--PVTi 1.266174320E+00 1.028933808E+00 7.105637707E-01 1.415039386E+00 
--PVTi 1.135433956E+00 8.656319204E-01 5.983940883E-01 
--PVTi / 
--PVTiSAMTITLE 
--PVTi SWELLSAM 'Sample created by swelling ZI with its vapor fraction. 
--PVTi / 
--PVTiSPECHA 
--PVTi 1.304188200E+02 8.289864000E+01 8.059590000E+01 2.264640120E+01 
--PVTi -1.768504320E+01 -5.819652000E+00 3.972017160E+01 -3.987927000E+01 
--PVTi -1.518225790E+01 -1.847634840E+01 -6.633733392E+01 -6.228116208E+01 
--PVTi -5.250330936E+01 -4.082984107E+01 -3.027483454E+01 1.425508063E+01 
--PVTi 3.543772013E+01 5.919240383E+01 1.005428341 E+02 
--PVTiSPECHB 
--PVTi -5.6814876OOE-02 3.074785920E-0 I 2.182160160E-01 7.4566908OOE-01 
--PVTi 1.282416840E+00 1.610661960E+00 1.394623080E+00 2.121032880E+00 
--PVTi 2.040227640E+00 2.436717600E+00 1.392692965E+00 1.517430298E+00 
--PVTi 1.676645928E+00 1.824494396E+00 1.979653018E+00 2.296346988E+00 
--PVTi 2.990254981 E+00 3.905081145E+00 5.383159740E+00 
--PVTiSPECHC 
--PVTi 1.1220624OOE-04-2.345445360E-04 5.0115996OOE-05 -2.904801840E-04 
--PVTi -6.6402648OOE-04 -7.7288328OOE-04 -4.6389744OOE-04 -1.142577720E-03 
--PVTi -1.0801944OOE-03 -1.305862920E-03 -2.600526150E-04 -2.932212820E-04 
--PVTi -3.365207489E-04 -3.773525159E-04 -4.177434128E-04 -5.039681187E-04 
--PVTi -6.622605970E-04 -8.596883825E-04 -1.169378856E-03 
--PVTiSPECHD 
--PVTi -4.8901824OOE-08 7.1803620OOE-08 -4.7394576OOE-08 3.647958840E-08 
--PVTi 1.3460562OOE-07 1.2120786OOE-07 -1.181514960E-08 2.396105640E-07 
--PVTi 2.2210974OOE-07 2.718907920E-07 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 
--PVTiHEATVAPS 
--PVTi O. OOOOOOOOOE+00 1.802570424E+04 O. OOOOOOOOOE+00 1.650621600E+04 
--PVTi 3.603408601E+04 4.586099659E+04 6.166418764E+04 5.938211357E+04 
--PVTi 6.289700021 E+04 7.462523487E+04 8.702067726E+04 9.815042916E+04 
--PVTi 1.092499122E+05 1.202544323E+05 1.323266781 E+05 1.546399608E+05 
--PVTi 1.913814513E+05 2.493237708E+05 3.512698643E+05 
--PVTiCALVAL 
--PVTi O. OOOOOOOOOE+00 O. OOOOOOOOOE+00 1.891038000E+03 3.323854000E+03 
--PVTi 4.754344000E+03 6.184834000E+03 6.184834000E+03 7.615324000E+03 
--PVTi 7.615324000E+03 9.045814000E+03 1.047863000E+04 1.190912000E+04 
--PVTi 1.333961000E+04 1.47701 OOOOE+04 1.620059000E+04 1.895939214E+04 
--PVTi 2.383219600E+04 3.081484800E+04 4.175170000E+04 
--PVTi--End of PVTi generated section- 
ZI 
-- Overall Composition 
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0.003500350035 
0.009600960096 
0.6372637264 
0.1240124012 
0.06240624062 
0.02470247025 
0.009300930093 
0.01090109011 
0.008600860086 
0.01380138014 
0.01710171017 
0.01780178018 
0.01180118012 
0.009500950095 
0.006500650065 
0.01260126013 
0.009600960096 
0.006800680068 
0.004200420042 
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Number of Cells ý 120 cycling across the rows 
Cell Thickness DR (ft), Outer Radius 51,387 ft 
=0 =1 0-1 0.1 0.1 0.1 0.2 0.2 0-2 0.2 0-2 
0.5 1 05 0-5 0-5 0.5 05 0,5 0.5 0.5 0.5 
1 1 1 1 1 1 1 1 1 1 
2 2 2 2 2 2 2 2 2 2 
5 5 5 5 5 5 5 5 5 5 
10 10 10 10 10 10 10 10 10 10 
20 20 20 20 20 20 20 20 20 20 
50 50 50 50 50 50 50 50 50 50 
100 100 100 100 100 100 100 100 100 100 
200 200 200 200 200 200 200 200 200 200 
500 500 500 500 500 1000 1000 1000 1000 1000 
2000 2000 2000 2000 2000 5000 5000 5000 5000 10000 
Table 13- 1: Radial model verification - grid dimensions 
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Figure B- 1: Setup - Cartesian grid (with LGR's) 
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SO Vý 
I Krg Kro 
Normallsed (Sg) Gas-Oil Relperm 
0.00000 0.00000 1.00000 
0.00200 0.00014 0.99846 
0.00500 0.00044 0.99516 
0.01000 0.00138 0.98488 
0.01500 0.00300 0.96700 
0.02000 0.00500 0,94500 
0.05000 0.01755 0.80000 
0.10000 0.03372 0.64000 
0.15000 0.05127 0.51000 
0.20000 0.07136 0.40500 
0.25000 0.09353 0.32000 
0.30000 0.12032 0.25000 
0.35000 0.14988 0.19300 
0.40000 0.18268 0,14800 
0.45000 0.21871 0.11200 
0.50000 0.25751 0.08300 
0.55000 0.30277 0.06000 
0.60000 0.35289 0.04250 
0.65000 0.40831 0.03050 
0.70000 0.46998 0.02250 
0.75000 0.53926 0.01500 
0.80000 0.61963 0.01000 
0.85000 0.70831 0.00600 
0.90000 0.80254 0.00300 
0.95000 0.90023 0.00100 
0.98000 0.97000 0.00020 
0.98500 0.98200 0.00012 
0.99000 0.99175 0.00006 
0.99500 0.99736 0.00002 
0.99800 0.99916 0.00001 
0.99990 0.99999 0.00000 
1.00000 1.00000 0.00000 
Table B-2: Gas-Oil relative permeability 
Sw Krw 
Water Oil Relperm 
0.4 0.000 1.0000 
0.5 0.008 0.5625 
0.6 0.030 0.2500 
0.7 0.075 0.0625 
0.8 0.133 0.0000 
1.0 0.300 0.0000 
II able B-3: Water-Oil relative permeability 
Normalised Gas-Oil Relative Permeability 
0.8 0 
0.6 
0.4 
--o- krg-n 
kro-n 
0.2 
o 
0 0.2 0.4 0.6 0.8 
Gas Saturation (Sg) 
Figure B-2: Normalised gas-oil relative permeability curves from the MTGc reservoir 
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Water-Oil Relative Permeability 
1 
32 0.8 
:A0.6 
IL 0.4 
0.2 
0 
Water Saturation (Sw) 
Figure B-3: Oil-water relative permeability curves used for the MTGc reservoir 
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Appendix C 
E300 Simulation Model (Effect of Production Rate and Time) 
RICH CONDENSATE WELL TEST COMPOSITIONAL SIMULATION 
ECLIPSE 300 
EFFECT OF PRODUCTION RATE 
RADIAL MODEL 
FLUID MTGc Gas Condensate 
AUTHOR - 0. Aluko 
RUNSPEC 
TITLE 
CASE-1 RADIAL GRID - RICH CONDENSATE SIMULATION STUDY 
DIMENS 
120 11 
ISGAS 
WATER 
RADIAL 
VELDEP 
I101 
FIELD 
FULLIMP 
EQLDIMS 
5*1 
TABDIMS 
6*/ 
WELLDIMS 
762 4/ 
NUPCOL 
4/ 
-- Equation of State - Peng-Robinson 
EOS 
PR / 
-- Number of Components 
COMPS 
19/ 
START 
01'JAN'2001 
NSTACK 
100/ 
INIT 
MESSAGES 
11*51 
GRID 
INIT 
ECHO 
-- Inner radius ft 
INRAD 
0.354/ 
-- Vector of cell dimensions in R-direction (Maximum Radius 50000ft) 
DRV 
0.1 0.1 0.1 0.1 0.1 0.2 0.2 0.2 0.2 0.2 
0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 0.5 
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22 22 22 2 22 2 
55 55 55 5 55 5 
10 10 10 10 10 10 to 10 
20 20 20 20 20 20 20 20 
50 50 50 50 50 50 50 50 
100 too 100 100 100 100 
200 200 200 200 200 200 
500 500 500 500 500 1000 
2000 2000 2000 2000 2000 
10 10 
20 20 
50 50 
100 100 loo 100 
200 200 200 200 
1000 1000 1000 1000 
5000 5000 5000 5000 10000 
-- Vector of cell dimensions in THT-direction 
DTHETAV 
360/ 
-- Dimensions of cells in Z-direction 
DZV 
501 
EQUALS 
TOPS 10000 
PORO 0.13 / 
BOX 
1 120 1111 
PERMR 
120* 100 
-- OUTPUT OF GRID DATA IN BOTH GLOBAL AND LOCAL SYSTEMS 
RPTGRID 
RPTGRIDL 
PROPS 
-------- THE PROPS SECTION DEFINES THE REL. PERMEABILITIES, CAPILLARY 
-------- PRESSURES, AND THE PVT PROPERTIES OF THE RESERVOIR FLUIDS 
INCLUDE 
'.. /INCLUDE/MLN I 
-DSTI -1 
Bcomp2. PVO'/ 
--WATER- OIL RELA TIVE PERMEABILITY 
INCLUDE 
'.. /INCLUDE/MLN_ SWOF_Krw-modl. txt'/ 
-- GAS-OIL RELATIVE PERMEABILITY 
SGOF 
-- Sg Krg Kro Pcgo 
0 0 1 0 
0.0012 0.00014 0.99846 0 
0.003 0.00044 0.99516 0 
0.006 0.00138 0.98488 0 
0.009 0,003 0.967 0 
0.012 0.005 0.945 0 
0.03 0.01755 0.8 0 
0.06 0.03372 0.64 0 
0.09 0.05127 0.51 0 
0.12 0.07136 0.405 0 
0.15 0.09353 0.32 0 
0.18 0.12032 0.25 0 
0.21 0.14988 0.193 0 
0.24 0.18268 0.148 0 
0.27 0.21871 0.112 0 
0.3 0.25751 0.083 0 
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0.33 0.30277 0.06 0 
0.36 0.35289 0.0425 0 
0.39 0.40831 0.0305 0 
0.42 0.46998 0.0225 0 
0.45 0.53926 0.015 0 
0.48 0.61963 0.01 0 
0.51 0.70831 0.006 0 
0.54 0.80254 0.003 0 
0.57 0.90023 0.001 0 
0.588 0.97 0.0002 0 
0.591 0.982 0.00012 0 
0.594 0.99175 6. OOE-05 0 
0.597 0.99736 2. OOE-05 0 
0.5988 0.99916 LOOE-05 0 
0.59994 0.99999 0 0 
0.6 1 0 0 
/DENSITY 
-- Oil Water Gas 
40.0000 77.1600 0.001/ 
-- Water PVT Properties 
-- REF. PRES. REF. FVF COMPRESSIBILITY REF VISCOSITY VISCOSIBILITY 
PVTW 
5000 1.0352 2.06E-06 0.3 0.0/ 
-- Rock Compressibility 
ROCK 
5000 4.69E-6/ 
VDKRO 
--M NI N2 Ncb abCd Betad 
0 10 -1 1.3E-5 0000 1* 
VDKRG 
--M NI N2 Ncb abCd Betad 
0 10 -1 1.3E-5 5.0e-4 5.5 5.5 1 1* / 
-- --------------------------------------------------------------------- 
REGIONS 
-- --------------------------------------------------------------------- 
RPTREGS 
-- --------------------------------------------------------------------- 
SOLUTION 
-- --------------------------------------------------------------------- 
-------- THE SOLUTION SECTION DEFINES THE INITIAL STATE OF THE SOLUTION 
-------- VARIABLES (PHASE PRESSURES, SATURATIONS AND GAS-OIL RATIOS) 
-------------------------------------- 
DATUM DATUM OWC 
DEPTH PR-ESS DEPTH 
EQUIL 
10012.5 5000 12000 0 
-- ------------- 
SUMMARY 
-- ---------- 
RUNSUM 
WBHP 
WOPR 
WGPR 
---------------------------------- 
OWC GOC GOC 
PCOW DEPTH PCOG 
11500 0 3* 1/ 
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WWPR 
WOPT 
WGPT 
WGOR 
WOPRS 
--Producer block data 
BPR 
III/ 
211 
311 
411 
511 
611 
711 
811 
911 
10 11 
12 11 
14 11 
16 11 
18 11 
20 11 
22 11 
24 11 
26 11 
28 11 
30 11 
32 11 
34 11 
36 11 
38 11 
40 11 
42 11 
44 11 
46 11 
48 11 
50 11 
52 11 
54 11 
56 11 
58 11 
60 11 
62 11 
64 11 
66 11 
68 11 
70 11 
75 11 
80 11 
85 11 
90 11 
95 11 
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too II 
Ito II 
120 11 
BOSAT 
III/ 
211 
311 
411 
511 
611 
711 
811 
911 
10 11 
12 11 
14 11 
16 11 
18 11 
20 11 
22 11 
24 11 
26 11 
28 11 
30 11 
32 11 
34 11 
36 11 
38 11 
40 11 
42 11 
44 11 
46 11 
48 11 
50 11 
52 11 
54 11 
56 11 
58 11 
60 11 
62 11 
64 11 
66 11 
68 11 
70 11 
75 11 
80 11 
85 11 
90 11 
95 11 
100 11 
110 11 
120 11 
BGSAT 
III 
211 
311 
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411 
511 
611 
711 
811 
911 
10 11 
12 11 
14 11 
16 11 
18 11 
20 11 
22 11 
24 11 
26 11 
28 11 
30 11 
32 11 
34 11 
36 11 
38 11 
40 11 
42 11 
44 11 
46 11 
48 11 
50 11 
52 11 
54 11 
56 11 
58 11 
60 11 
62 11 
64 11 
66 11 
68 11 
70 11 
75 11 
80 11 
85 11 
90 11 
95 11 
100 11/ 
110 11/ 
120 11/ 
BWSAT 
III/ 
10 11 
40 11 
80 11 
120 11 
BOVIS 
I 
2 
311 
411 
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51 
61 
71 
81 
91 
to 
12 11 
14 11 
16 11 
18 11 
20 11 
22 11 
24 11 
26 11 
28 11 
30 11 
32 11 
34 11 
36 11 
38 11 
40 11 
42 11 
44 11 
46 11 
48 11 
50 11 
52 11 
54 11 
56 11 
58 11 
60 11 
62 11 
64 11 
66 11 
68 11 
70 11 
75 11 
80 11 
85 11 
90 11 
95 11 
100 11 
110 11 
120 11 
BODEN 
111/ 
211 
311 
411 
511 
611 
711 
811 
911 
10 11 
12 11 
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14 1 1 
16 1 1 
18 1 1 
20 1 1 
22 1 1 
24 1 1 
26 1 1 
28 1 1 
30 1 1 
32 1 1 
34 1 1 
36 1 1 
38 1 1 
40 1 1 
42 1 1 
44 1 1 
46 1 1 
48 1 1 
50 1 1 
52 1 1 
54 1 1 
56 1 1 
58 1 1 
60 1 1 
62 1 1 
64 1 1 
66 1 1 
68 1 1 
70 1 1 
75 1 1 
80 1 1 
85 1 1 
90 1 1 
95 1 1 
100 1 1 
110 1 1 
120 1 1 
BGVIS 
I I I 
2 1 1 
3 1 1 
4 1 1 
5 1 1 
6 1 1 
7 1 1 
8 1 1 
9 1 1 
10 1 1 
12 1 1 
14 1 1 
16 1 1 
18 1 1 
20 1 1 
22 1 1 
24 1 1 
26 1 1 
28 1 1 
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30 1 1/ 
32 1 1 
34 1 1 
36 1 1 
38 1 1 
40 1 1 
42 1 1 
44 1 1 
46 1 1 
48 1 1 
50 1 1 
52 1 1 
54 1 1 
56 1 1 
58 1 1 
60 1 1 
62 1 1 
64 1 1 
66 1 1 
68 1 1 
70 1 1 
75 1 1 
80 1 1 
85 1 1 
90 1 1 
95 1 1 
100 1 1 
110 1 1 
120 1 1 
BGDEN 
I I 
2 1 1 
3 1 1 
4 1 1 
5 1 1 
6 1 1 
7 1 1 
8 1 1 
9 1 1 
10 1 1 
12 1 1 
14 1 1 
16 1 1 
18 1 1 
20 1 1 
22 1 1 
24 1 1 
26 1 1 
28 1 1 
30 1 1 
32 1 1 
34 1 1 
36 1 1 
38 1 1 
40 1 1 
42 1 1 
44 1 1 
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46 1 1 
48 1 1 
50 1 1 
52 1 1 
54 1 1 
56 1 1 
58 1 1 
60 1 1 
62 1 1 
64 1 1 
66 1 1 
68 1 1 
70 1 1 
75 1 1 
80 1 1 
85 1 1 
90 1 1 
95 1 1 
100 1 1 
110 1 1 
120 1 1 
BOKR 
I I I/ 
2 1 1 
3 1 1 
4 1 1 
5 1 1 
6 1 1 
7 1 1 
8 1 1 
9 1 1 
10 1 1 
12 1 1 
14 1 1 
16 1 1 
18 1 1 
20 1 1 
22 1 1 
24 1 1 
26 1 1 
28 1 1 
30 1 1 
32 1 1 
34 1 1 
36 1 1/ 
38 1 1/ 
40 1 1/ 
42 1 1/ 
44 1 1/ 
46 1 1/ 
48 1 1 
50 1 1 
52 1 1 
54 1 1 
56 1 1 
58 1 1 
60 1 1 
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62 1 1 
64 1 1 
66 1 1 
68 1 1 
70 1 1 
75 1 
80 1 
85 1 1 
90 1 1 
95 1 1 
100 1 1 
Ito I I 
120 1 1 
BGKR 
I I I 
2 1 1 
3 1 1 
4 1 1 
5 1 1 
6 1 1 
7 1 1 
8 1 1 
9 1 1 
10 1 1 
12 1 1 
14 1 1 
16 1 1 
18 1 1 
20 1 1 
22 1 1 
24 1 1 
26 1 1 
28 1 1 
30 1 1 
32 1 1 
34 1 1 
36 1 1 
38 1 1 
40 1 1 
42 1 1 
44 1 1 
46 1 1 
48 1 1 
50 1 1 
52 1 1 
54 1 1 
56 1 1/ 
58 1 1/ 
60 1 1/ 
62 1 1 
64 1 1/ 
66 1 1/ 
68 1 1/ 
70 1 1 
75 1 1 
80 1 1 
85 1 1 
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90 1 1 
95 1 1 
100 1 1 
110 1 1 
120 1 1 
BSTEN 
II I/ 
21 1 
31 1 
41 1 
51 1 
61 1 
71 1 
81 1 
91 1 
10 1 1 
12 1 1 
14 1 1 
16 1 1 
18 1 1 
20 1 1 
22 1 1 
24 1 1 
26 1 1 
28 1 1 
30 1 1 
32 1 1 
34 1 1 
36 1 1 
38 1 1 
40 1 1 
42 1 1 
44 1 1 
46 1 1 
48 1 1 
50 1 1 
52 1 1 
54 1 1 
56 1 1 
58 1 1 
60 1 1 
62 1 1 
64 1 1 
66 1 1 
68 1 1 
70 1 1 
75 1 1 
80 1 1 
85 1 1 
90 1 1 
95 1 1 
100 1 1/ 
110 1 1/ 
120 1 1/ 
BXMF 
I 1 1 3/ 
193 
Appendix C (Continued) 
51 1 3/ 
10 1 1 3/ 
20 1 1 3/ 
50 1 1 3/ 
120 1 1 3/ 
BYMF 
I11 3/ 
511 3/ 
10 11 3/ 
20 11 3/ 
50 11 3/ 
120 11 3/ 
BXMF 
I11 51 
511 51 
10 11 51 
20 11 51 
50 11 51 
120 11 51 
BXMF 
III 
511 11 
10 11 11 
20 11 11 
50 11 11 
120 11 11 
BXMF 
I11 16/ 
511 16/ 
10 11 16/ 
20 11 16/ 
50 11 16/ 
120 11 16/ 
ljklnzuullrl -- 
THE SCHEDULE SECTION DEFINES THE OPERATIONS TO BE SIMULATED 
--------------------------------------- 
RPTPRINT 
7*0 1 5*01 
RUNSUM 
RPTONLY 
-- Surface Separator Conditions 
SEPCOND 
SEPI PI 1 70 15 00 
-- LOCAL WELL SPECIFICATION DATA 
WELLSPEC 
MLN7 PI 11 10012.5 SEPI 
COMPDAT 
MLN7 IIII OPEN 2* 0.354 1* 0/ 
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WSEPCOND 
MLN7 SEPI 
DD-1 --------------------------------------------- 
WELLPROD 
MLN7 GAS I* 1* -15000 1* 20/ 
INCLUDE 
'.. /INCLUDE/Time-60xdays. txt'/ 
---------------------------------------------------- 
-- BU- I ------------------------------------------ 
WELLPROD 
MLN7 GAS 0000 20 
INCLUDE 
'JINCLUDE/Time-60daysAxf/ 
---------------------------------------------------- 
-- DD-2 ------------------------------------------ 
WELLPROD 
MLN7 GAS I* 1* 35000 1* 20/ 
INCLUDE 
'.. /fNCLUDE/Timc-60xdays. txt'/ 
---------------------------------------------------- 
-- BU-2 ------------------------------------------ 
WELLPROD 
MLN7 GAS 0000 20 
INCLUDE 
'.. /fNCLUDE/Time-60days. txt'/ 
---------------------------------------------------- 
-- DD-3 --------------------------------------------- 
WELLPROD 
MLN7 GAS I*I* 45000 1* 20 
INCLUDE 
'JINC LU DEM me-60xxdays. txt'/ 
---------------------------------------------------- 
-- BU-3 ------------------------------- 
WELLPROD 
MLN7 GAS 000020/ 
INCLUDE 
'.. /INCLUDE/Time-60days. txt'/ 
----------------------------------------- 
END 
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BU3 Oil Saturation vs Radial Distance 
0.3 
'-- 0.2 
t 
c 
0 
(5 
(5 
In 
15 0.1 
0 
0.1 10 100 
Radial Distance (ft) 
-END DD3 
BU 1.0e-4 day 
-BU 1.0e-3 day 
BU1.0e-2 day 
BU 2.0e-2 day 
-BU 2.6e-2 day 
BU 3.0e-2 day 
BU 3.3e-2 day 
BU 3.7e-2 day 
BU 4.0e-2 day 
BU 4.2e-2 day 
BU 4.4e-2 day 
BU 5.0e-2 day 
1000 
Figure C-1: Transient oil saturation profile during shut-in (BU3). 
Figure C-1, shows an abrupt drop (to zero) in the oil saturation profile from O. Olday onwards. This is 
attributed to the difficulty of the simulator to accurately distinguish between the phases as they become 
very similar in the near-wellbore. 
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E300 Simulation Model (Re-pressurisation - Gas Injection 
RICH CONDENSATE WELL TEST COMPOSITIONAL SIMULATION 
ECLIPSE 300 
REVAPORISATION DUE RE-VAPORISATION 
CARTESIAN MODEL WITH LGR'S 
FLUID MTGc Gas Condensate 
AUTHOR - 0. Aluko 
--RUNSPEC section -------------------------------------------------- 
RUNSPEC 
--Request the FIELD unit set 
FIELD 
--Water is present 
WATER 
LGR 
10 10000 
--AIM solution method 
AIM 
--Nineteen components in study plus water 
VELDEP 
1101/ 
COMPS 
19/ 
--Peng-Robinson equation of state to be used 
EOS 
PR/ 
DIMENS 
5050 1/ 
TABDIMS 
1 14040/ 
--Is a gas condensate study 
ISGAS 
NSTACK 
100/ 
MULTSAVE 
0/ 
--Grid section -------------------------------------------------------- 
GRID 
--Basic grid block sizes 
DX 
2500*500/ 
DY 
2500*500/ 
DZ 
2500*50 
--Cell top depths - only for first layer specified 
TOPS 
2500*10000/ 
PORO 
2500*0.13 
PERMX 
2500*100/ 
PERMY 
2500*100 
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PERMZ 
2500*10 
CARFIN 
-- NAME I IJ JKI K2 NX NY NZ NWMAX PARENT 
LGR-P25252525 11 100 100 It* GLOBAL/ 
ENDFIN 
CARFIN 
-- NAME IU JKI K2 NX NY NZ NWMAX PARENT 
LGR-X 1'23 2723 24 11 50 20 11 GLOBAL/ 
NXFIN 
10 10 10 10 10 
NYFIN 
10 to/ 
ENDFIN 
CARFIN 
-- NAME IU JK I K2 NX NY NZ NWMAX PARENT 
LGR-X2 23 2726 27 11 50 20 11 GLOBAL/ 
NXFIN 
10 10 10 to 10 
NYFIN 
10 to/ 
ENDFIN 
CARFIN 
-- NAME IU JKI K2 NX NY NZ NWMAX PARENT 
LGR-X323242525 11 20 10 It* GLOBAL/ 
NXFIN 
10 10 / 
ENDFIN 
CARFIN 
-- NAME IU JKI K2 NX NY NZ NWMAX PARENT 
LGR-X426272525 11 20 10 It* GLOBAL/ 
NXFIN 
10 10 
ENDFIN 
CARFIN 
-- NAME IU JK I K2 NX NY NZ NWMAX PARENT 
LGR-1125251010 11 55 It* GLOBAL/ 
ENDFIN 
CARFIN 
-- NAME IU JKI K2 NX NY NZ NWMAX PARENT 
LGR-12 25 2540 40 11 55 11 GLOBAL/ 
ENDFIN 
CARFIN 
-- NAME IU JK I K2 NX NY NZ NWMAX PARENT 
LGR-13 10 1025 25 11 55 11 GLOBAL/ 
ENDFIN 
CARFIN 
-- NAME IU JK I K2 NX NY NZ NWMAX PARENT 
LGR-14 40 4025 25 11 55 11 GLOBAL/ 
ENDFIN 
--Properties section ----------------------------------------------- 
PROPS 
NCOMPS 
19/ 
EOS 
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PR/ 
-- Peng-Robinson correction 
PRCORR 
-- Standard temperature and pressure in Deg F and PSIA 
STCOND 
60.0 14.7/ 
INCLUDE 
'.. /INCLUDE/MLN I- DSTI-IBcomp2. PVO'/ 
--Water saturation functions 
--WATER-OIL RELATIVE PERMEABILITY 
INCLUDE 
'.. /INCLUDE/MLN_SWOF_Krw-mod I. txt'/ 
-- GAS-OIL RELATIVE PERMEABILITY 
INCLUDE 
'.. /INCLUDE/MLN_SGOF_Krg-mod I. txt'/ 
--Rock and water pressure data 
DENSITY 
--Oil Water Gas 
40.0000 77.1600 0.001 
-- Water PVT Properties 
-- REF. PRES. REF. FVF COMPRESSIBILITY REF VISCOSITY VISCOSIBILITY 
PVTW 
4300 1.0352 2.06E-06 0.3 0.0/ 
-- Rock Compressibility 
ROCK 
4300 4.69E-6/ 
INCLUDE 
'.. /INCLUDENELDEP Ncl. txt'/ 
--Solution section ------------------------------------------------------ 
SOLUTION 
--Equilibration data - initial pressure 3500 psi at 7500, which is 
--the oil-water and the oil-gas contact depth 
EQUIL 
10025 4300 10500 0 10500 0110 
RPTRST 
PRESSURE SOIL YMF VOIL 
RPTSOL 
PRESSURE SOIL 
FIELDSEP 
1 80815/ 
2 80 65/ 
3 60 14.7/ 
SUMMARY 
-- ALL 
RUNSUM 
--Field oil production rate and total, GOR and field pressure 
INCLUDE 
'.. /INCLUDE/Sim-Outputs-2b. txt'/ 
--Schedule section ------------------------------------------------------ 
SCHEDULE 
--Define separator ; third stage represents stock tank 
SEPCOND 
SEP FIELD 1 80 815 
SEP FIELD 2 80 65 
SEP FIELD 3 60 14.7 
--Define injection and production wells 
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WELSPECL 
II FIELD LGR-I 133 10025 GAS/ 
12 FIELD LGR-12 33 10025 GAS/ 
13 FIELD LGR-13 33 10025 GAS/ 
14 FIELD LGR-14 33 10025 GAS/ 
P FIELD LGR-P 50 50 10025 GAS/ 
WSEPCOND 
P SEP 
COMPDATL 
11 LGR-11 3311 1* 1 
12 LGR-12 33111*I 
13 LGR-13 33111*I 
14 LGR-14 33111* I/ 
P LGR-P 50 50 1111 
WCONPROD 
P OPEN GRAT I*I* 500 2* 500 
GCONINJE 
Field GAS REIN 2* 4 
GINJGAS 
Field GV Field 
WCONINJE 
II GAS OPEN GRU P 20000 1* 10000 
12 GAS OPEN GRUP 20000 1* 10000 
13 GAS OPEN GRUP 20000 1* 10000 
14 GAS OPEN GRUP 20000 1* 10000 
WELOPEN 
IISHUT/ 
12SHUT/ 
13 SHUT / 
14SHUT/ 
-- DD- I ------------------------------------ 
WCONPROD 
P OPEN GRAT I*I* 20000 2* 500 
INCLUDE 
'JINC LUDEM me-60days-2. txt'/ 
----------------------------------------------------- 
-- BU-1 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I* 1*02*500/ 
INCLUDE 
'.. /INCLUDE/Time-60days-2. txt'/ 
----------------------------------------------------- 
-- DD-2 ------------------------------------ 
WCONPROD 
P OPEN GRAT I*I* 20000 2* 500 
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INCLUDE 
'JINCLUDE/Time-60clays-2. txf/ 
----------------------------------------------------- 
-- BU-2 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I*0 2* 500 
INCLUDE 
'JINC LU DE/Time-60days-2. txt' 
----------------------------------------------------- 
WELOPEN 
it OPEN/ 
12 OPEN 
13 OPEN 
14 OPEN 
DD-3 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I* 20000 2* 500 
INCLUDE 
'.. /INCLUDE/Time-60days-2. txt'/ 
----------------------------------------------------- 
-- BU-3 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I*0 2* 500 
INCLUDE 
'JINC LU DEM me-60days-2. txt'/ 
----------------------------------------------------- 
-- DD-4 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I* 20000 2* 500 
INCLUDE 
'.. /INCLUDE/Time-I 80days-2. txt'/ 
----------------------------------------------------- 
-- BU-4 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I*0 2* 500 
INCLUDE 
'JINCLUDE/Time-60clays-2. txf/ 
----------------------------------------------------- 
-- DD-5 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I* 20000 2* 500 
INCLUDE 
'.. /INCLUDE/Time- I 80days-2. txt'/ 
----------------------------------------------------- 
-- BU-5 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I*0 2* 500 
INCLUDE 
'.. /INCLUDE/Time-60days-2. txt'/ 
----------------------------------------------------- 
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-- DD-6 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I* 20000 2* 500 
INCLUDE 
'.. /INCLUDE/Time- I 80days-2. txt'/ 
----------------------------------------------------- 
-- BU-6 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I*0 2* 500 
INCLUDE 
'.. /INCLUDE/Time-60days-2. txt'/ 
----------------------------------------------------- 
-- DD-7 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I* 20000 2* 500 
INCLUDE 
'.. /INCLUDE/Time-20days-2. txt'/ 
----------------------------------------------------- 
-- BU-7 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I*0 2* 500 
INCLUDE 
'.. /INCLUDE/Time-60days-2. txt'/ 
----------------------------------------------------- 
-- DD-8 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I* 20000 2* 500 
INCLUDE 
'.. /INCLUDE/Time-20days-2. txt'/ 
----------------------------------------------------- 
-- BU-8 ------------------------------------------- 
WCONPROD 
P OPEN GRAT 1* 1*02*500/ 
INCLUDE 
'JINC LU DEM me-60days-2. txt' 
----------------------------------------------------- 
-- DD-9 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I* 20000 2* 500 
INCLUDE 
'.. /INCLUDE/Time-20days-2. txt'/ 
----------------------------------------------------- 
-- BU-9 ------------------------------------------- 
WCONPROD 
P OPEN GRAT I*I*0 2* 500 
INCLUDE 
'JINC LUDEM me-60days-2. txt'/ 
-- DD-10 ------------------------------------------ 
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WCONPROD 
P OPEN GRAT I* 1* 20000 2* 500 
INCLUDE 
'.. /INCLUDE/Time-20days-2. txt'/ 
----------------------------------------------------- 
-- BU-10 ------------------------------------------ 
WCONPROD 
P OPEN GRAT I* I*0 2* 500 
INCLUDE 
'.. /INCLUDE/Time-60days-2. txt'/ 
----------------------------------------------------- 
SAVE 
END 
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Total Compressibility & Storativity Ratio Determination 
(Detailed Method) 
Shown below (Table D-1) are generated live oil and wet gas PVT tables as a function 
of pressure for pressures below the dew point pressure. They were derived from the 
tuned MTGc equation of state and Whitson and Tron's, nrovedure.,, 
'MTGc Black Oil'PVT Data Table 
Generated from MTGc 19comp 3-P PR EOS 
Live Oil PVT Properties (Dissolved Gas) Wet Gas PVT Properties (Vapourised Oil) onsaturation 
Pressure Rs Bo Viscosity Rv Bg Viscosity So 
psia Mscf/stb rb/stb cp stb/Mscf rb/Mscf cp fraction 
473 0.123 1.2497 0.3514 0.0120 7.1380 0.01440 0.216 
1364 0.4644 1.4441 0.2274 0.0101 2.2937 0.01645 0.250 
2156 0.8493 1.6701 0.1747 0.0246 1.3863 0.02018 0.275 
2767 1.1981 1.8627 0.1627 0.0463 1.0878 0.02483 0.277 
3230 1.4983 2.0236 0.1406 0.0666 0.9567 0.02967 0.273 
3706 1.8429 2.2070 0.1279 0.0910 0.8781 0.03512 0.255 
4194 2.3063 2.4602 0.1112 0.1205 0.8331 0.04197 0.216 
4696 2.9118 2.8094 0.0931 0.1556 0.8199 0.05010 0.060 
4726 3.2404 3.000 0 0.0854 0.1739 0.8231 0.06433 0.030 
4835 3.2645 3.0071 0.0854 0.1800 0.8200 0.06000 0.000 
Table D-1: Live oil and wet gas properties generated from tuned EOS. 
Total Compressibility Evaluation 
Total Compressibility (Ct, ) Equation: 
S9 - dBg 
+ 
dRv BO - R, Bg 
Bg dp dp I-R,, Rv 
tc S., 
0+[ 
dR,, ý B, ý +s 
dBo - RvBo 
B, [ dp L dp ýI-R, R, 
w 
(- 
w 
Water properties Rock properties 
Compressibility C., = 2. OOE-06 1 /psi 
I 
Compressibility Cf= 4.50E-06 1 /psi 
saturation s, -- 0.4 
l pressure(dew point)= 4835 psia 
Table D-2: MTGc rock and fluid properties. 
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Total Compressibility & Storativity Ratio Determination 
(Detailed Method) 
Pmean p Rv Bg (-dBgidP) dRv/dp Bo Rs dRs/dP (-dBo/dP) So Sg 
9.13500E+02 4.73000E+02 1.204OOE-02 7. i3800E+00 5.49864E-03 -2.17934E-06 1.24970E+00 1.230OOE-01 3.76163E-04 -2.20658E-04 2.160E-01 7.840E-01 
1.76460E+03 1.35400E+03 1.01200E-02 2.29370E+00 1.13408E-03, 1-80899E-06 1.44410E+00 4.644OOE-01 4.93009E-04 -2.82147E-04 2.600E-01 , 
7.600E-01 
2,46600E+03 2.1 6600E+03 2.461OOE-02 1.38630E+00 4.94186E-04 3.43622E-06 1.67010E+00 8.493OOE-01 5.79402E-04 -3.19934E-04 2.750E-01 7.250E-01 
2.99350E+03 2.75700E+03 4.529OOE-02 1.08780E+00 2.77167E-04 4.50740E-06 1.86270E+00 1.19810E+00 6.34672E-04 -3.39958E-04 2.770E-01 7.230E-01 
3.46000E+03 3.23000E+03 6-661OOE-02 9.56700E-01 1.65126E-04 5.12396E-061 2.02360E+00 1.49830E+00 7.23960E-04 -3.85504E-04 2.730E-01 7.270E-01 
3.96000E+03 3.70600E+03 9.100OOE-02 8.781OOE-01 9.22131E-05 6.04608E-061 2.20700E+00 1.84290E+00 9.47641 E'-04 -5.18862E-04 2.660E-01 7.450E-01 
4.3U5OE+03 4.19400E+03 1.205OOE-01 8.331OOE-01 3.29177E-05 8.76312E-06 2.46020E+00 2.30530E+00 1.61247E-03 -8.70823E-04 2.150E-01 7.850E-01 
4.66038E+03 4.59500E+03 1.56600E-01 8.199OOE-01 -2.44723E-05 1.39951E-04 2.80940E+00 2.911 80E+00 2.513OOE-031 -1.45763E-03 6. OOOE-02 9.400E-01 
4.78038E+03 4.72576E+03 1.73900E-01 8.231OOE-01 2.83779E-05 5.58403E-06 3. OOOOOE+00 3,24040E+00 2.20616E-04 -6.49944E-06 3. OOOE-02 9.700E-01 
4.83600E+03 4.83600E+03 1.80000E. 01 8.200OOE-01 0-00000E+00 O. OOOOOE+001 3.00710E+00 3.26460E+00 O. OOOOOE+00 
I 
O. OOOOOE+00 O. OOOE+00 I I OOOE+001 
Pmean p SO-RsSg I-Rs*Rv 
(so- 
RsEig)](I. 
Rs*Rv) 
dRv/dP(So 
RsBg)/(I. 
RsRv)) 
Sg-RvSO 
I 
I -RsRv 
(Bg- 
RvSo)/(I. 
RsRv) 
dRs/dP*(Bg. 
RvBo)/(I- 
RsRv) 
Sg/Bg[- 
dEgidP+(d 
Rv/dP*(Bo- 
RsBg)/(l. 
RsRv))] 
SOISO[- 
dSoldP+(dR 
s/dP*(Bg- 
RvBo)/(I- 
RsRv))] 
9.13500E+02 4.73000E+02 3.71726E-01 9.98519E-01 3.72277E-01 -8A1319E-07 7.12295E+00 9.98519E-01 7.13352E+00 2.68337E-03 6.03852E-04 4,25659E-04 
1.75460E+03 1.35400E+03 4.01WE-01 9.954OIE-01 4.03699E-01 7.30287E-06 2,27909E+00 9.96401E-01 2.28961 E+00 1.12880E-03 3.73213E-04 1,46571E-04 
2.45600E+03 2.15500E+03 4.93566E-01 9.79099E-01 5.041OIE-01 1.7317CE-05 l. U420E+00 9.79099E-01 1.37289E+00 7.95458E-04 2.67696E-04 7.83002E-05 
2.99350E+03 2.75700E+03 5.59407E-01 9.45738E-01 5.91503E-01 2.66614E-05 1.00344E+00 9.4573SE-01 1.06101E+00 6.73394E-04 2.01938E-04 4.96850E-06 
3.46800E+03 3.23000E+03 5.90076E-01 9.00198E-01 6.55496E-01 3.35873E-05 8.21915E-01 9.00198E-01 9.13037E-01 6.60993E-04 1.51003E-04 3.71675E-05 
3.96000E+03 3.70600E+03 5.887SOE-01 8.32296E-01 7.0738GE-01 4.27617E-05 6.77263E-01 8.32296E-01 8.13728E-01 7.71041 E-04 1.14516E-04 2,91382E-05 
4.3U6OE+03 1 4.19400E+03 5.39656E-01 7.22211E-01 7.47226E-01 6.64065E-06 5.36646E-01 T22211E-01 7.43059E-01 1.12386E-03 9.26464E-06 2.21127E-o6l 
4.66038E+03 4.59500E+03 4.22015E-01 5.46924E-01 7,71616E-01 1.07989E-04 3,82757E-01 6,46924E-01 6.99837E-01 1.75869E-03 9.57498E-05 6.42965E-06 
4.78038E+03 4.72576E+03 3.32827E-01 4.3604E-01 7.62499E-01 4.25782E-06 3.014OOE-01 4.36494E-01 6.90601E-01 1.52336E-04 8.36197E-06 8.73406E-07 
4.83500E+03 4.83500E+031 3.3021 OE-01 I 4.12390E-01 I 8.00723E-01 I O. OOOOOE+001 2.78722E-01 4.12390E-01, 6.75870E-01 I O. OOOOOE+001 D. OOOOOE+00 O. OOOOOE+00 
Pmean p 
Hydrocarbon 
(oil and gas) 
Ct CwetiCdry 
9.13500E+02 4.73000E+02 1.02951E-03 6.23006E-04 13.84 
1.75450E+03 1.35400E+03 5.19784E-04 3.17170E-04 7.05 
2.46600E+03 2.15500E+03 3.45996E-04 2.12898E-04 4.73 
2.99360E+03 2.76700E+03 2.51523E-04 1.56214E-04 3.47 
3.46800E+03 3.23000E+03 1.88171E-04 1.18202E-04 2.63 
3.95000E+03 3.70600E+03 1.43664E-04 9.14924E-06 2.03 
4.39460E+03 4.19400E+03 1.14759E-04 7.41555E-05 1.66 
4.66038E+03 4.59500E+03 1.02179E-04 6.66077E-05 1.48 
4.78038E+03 4.72576E+03 8.44931E-05 5.59959E-05 1.24 
4.83500E+03 4.83500E+03 O. OOOOOE+00 OE-05 1.00 
Table D-3: Total compressibility and compressibility ratio (wet: dry or region l: region2) calculations. 
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Simplification Storativity (Compressibility) Ratio Determination 
(Simplified Method) 
In homogenous reservoirs of uniform thickness, region porosities and thicknesses are identical and the storativity ratio simply becomes a compressibility ratio: 
[0c, h], /2 - 
C11 
C12 
The storativity ratio can be approximated as: 
C11 
Ypj 
(B P2 
[0c, h]11 2 Ca' 
Ct2 YP2 (4)), 
In the case when the oil and gas properties are not known, the storativity ratio can be 
approximated as: 
Where cj: region I compressibility 
Ct2: region 2 compressibility 
pl: flowing bottornhole pressure at shut-in 
P2: average reservoir pressure 
(B,, )dp: oil formation volume factor at the dew point 
(B,, ),: oil formation volume factor at pressure p, 
C,: correction factor 
Pressure 
psia 
B, 
rbistb 
(BO)d^ P21PI (Bo)dplBO*P2lPl Ca*(Bo)dplBo*P2lPl 
1354 1.4441 2.0823 3.81 7.942 8.736 
2155 1.6701 1.8006 2.40 4.315 4.746 
2757 1.8627 1.6144 1.87 3.024 3.326 
3230 2.0235 1.4861 1.60 2.376 2.613 
3706 2.2070 1.3625 1.39 1.899 2.088 
4194 2.4602 1.2223 1.23 1.505 1.655 
4595 2.8094 1.0704 1.12 1.203 1.323 
4726 3.0000 1.0024 1.09 1.095 1.205 
F(B-o)dp 
4835 1 
3.0071 1.0000 1- 
1.000 1.000 
Table D-4: Compressibility ratio calculations with and without correction iactor 
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Comparison of Detailed and Simplified Method 
Pressure % Diff erence Absolute Difference 
without with without with psia Correction Correction Correction Correction Ca=l. l Ca=l. l 
1354 
-12.7% -23.9% -0.9 -1.7 
2155 8.8% -0.3% 0.4 0.0 
2757 12.9% 4.2% 0.4 0.1 
3230 9.5% 0.5% 0.3 0.0 
3706 6.6% -2.7% 0.1 -0.1 
4194 8.7% -0.5% 0.1 0.0 
4595 18.7% 10.6% 0.3 0.2 
4726 12.0% 3.2% 0.1 0.0 
4835 0.0% 0.0% 0.0 0.0 
Table D-5: Comparison ofcompressibility ratio derived from the detailed and simplified method 
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W-7 Wireline Log Interpretation 
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Figure E- 1: W-7 Computer Processed Log Interpretation 
Appendix F 
W-7 Flow Period Durations and Analysis Rates 
Start End Duration Oil Gas 
Days Days Days STB/D ýiscf/D 
0 0.2598 0.2598 3000 13500 
0.2598 0.3959 0.1361 6360 28620 
0.3959 0.4584 0.0625 4885 21983 
0.4584 1.4042 0.9458 0 0 
1.4042 1.5632 0.159 2730 12285 
1.5632 1.5841 0.0209 0 0 
1.5841 2.2619 0.6778 0 0 
2.2619 2.4283 0.1664 2000 9000 
2.4283 2.5947 0.1664 3000 13500 
2.5947 7.2621 4.6674 3500 15750 
7.2621 132.0001 124.738 0 0 
132.0001 525.0001 393 0 0 
525.0001 556.4704 31.4703 0 0 
556.4704 558.1991 1.7287 1500 7500 
558.1991 560.4334 2.2343 3000 15000 
560.4334 560.4376 0.0042 0 0 
560.4376 560.4441 0.0065 3300 16500 
560.4441 560.4571 0.013 2200 11000 
560.4571 560.4631 0.006 3622 18110 
560.4631 560.4738 0.0107 2200 11000 
560.4738 560.5358 0.062 0 0 
560.5358 560.5589 0.0231 800 4000 
560.5589 560.6621 0.1032 1300 6500 
560.6621 560.9556 0.2935 3200 16000 
560.9556 561.0977 0.1421 900 4500 
561.0977 561.112 0.0143 3000 15000 
561.112 561.1671 0.0551 700 3500 
561.1671 565.2615 4.0944 2800 14000 
565.2615 565.4087 0.1472 2600 13000 
565.4087 565.8675 0.4588 0 0 
565.8675 566.305 0.4375 3000 15000 
566.305 566.4351 0.1301 0 0 
566.4351 569.7541 3.319 2800 14000 
569.7541 569.8134 0.0593 0 0 
569.8134 570.9866 1.1732 2900 14500 
570.9866 571.0528 0.0662 0 0 
571.0528 571.3759 0.3231 2900 15660 
571.3759 571.4245 0.0486 0 0 
571.4245 571.4389 0.0144 1000 5400 
571.4389 571.4759 0.037 1800 9720 
571.4759 571.5171 0.0412 2300 12420 
571.5171 573.7643 2.2472 2800 15120 
573.7643 573.8856 0.1213 0 0 
573.8856 574.0597 0.1741 2800 15120 
574.0597 574.593 0.5333 2900 15660 
574.593 574.6356 0.0426 3000 16200 
574.6356 574.6833 0.0477 3000 16200 
Start End Duration Oil Gas 
Days Days Days STB/D Mscf/D 
574.6833 576.3222 1.6389 3000 16200 
576.3222 576.4203 0.0981 0 0 
576.4203 576.4393 0.019 500 2700 
576.4393 576.4541 0.0148 1200 6480 
576.4541 576.4685 0.0144 2200 11880 
576.4685 576.6856 0.2171 3000 16200 
576.6856 578.4574 1.7718 3100 16740 
578.4574 578.5106 0.0532 0 0 
578.5106 580.6703 2.1597 2800 15120 
580.6703 580.7064 0.0361 0 0 
580.7064 580.7332 0.0268 2800 15120 
580.7332 580.7517 0.0185 0 0 
580.7517 581.3707 0.619 2800 15120 
581.3707 581.5934 0.2227 3200 17280 
581.5934 581.673 0.0796 3500 18900 
581.673 587.2748 5.6018 3600 19440 
587.2748 588.4623 1.1875 3900 21060 
588.4623 588.6345 0.1722 0 0 
588.6345 589.5174 0.8829 3900 21060 
589.5174 589.6345 0.1171 0 0 
589.6345 596.2715 6.637 3900 21060 
596.2715 596.3942 0.1227 0 0 
596.3942 599.296 2.9018 3900 21060 
599.296 599.5289 0.2329 3950 21330 
599.5289 600.2928 0.7639 4200 22680 
600.2928 601.6071 1.3143 4000 21600 
601.6071 601.6525 0.0454 0 0 
601.6525 601.6608 0.0083 2800 15120 
601.6608 601.6775 0.0167 3500 18900 
601.6775 601.7437 0.0662 0 0 
601.7437 602.0437 0.3 4000 21600 
602.0437 605.5993 3.5556 0 0 
605.5993 607.4937 1.8944 4000 21600 
607.4937 607.5261 0.0324 0 0 
607.5261 609.7354 2.2093 4000 21600 
609.7354 609.7622 0.0268 0 0 
609.7622 613.0002 3.238 4000 21600 
613.0002 614.6122 1.612 0 0 
614.6122 618.4576 3.8454 4000 21600 
618.4576 618.4993 0.0417 0 0 
618.4993 623.3243 4.825 4000 21600 
623.3243 623.3549 0.0306 0 0 
623.3549 625.804 2.4491 4000 21600 
625.804 626.7304 0.9264 0 0 
626.7304 628.4772 1.7468 4000 21600 
628.4772 628.6045 0.1273 0 0 
628.6045 637.6898 9.0853 4000 21600 
Table F- 1: W-7 Flow period durations and analysis rates 
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W-7 Flow Period Durations and Analysis Rates 
Start End Duration Oil Gas 
Days Days Days STB/D Mscf/D 
637.6898 637.7804 0.0906 0 0 
637.7804 638.3015 0.5211 4000 21600 
638.3015 638.3293 0.0278 0 0 
638.3293 639.6236 1.2943 4000 21600 
639.6236 639.6786 0.055 0 0 
639.6786 640.7443 1.0657 3500 18900 
640.7443 640.7871 0.0428 0 0 
640.7871 641.351 0.5639 3500 18900 
641.351 641.6748 0.3238 4500 24300 
641.6748 646.4205 4.7457 3500 18900 
646.4205 652.3997 5.9792 2500 13500 
652.3997 656.5247 4.125 3500 18900 
656.5247 656.5646 0.0399 4700 25380 
656.5646 656.6022 0.0376 4400 23760 
656.6022 656.6352 0.033 3500 18900 
656.6352 656.6702 0.035 2500 13500 
656.6702 656.6876 0.0174 1200 6480 
656.6876 659.3366 2.649 3600 20880 
659.3366 665.626 6.2894 2500 14500 
665.626 665.6677 0.0417 0 0 
665.6677 667.3668 1.6991 2500 14500 
667.3668 667.3711 0.0043 0 0 
667.3711 668.7305 1.3594 2500 14500 
668.7305 668.7626 0.0321 0 0 
668.7626 669.49 0.7274 2500 14500 
669.49 669.5273 0.0373 0 0 
669.5273 669.5334 0.0061 1000 5800 
669.5334 669.545 0.0116 700 4060 
669.545 669.5696 0.0246 2500 14500 
669.5696 669.6376 0.068 0 0 
669.6376 669.7334 0.0958 2500 14500 
669.7334 669.7901 0.0567 0 0 
669.7901 670.3743 0.5842 2500 14500 
670.3743 670.5187 0.1444 2800 16240 
670.5187 670.5792 0.0605 4000 24000 
670.5792 670.6625 0.0833 4200 25200 
670.6625 671.3876 0.7251 2300 13800 
671.3876 671.5004 0.1128 0 0 
671.5004 671.8546 0.3542 2300 13800 
671.8546 671.9119 0.0573 0 0 
671.9119 672.2611 0.3492 2300 13800 
672.2611 672.5377 0.2766 0 0 
672.5377 673.5909 1.0532 2300 13800 
673.5909 673.6624 0.0715 3500 21000 
673.6624 682.5886 8.9262 2300 13800 
682.5886 686.3875 3.7989 2700 16200 
686.3875 686.4323 0.0448 0 0 
Start End Duration Oil Gas 
Days Days Days STB/D Mscf/D 
686.4323 687.2202 0.7879 2700 16740 
687.2202 687.377 0.1568 0 0 
687.377 687.5326 0.1556 3500 21700 
687.5326 687.627 0.0944 0 0 
687.627 688.2549 0.6279 2300 14260 
688.2549 688.7973 0.5424 0 0 
688.7973 690.4367 1.6394 1800 11160 
690.4367 691.4093 0.9726 2300 14260 
691.4093 692.7728 1.3635 1800 11160 
692.7728 694.4325 1.6597 2300 14260 
694.4325 694.6082 0.1757 0 0 
694.6082 697.3428 2.7346 1800 11160 
697.3428 697.3763 0.0335 0 0 
697.3763 697.3871 0.0108 200 1240 
697.3871 697.4536 0.0665 1800 11160 
697.4536 697.5211 0.0675 2400 14880 
697.5211 697.5841 0.063 3200 19840 
697.5841 697.6518 0.0677 3400 21080 
697.6518 700.9613 3.3095 1800 11160 
700.9613 703.4082 2.4469 0 0 
703.4082 703.9547 0.5465 1800 11160 
703.9547 706.354 2.3993 1800 11160 
706.354 706.7191 0.3651 0 0 
706.7191 710.6944 3.9753 2100 13020 
710.6944 714.3373 3.6429 2600 16120 
714.3373 714.4481 0,1108 0 0 
714.4481 716.3479 1.8998 2160 13392 
716.3479 717.4458 1.0979 1440 8928 
717.4458 718.2998 0.854 0 0 
718.2998 719.3298 1.03 1980 12276 
719.3298 720.302 0.9722 2250 13950 
720.302 721.3126 1.0106 2520 15624 
721.3126 721.6435 0.3309 1440 8928 
721.6435 722.4617 0.8182 1800 11160 
722.4617 724.3775 1.9158 1440 8928 
724.3775 725.6709 1.2934 900 5580 
725.6709 726.3327 0.6618 1440 8928 
726.3327 726.427 0.0943 1800 11160 
726.427 726.59 0.163 1980 12276 
726.59 726.8522 0.2622 2160 13392 
726.8522 728.4305 1.5783 1080 6696 
728.4305 728.5742 0.1437 1620 10044 
728.5742 728.6631 0.0889 1800 11160 
728.6631 728.7096 0.0465 2160 13392 
728.7096 729.2645 0.5549 2700 16740 
729.2645 737.2767 8.0122 3800 23560 
737.2767 740.6611 3.3844 1800 11160 
Table F-I (Contd. ): W-7 Flow period durations and analysis rates 
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Appendix F (Continued) 
W-7 Flow Period Durations and Analysis Rates 
Start End Duration 
- 
Oil Gas 
Days Days i5ays STB/D -ýiscf/D 
740.6611 741.5512 6.8901 -0 -0 
741.5512 744.9998 3.4486 3537 21931 
744.9998 745.9998 1 0 0 
745.9998 755.9998 10 4698 29129 
755.9998 756.9998 1 0 0 
756.9998 783.9998 27 5000 31000 
783.9998 839.9998 56 0 0 
839.9998 852.9998 13 4045 20225 
852.9998 853.9998 1 0 0 
853.9998 863.9998 10 4505 22523 
863.9998 867.9998 4 0 0 
867.9998 869.9998 2 987 4937 
869.9998 930.9998 61 0 0 
930.9998 933.9998 3 2524 15584 
933.9998 937.9998 4 0 0 
937.9998 938.9998 1 2542 15697 
938.9998 949.9998 11 0 0 
949.9998 950.9998 1 659 4070 
950.9998 954.9998 4 0 0 
954.9998 957.9998 3 1314 8113 
957.9998 960.9998 3 0 0 
960.9998 966.9998 6 3564 22008 
966.9998 967.9998 1 0 0 
967.9998 989.9998 22 3256 20105 
989.9998 998.9998 9 0 0 
998.9998 1028.9998 30 3616 22331 
1028.9998 1056.9998 28 2613 16138 
1056.9998 1111.9998 55 3616 22331 
1111.9998 1122.4188 10.419 4200 25935 
1122.4188 1122.4898 0.071 0 0 
1122.4898 1122.5697 0.0799 1274 8278 
1122.5697 1122.6186 0.0489 1774 11533 
1122.6186 1122.6838 0.0652 1892 12299 
1122.6838 1122.7016 0.0178 1683 10939 
1122.7016 1123.3786 0.677 1337 8691 
1123.3786 1124.4418 1.0632 1251 8130 
1124.4418 1124.445 0.0032 1137 7391 
1124.445 1124,471 0.026 1401 9109 
1124.471 1124.5877 0.1167 1170 7605 
1124.5877 1124.7092 0.1215 1071 6964 
1124.7092 1126.333 1.6238 1500 9750 
1126.333 1126.4648 0.1318 2246 14600 
1126.4648 1128.0013 1.5365 1500 9750 
1128.0013 1135.4563 7.455 0 0 
Table F- I (Contd. ): W-7 Flow period durations and analysis rates 
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Append& F (Continued) 
W-7 Production History Plot 
W-7 (MTGc) Production History 
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Figure F-1: W-7 Flow production history 
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Appendix G 
Storativity Ratio Calculation for Well W-7 Well Test Interpretation 
Appendix B details the storativity ratio calculations and comparisons of the detailed and simplified 
methods. 
The simplified storativity ratio is expressed as: 
[0c, h] /2 
--ý 
C', PI (B,, )dP 
C12 
where Ct 1: region I compressibility 
CC: region 2 compressibility 
PI: final bottomhole flowing pressure 
P2: average reservoir pressure 
(Bo)dp: 
oil formation volume factor at the dew point 
(B, ),: oil formation volume factor at pressure p, 
Based on the experimentally derived fluid parameters and matched EOS (MTGc Fluid, Section 3.2.2), 
the calculated storativity ratios over the pressure range of interest are tabulated below in Table G-1 and 
plotted in Figure G-1. 
Pressure 
psia 
B,, 
rb/stb 
(B. )dl, /B,, P2/Pl 
(Ileth)wet/dry 
1354 1.4441 2.0823 3.81 7.942 
2155 1.6701 1.8006 2.40 4.315 
2757 1.8627 1,6144 1.87 3.024 
3230 2.0235 1.4861 1.60 2.376 
3706 2.2070 1.3625 1.39 1.899 
4194 2.4602 1.2223 1.23 1.505 
4595 2.8094 1.0704 1.12 1.203 
4726 3.0000 1.0024 1.09 1.095 
4835 1 3.0071 1.0000 1 
1.00 1.000 
Table G-1: Well W-7 (MTGc) storativity calculations 
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Figure G-1: Well W-7 (MTGc) storativity versus pressure plot 
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G-1 
FP9 (DD) Analysis Parametersq Diagnosis and Results 
Region Definitions: 
Regiont: Region with initial gas saturation - single phase gas stabilisation Region2: Liquid drop-out region - reduced gas mobility (dominant regionfor analysis) Region3: Reservoir with reduced permeability (by a factor of 5) far away from the wellbore 
Derivative Diagnosis: 
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Figure G-2: FP9 (DD) Pressure history and derivative diagnosis 
10 
Analysis Parameters 
Final bottomhole flowing pressure at the end of the drawdown (FP9): 4500.6 psia 
From Figure G-1, the estimated storativity ratio ((pc, h)2/1 = 1.25, therefore ((pcth)1/2 = 0.80 and ((pc, h)2/3 
0.88 determined by regression matching and consistent with Fl? 11. 
Based field wide petrophysical analysis (Burlington 2003) the estimated input mobility ratio (kh/ýt)1/3 =5 
and based on the approximate derivative stabilisations (kh/ýt)1/2 = 1.33 , which gives 
(kh/[02/3 = 3.76 
Interpretation Results: 
I 
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Figure G-3: FP9 (DD) Interpretation results 
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G-2 
FPI I (BU) Analysis Parametersq Diagnosis and Results 
Region Definitions: 
Region I: Near wellbore - Liquid drop-out region 
Region2: Reservoir at initial gas saturation (dominant regionfor analysis) Region3: Reservoir with reduced permeability (by a factor of 5) far away from the wellbore 
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Figure G-4: FP II (BU) Pressure history and derivative diagnosis 
Ana ysis ararneters 
Final bottomhole flowing pressure (BHFP) at the end of preceding drawdown (FP10): 4237.9 psia 
From Figure G-1, the estimated storativity ratio ((pcth)1/2 ý 1.47, and ((pc, h)2/3= 0.88 determined by 
regression matching and consistent with FP9. 
Based field wide petrophysical analysis (Burlington 2003) the estimated input mobility ratio (kh/ýt)1/3= 5 
and based on the approximate derivative stabilisations (kh/ýt)1/2 ý 1.33 , which gives 
(kh/02/3= 3.76 
InterDretation Results: 
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Figure G-5: FP II (BU) Interpretation results 
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Derivative Diagnosis: 
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G-3 
FP32 - FP 232 (BU) Analysis Parameters, Diagnosis and Results 
Region Definitions: 
Region I: Near wellbore - Liquid drop-out region 
Region2: Reservoir at initial gas saturation (dominant regionfor analysis) 
Region3: Reservoir with reduced permeability (by a factor of 5) far away from the wellbore 
Analysis Parameters 
BU32: Final BHFP at the end of preceding drawdown (171331): 3949.1 psia 
BU43: Final BHFP at the end of preceding drawdown (FP42): 3875.0 psia 
BU65: Final BHFP at the end of preceding drawdown (FP64): 3097.3 psia 
BU79: Final BHFP at the end of preceding drawdown (FP78): 2801.3 psia 
BU85: Final BHFP at the end of preceding drawdown (FP84): 2744.6 psia 
BU 16 1: Final BHFP at the end of preceding drawdown (FP 160): 3457.2 psia 
BU 164: Final B HFP at the end of preceding drawdown (FP 163): 33 50.9 psia 
BU 189: Final BHFP at the end of preceding drawdown (FP 188): 3291.2 psia 
BU232: Final BHFP at the end of preceding drawdown (FP231): 2931.5 psia 
From Figure G- I 
BU32: (9c, h)1/2 ý 
BU43: ((pcth)1/2 ý 
BU65: (ycth)1/2 ý 
BU79: (9cth)1/2 ý 
BU85: ((pcth)1/2 ý 
BU161: (gcth)1/2 
BU164: (ycth)1/2 
BU 189: ((pcth)1/2 
BU232: (gcth)1/2 
the estimated storativity ratios [(yc, h)1/2] are: 
1.70 
1.77 
2.56 
2.96 
3.05 
= 2.15 
= 2.26 
= 2.32 
= 2.79 
The mobility ratio [(kh/g)1/21 were determined based on approximate ratios of the 
derivative 
stabilisations and then regressed for match fitting. 
Based field wide petrophysical analysis (Burlington 2003) the estimated input mobility ratio 
(kh/11)2/3= 5 
and the storativity ratios [(ycth)2/3]were determined by regression match 
fitting. 
Interpretation Results: 
The interpretation results of all analysed build-ups are show below in Figures 
G-6 to G-14 
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Figure G-6: F PII (BU) Interpre tation results 
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Figure G-7: FP32 (BU) Interpretation results 
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Log-Log Match - Flow Period 43 
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Figure G-8: FP43 (BU) Interpretation results 
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Figure G-9: FP65 (BU) Interpretation results 
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Simulation (Variable Skin) - Flow Period 43 
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F igure G- 10: FP79 (BU) Interpretation results 
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Figure G- 11: FP85 (BU) Interpretation results 
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Simulation (Variable Skin) - Flow Period 79 
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Figure G- 12: FP 161 (BU) Interpretation results 
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Figure G- 13: FP 164 (BU) Interpretation results 
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Figure G-14: FP189 (BU) Interpretation results 
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Figure G- 15: FP232 (BU) Interpretation results 
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G-4 
W-7 Deconvolution of Analysed Flow Periods: 
FP32, FP43, FP65, FP79, FP85, FP161, FP164, FP 232 
The deconvolution was carried out using the entire production rate history. Two variations of 
input pressures were used for the deconvolution: 
1. ) The build-up pressure of only the analysed flow period 
2. ) The build-up pressure of the analysed flow period and prior build-ups 
Shown in Figures G- 15 to G-24 are log-log comparisons of the observed build-up derivatives 
and the corresponding deconvolved derivatives constrained by an initial pressure of 5164psi. 
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Figure G-15: Comparison of cleconvolved derivative and observed build-up derivative 
(BU 32) 
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Figure G-16: Comparison of cleconvolved derivative and observed build-up derivative (BU 43) 
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Figure G- 17: Comparison of deconvolved derivative and observed build-up 
derivative (BU 65) 
223 
1 
0.01 
m E 
0 
Z 
0 Observed Data (FP 79 Build-up Derivative) 
-, &-#(1-232)[79](4-60912E+05)5164ý00 
-0, -#(1-232)(79](4.60912E+06)5164.00 0.1 
1 0,001 
0.0001 1 
0.001 0.01 0.1 1 10 100 
Elapsed Time (hrs) 
1000 10000 100000 
Figure G- 18: Comparison of cleconvolved derivative and observed build-up derivative (BU 79) 
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Figure G- 19: Comparison of cleconvolved derivative and observed build-up derivative 
(BU 85) 
224 
1 1--- 
0.1 1 
'm 0.01 
0 0 
(0 E 
0 Z 
0.001 
0.0001 1 
0.001 
0 Observed Data (FP161 Build-up Derivative) 
#(1 -232)[161 ]{9.09907E+05)5164.00 
#(1 -232)[161 1{9.09907E+0615164.00 
0.01 0.1 10 100 
Elapsed Time (hrs) 
1000 10000 100000 1 
Figure G-20: Comparison of cleconvolved derivative and observed build-up derivative (BU 161) 
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Figure G-21: Comparison of cleconvolved derivative and observed build-up derivative (BU 
164) 
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Figure G-22: Comparison of cleconvolved derivative and observed build-up derivative (BU 189) 
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Figure G-23: Comparison of cleconvolved derivative and observed build-up derivative 
(BU 232) 
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Appendix H 
Volatile Oil and Lean Gas Model Parameters 
H-1 Volatile Oil Model Parameters 
Reservoir Parameters 
Porosity Permeability Net Thickness kv/kh Initial Pressure Bubble-point 
% md ft fraction psi psi 
15 10 100 0.1 4852 4076 
Table H-1: Volatile oil reservoir parameters 
Gas-Oil Relative Permeability 
Gas - Oil Relative Permeability 
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Figure H-1: Volatile oil gas-oil relative permeability 
Capillary Number Parameters 
VDKRO 
M NI N2 Ncb a 
0 4 -1.5 2. OOE-07 
0 
VDKRG 
M N2 Ncb a 
50 3 -1.5 2. OOE-06 0 
Table H-2: Volatile oil capillary number parameters 
bcd Betad 
0001* 
bcd Betad 
0001* 
227 
H-2 Lean Gas Model Parameters 
Reservoir Parameters 
Porosity Permeability Net Thickness kv/kh Initial Pressure Dew point 
% md ft fraction psi psi 
15 10 100 0.1 5850 5815 
Table H-3: Lean gas condensate reservoir parameters 
Gas-Oil Relative Permeability 
1 
0.8 
0.6 
0.4 
1 0.2 
0' 
0 0.1 0.2 0.3 0.4 0.5 
Gas Saturation (Sg) 
0.6 0.7 
Table H-2: Lean gas condensate gas-oil relative perrneability 
Capillary Number Parameters 
VDKRO 
M NI N2 Ncb a b c d Betad 
79.62 24.2 0 1.00E-06 0 0 0 0 1* 
VDKRG - 
M NI N2 Ncb a b C d 
Betad 
* 
23.89 6.23 0 1.00E-03 1.57E-03 5.5 5.5 0.5 
1 
Table H-3: Lean gas condensate capillary number parameters 
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Gas - Oil Relative Permeability 
